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Foreword

This assessment responds to requests by the House Committees on Banking,
Finance, and Urban Affairs; Energy and Commerce; and Science and Technology for
an evaluation of the economic, regulatory, and institutional barriers to the develop-
ment of cogeneration systems by utilities, industries, and businesses. This report com-
plements a forthcoming OTA analysis of Industrial Energy Use in evaluating the poten-
tial for onsite energy production in industry. The findings also will serve as part of the
material to be used in future OTA assessments of other electricity-generating technol-
ogies.

The report describes the available and promising future cogeneration technologies,
including their likely costs and operating characteristics, and reviews the potential ap-
plications for these technologies in industry, commercial buildings, and rural/agricultural
areas. It also describes the technical requirements for interconnecting cogeneration
systems with the utility grid, and discusses advanced combustion and conversion tech-
nologies (fluidized bed and gasification systems) that will enable cogenerators to use
fuels other than oil and natural gas. The analysis of cogeneration’s market potential
focuses on the competitiveness of cogeneration when compared to investments in con-
servation or in conventional separate thermal and electric energy systems (e.g., an in-
dustrial boiler and a central station utility powerplant). In addition, the report examines
the possible effects of the widespread use of cogeneration systems on utilities and their
ratepayers, and on air quality. Several options for changes in Federal policy in order
to enhance cogeneration’s market potential, to optimize its ability to displace oil and
natural gas, and to mitigate its possible adverse economic and environmental impacts
are discussed.

We are grateful for the assistance of the project advisory panel and the advice of
numerous individuals in utilities, industry, State governments, trade associations, and
universities. Also the contributions of several contractors, who performed background
analyses, are gratefully acknowledged.

JOHN H. GIBBONS
Director
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Chapter 1
Overview

INTRODUCTION

A major focus of the current energy debate is
how to meet the future demand for electricity
while reducing the Nation’s dependence on im-
ported oil. Conservation in buildings and in-
dustry, and conversion of utility central station
capacity to alternate fuels will play a major role
in reducing oil use in these sectors. But cost-
effective conservation measures can only go so
far, and the industrial and commercial sectors
ultimately will have to seek alternative sources
of energy. Moreover, electric utilities may face
financial, environmental, or other constraints on
the conversion of their existing capacity to fuels
other than oil, or on the construction of new alter-
nate-fueled capacity.

A wide range of alternate fuels and conversion
technologies have been proposed for the indus-
trial, commercial, and electric utility sectors. One
of the most promising commercially available
technologies is cogeneration. Cogeneration sys-
tems produce both electrical (or mechanical)
energy and thermal energy from the same pri-
mary energy source. Cogeneration systems
recapture otherwise wasted thermal energy, usu-
ally from a heat engine producing electric power
(i.e., a steam or combustion turbine or diesel en-
gine), and use it for applications such as space
conditioning, industrial process needs, or water
heating, or use it as an energy source for another
system component. This “cascading” of energy
use is what distinguishes cogeneration systems
from conventional separate electric and thermal
energy systems (e.g., a powerplant and a low-
pressure boiler), and from simple heat recovery
strategies. Thus, conventional energy systems
supply either electricity or thermal energy while
a cogeneration system produces both. The auto-
mobile engine is a familiar cogeneration system
as it provides mechanical shaft power to move
the car, produces electric power with the alter-
nator to run the electrical system, and uses the
engine’s otherwise wasted heat to provide com-
fort conditioning in the winter.

Cogeneration is an old and proven practice.
Between the late 1880’s and early 1900’s, oil- and
gas-fired cogeneration technologies were increas-
ingly used throughout Europe and the United
States. In 1900, over 59 percent of total U.S. elec-
tric generating capacity was located at industrial
sites (not necessarily cogenerators) (see fig. 1).
Because electric utility service during this period
was limited in availability, unreliable, unregu-
lated, and usually expensive, this onsite genera-
tion provided a cheaper and more reliable source
of power. However, as the demand for electric-
ity increased rapidly and reliable electric service
was extended to more and more areas in the early
1900’s, as the price of utility-generated electric-
ity declined, and as electric generation became
a regulated activity, industry gradually began to
shift away from generating electric energy onsite.
By 1950, onsite industrial generating capacity ac-
counted for only about 17 percent of total U.S.
capacity, and by 1980 this figure had declined
to about 3 percent. At the same time, cogenera-
tion’s technical potential (the number of sites with
a thermal load suitable for cogeneration) has
been increasing steadily.

There has been a resurgence of interest in re-
cent years in cogeneration for industrial sites,
commercial buildings, and rural applications. A
cogenerator could provide enough thermal ener-
gy to meet many types of industrial process
needs, or to supply space heating and cooling
and water heating for a variety of different com-
mercial applications, while supplying significant
amounts of electricity to the utility grid. Because
cogenerators produce two forms of energy in one
process, they will provide substantial energy sav-
ings relative to conventional separate electric and
thermal energy technologies. Because cogener-
ators can be built in small unit size (less than 1
megawatt (MW)) and at relatively low capital cost,
they could alleviate many of the current prob-
lems faced by electric utilities, including the dif-
ficulty of siting new generating capacity and the
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Figure |.—Historical Overview of Electricity.Generating Capacity,
Consumption, and Price, 190240
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Industry: 1980(Washington, D.C.: Edison Electric Institute, 1961); Historical Statistics of the United States, Co.-
lonial Times to 1970: Part 2 (Washington, D.C.: U.S. Government Printing Off Ice, 1976).
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high interest costs currently associated with
financing large powerplants. The small size of
cogeneration systems also may be attractive as
a form of insurance against short-term fluctuations
in electricity demand growth (in lieu of the cost-
ly overbuilding of central station powerplants).
However, if cogenerators are not designed and
sited carefully, and if their operation is not coor-
dinated with that of the electric utilities, they also
have the potential to increase oil consumption,
contribute to air quality problems in urban areas,
and increase the cost of electric power.

Congress has expressed considerable interest
in decentralized energy systems and in cogenera-
tion. Cogeneration is a major issue in the National
Energy Act of 1978, parts of which were designed
to remove existing regulatory and institutional ob
stacles to cogeneration and to provide economic
incentives for its implementation. In addition, the
House Energy and Commerce Committee, the
House Science and Technology Committee, and
the Senate Energy and Natural Resources Com-
mittee have held hearings on cogeneration, and
several committees in both Houses of Congress
have held hearings on the general concept of
decentralized energy systems.

The House Committee on Banking, Finance,
and Urban Affairs requested that OTA undertake
a study of small electricity-generating equipment.
The request expressed concern that “considera-
tions of energy policy have not taken adequately
into account the possibilities for decentralizing
part of America’s electrical generating capabilities
by distributing them within urban and other com-
munities.” Citing the financial problems currently
faced by electric utilities and the availability of
a wide range of new generating technologies, the
committee requested “a careful examination of
the role that small generating equipment could
play and the economic, environmental, social,
political, and institutional prerequisites and im-
plications of greater utilization of such equip-
merit.” In 1981, the House Energy and Com-
merce, and Science and Technology Committees
wrote letters to OTA reaffirming congressional in-
terest in a study that would provide a better
understanding of the economic, regulatory, and
institutional barriers to the development of cogen-

eration and small power production by utilities,
industries, and businesses.

In response to these requests, OTA undertook
this assessment of cogeneration technologies. The
assessment was designed to answer four general
questions:

1. Under what circumstances are cogeneration
technologies likely to be economically at-
tractive and on what scale, and what is the
potential for new technologies in the future?

2. How much electric power is economically
or technically feasible for cogeneration to
contribute to the Nation’s energy supply?

3. What are the economic, environmental, so-
cial, and institutional impacts of cogenera-
tion?

4. What policy measures would accelerate or
retard the use of cogeneration systems?

In order to answer these questions, this report
reviews the features of the Nation’s energy pic-
ture (e.g., supply of and demand for fuels and
electricity) and of the electric power industry that
may affect decisions to invest in cogeneration
systems; describes the major technologies suit-
able for cogeneration applications; analyzes the
impacts of industrial and commercial cogenera-
tion on utility planning and operations, on fuel
use, and on environmental quality; and discusses
the policy issues arising from existing legislation
or regulations related to cogeneration. Because
electric utilities are most likely to be affected
strongly by onsite generation, the technical, in-
stitutional, and policy analyses focus on the role
of utilities in such generation, and its effects on
their future planning and operations.

The main focus of the report is the use of co-
generation equipment in the industrial and com-
mercial sectors; promising rural applications are
discussed briefly. The cogeneration technologies
addressed in detail include steam and combus-
tion turbine topping cycle equipment as well as
combined-cycle systems, diesel topping cycles,
Rankine bottoming cycles, Stirling engines, and
fuel cells. Other small power production tech-
nologies (wind, solar electric, small-scale hydro)
originally were included in the scope of this
study. However, OTA found that reliable data on
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these technologies’ potential to produce electric-
ity are not yet available. Moreover, the inclusion
of four separate types of technologies made the
scope of the study too broad. Therefore, analy-
sis of these small power production systems has
been reserved for a subsequent OTA assessment
of electricity supply and demand in general.

Volume 10of this report is organized as follows:

* chapter 2 highlights the central issues sur-
rounding cogeneration and summarizes
OTA'’S findings on those issues;

+ chapter 3 reviews the context in which
cogenerators will operate, including the na-
tional energy situation, current electric utility
operations, and the regulation and financ-
ing of cogeneration systems;

+ chapter 4 presents an overview of the cogen-
eration technologies, including their oper-
ating and fuel use characteristics, projected
costs, and requirements for interconnection
with the utility grid;

® chapters analyzes the opportunities for co-
generation in industry, commercial build-
ings, and rural areas;

® chapter 6 assesses the impacts of cogenera-
tion on electric utilities’ planning and opera-
tions and on the environment, as well as on
general economic and institutional factors
such as capital requirements, employment,
and the decentralization of energy supply;
and

® chapter 7 discusses policy considerations for
the use of cogeneration technologies.

The appendices to volume | include a descrip-
tion of the model used to analyze commercial
cogeneration (ch. 5) and of the methods used to
calculate emissions balances for the air quality
analysis in chapter 6, as well as a glossary of terms
and a list of abbreviations used in the report.
Selected reports by contractors in support of
OTA’S assessment are presented in volume Il.

COGENERATION TECHNOLOGIES

The principal technical advantage of cogen-
eration systems is their ability to improve the
efficiency of fuel use. A cogeneration facility, in
producing both electric and thermal energy, usu-
ally consumes more fuel than is required to pro-
duce either form of energy alone. However, the
total fuel required to produce both electric and
thermal energy in a cogeneration system is less
than the total fuel required to produce the same
amount of power and heat in separate systems.
Relative efficiencies are portrayed graphically in
figure 2 for an oil-fired steam electric plant, an
oil burning process steam system, and an oil-fired
steam turbine cogenerator with a high-pressure
boiler. It should be noted, that despite its relative
efficiency in fuel use, the fuel saved in cogenera-
tion will not always be oil. Only if a cogenerator
replaces separate technologies that burn oil and
would continue to do so for most of the useful
life of the cogenerator, will the fuel saved with
cogeneration be oil.

A wide range of technologies can be used to
cogenerate electric and thermal energy. Com-

mercially available technologies are steam tur-
bines, open-cycle combustion turbines, com-
bined-cycle systems, diesels, and steam Rankine
bottoming cycles. Advanced technologies that
may become commercially available within the
nexts to 1s years include closed-cycle combus-
tion turbines, organic Rankine bottoming cycles,
fuel cells, and Stirling engines. Solar cogenerators
(e.g., the therm ionic topping system) also are un-
der development, but are not discussed in this
report.

Cogeneration technologies are classified either
as “topping” or “bottoming” systems, depending
on whether electric or thermal energy is pro-
duced first. in a topping system—-the most com-
mon cogeneration mode—electricity is produced
first, and then the remaining thermal energy is
used for such purposes as industrial processes,
space heating and cooling, water heating, or even
the production of more electricity. Topping sys-
tems would form the basis for residential/com-
mercial, rural/agricultural, and most industrial
cogeneration applications. In a bottoming system,
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Figure 2.—Conventionai Eiectricai and Process Steam System Compared With a Cogeneratlon System
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DOE-FFU-1703, 1978).
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high-temperature thermal energy is produced first
for applications such as steel reheat furnaces,
glass kilns, or aluminum remelt furnaces. Heat
is extracted from the hot exhaust waste stream
and transferred to a fluid (generally through a
waste heat recovery boiler), which is then vapor-
ized by the waste heat to drive a turbine that pro-
duces electricity. The primary advantage of bot-
toming cycles is that they produce electricity with
waste heat (i.e., no fuel is consumed beyond that
needed in the industrial process), but their use
is limited to industries that need high-temperature
heat.

Cogeneration technologies vary widely in their
cost, energy output, efficiency, and other char-
acteristics (see table 1). The choice of cogenera-
tion equipment for a particular application will
depend on a number of considerations, includ-

ing:

® Thermal energy needs: How much heat/
steam is needed onsite and at what temper-

ature and pressure?

+ Electric energy needs: How much electrici-

ty is needed onsite and how much is to be
distributed to the grid?

Operating characteristics: Will the cogenera-
tor be operating all the time or only at cer-
tain times of the day or year?

Physical site /imitations: How much space
is available for the cogenerator and its aux-
iliary equipment (e.g., fuel handling and
storage)?

Air quality considerations: What are the
emission limitations onsite and can they be
accommodated through pollution controls
and stack height?

Fuel availabillty: Which fuels are readily
available, and will the cogenerator displace
oil or some other fuel?

Energy costs: What are the relative prices of
fuels for cogeneration (primarily natural gas
in the near term, but also coal, biomass, and
synthetic fuels) and of retail electricity?
Capital availability and costs: Will the
cogenerator be able to find attractive financ-

Table .—Summary of Cogeneration Technologies

Part-load
Full-load (at 50% load)
Average annual electric electric Total Net heat Electricity-to-
Fuels used availability efficiency efficiency heat rate rate steam ratio
Technology Unit size (present/possibie in future) (percent) (percent) (percent) (Btu/kwh) (Btu/kWh) (kWh/MMBtu)
A. Steam turbine 500 kw-100 MW  Natural gas, distillate, 90-95 14-28 12-25 12,200-24,000 4,5006,000 30-75
topping residual, coal, wood,
solid waste/coal- or bio-
mass-derived gases and
liquids.
B. Open-cycle gas 100 kW-100 MW  Naturai gas, distillate, 90-95 24-35 19-29 9,750-14,200 5,500-6,500 140-225
turbine topping treatad residual/coal- or
biomass-derived gases
and liquids.
C. Ciosed-cycle gas 500 kW-100 MW  Externally fired—can use 90-95 30-35 30-35 9,750-11,400 5,400-6,500 150-230
turbine topping most fuels.
D. Combined gas 4 MW-100 MW Naturai gas, distillate, 77-65 34-40 25-30 8,000-10,000 5,000-6,000 175-320
turbine/steem residual/coal- or biomass-
turbine topping derived gases and liquids,
E. Diesel topping 75 kW-30 MW Natural gas, distillate, 60-90 33-40 32-39 8,300-10,300 6,000-7,500 350-700
treated residual/coal- or
biomass-derived gases
and liquids, slurry or
powdered coals.
F. Rankine cycle
bottoming:
Steam 500 kw-10 MW Waste heat. 90 10-20 Comparable 17,000-34,100 NA NA
to full load
Organic 2 kW-2 MW Waste heat. 60-90 10-20 Comparable 17,000-34,100 NA NA
to full load
G. Fuel cell topping 40 kW-25 MW Hydrogen, distillate/coal. 90-92 37-45 37-45 7,500-9,300 4,300-5,500 240-300
H, Stirling engine 3-100 kw Externally fired—can use Not known— 35-41 34-40 8,300-9,750 5,500-6,5C4J 340-500
topping (expect most fuels. expected to be
1.5 MW by similar to gas tur-

1990)

bines and diesels.
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Table 1.—Summary of Cogeneration Technologies-continued

Operation and maintenance cost Construction

Total installed Annual fixed cost Variable cost leadtime Expected lifetime
Technology cost ($/kw)* ($/kW) (millions/kWh) (Years)b (years) Commercial status Cogeneration applicabiiity
A. Steam turbine 550-1,600 1,6-11.5 3.0-8.8 1-3 25-35 Mature technology —com- This is the most commonly
topping mercially available in large used cogeneratlon tech-
quantities. nology. Generally used in
industry and utility appli-
cations. Best suited for
where electric/thermal
ratio is low.

B. Open-cycle gas 320-700 0.29-0.34 2.5-3.0 0.75-2 20 natural gas Mature technology —com- Potential for use in residen-

turbine topping 15 distillate mercially available in large tial, commercial, and
quantities. industrial sectors if fuel
is available and cost
effective.

C. Closed-cycle gas 450-900 5 percent of Included in 2-5 20 Not commercial In the Best suited to larger scale
turbine topping acquisition fixed cost United States; is well de- utility and Industrial ap-

cost per year veloped in several Euro- plications. Potential for
pean countries. coal use is excellent.

D. Combined gas 430-800 5.0-55 3051 2-3 15-25 Commercially available; Most attractive where
turbine/steam advanced systems by power requirements are
turbine topping 1985. high and process heat re-

quirements are lower,
Used in large industrial
applications such as
steel, chemical, and
petroleum refining
industries.

E. Diesel topping 350-800 6.0-8.0 5.0-10.0 0.75-2.5 15-25 Mature technology —com- Reliable and available, can
mercially available in large be used in hospitals,
quantities. apartment complexes,

shopping centers, hotels,
industrial centers if fuel is
available and cost effec-
tive, and if can meet envi-
ronmental requirements,

F. Rankine cycle
bottoming:

Steam 550-1,100 16 3.7-6.9 1-3 20 Commercially available. Industrial and utility use
almost exclusively. Al-
though efficiency is low,
since it runs on waste
heat no additional fuel
is consumed. Can reduce
overall fuel use.

Organic 8001,500 2.8 4,9-7.5 12 20 Some units are commercially Same benefits/limitations
available but technology as steam Rankine bottom-
is still in its infancy. ing except that it can use

lower-grade waste heat.
Organic Rankine bottom-
ing is one of the few
engines that can use
waste heat in the 200°
600°F range,

G. Fuel cell topping 520-840C 0.26-3,3 1.0-3.0 1-2 10-15 Still in development and Modular nature, low emis-
experimental stage. phos- sions, excellent part-load
phoric acid expected by characteristics allow for
1985, moiten carbonate by utility load foliowing as
1990. well as applications in

commercial and industrial
sectors.

H. Stirling engine 420-960° 5.0 8.0 25 20 Reasonably mature technol-  High efficiency and fuel

topping

ogy up to 100-kW capacity
but not readily available.
Larger sizes being
developed.

flexibility contribute to a
large range of applica-
tions. Couid be used in
residential, commercial,
and industrial applica-
tions. Industrial use
depends on development
of large Stirling engines,

“NA” means not applicable.

:1980 dollars,

epends on system size and heat source.
Cost estimates assume successful development and Commercial scaie production, and are not guaranteed,

SOURCE: Office of Technology Assessment from material in ch. 4,
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ing, or will investments in process improve-
ments have priority for available capital?

At present, significant uncertainties about the
types of cogeneration technologies that will be
installed and their location, costs, and operating
characteristics, and about general financial and
economic conditions make it difficult to analyze

the market potential for cogeneration or its im-
pacts on electric utilities, fuel use, and the envi-
ronment. However, general trends in the national
energy, electric utility, and policy context in
which cogenerators would be deployed can be
discerned, and analyses of these trends can be
used to evaluate existing policy incentives.

THE POTENTIAL FOR COGENERATION

Cogeneration could have a very large technical
potential in the United States—perhaps as much
as 200 gigawatts (GW) of electrical capacity by
2000 in the industrial sector alone, with a much
lower potential (3 to 5 GW) in the commercial,
residential, and agricultural sectors. (Total U.S.
installed generating capacity in 1980 was approxi-
mately 619 GW.) However, cogeneration’s mar-
ket potential (the amount of cogeneration capac-
ity that might be considered sufficiently economic
for an investment to be made) will be much small-
er than this for several reasons.

First, cogeneration investments will have to
compete with conservation in industries and
buildings. Conservation investments usually are
less costly than cogeneration and have a shorter
payback period, and thus are likely to receive pri-
ority over cogeneration in most cases. As a result
of conservation measures, thermal energy de-
mand is likely to grow much more slowly than
it has in the past (some sources project a zero
or negative rate of growth in industrial thermal
demand through 2000), and could present a de-
clining opportunity for cogeneration.

In addition, cogeneration will compete in the
long term (beyond 1990) with electricity sup-
plied by coal, nuclear, hydroelectric, and other
types of alternate-fueled electric utility generat-
ing capacity. Some cogeneration applications
may not be economically competitive where util-
ities have relatively low retail electricity rates or
are planning to replace existing powerplants with
ones that will generate electricity more econom-
ically (e.g., replacing intermediate-load oil-fired
generators with baseload coal plants).

Cogeneration’s market potential also will be
limited by the inability of most technologies—

especially smaller scale systems—to use fuels
other than oil or natural gas. At present, only
steam turbine cogenerators can accommodate
solid fuels. Advanced technologies now under
development will have greater fuel flexibility, as
well as better fuel efficiency and lower emissions.
In addition, advanced fuel combustion or conver-
sion systems such as fluidized beds and gasifiers
can be used to improve the fuel flexibility of ex-
isting cogeneration technologies. More develop-
ment is needed, however, to make these technol-
ogies commercially attractive, and they are not
likely to contribute significantly for 5 to 10 years.

Cogeneration’s ability to supply electricity to
the utility grid also will affect its market poten-
tial. Under the Public Utility Regulatory Policies
Act of 1978 (PURPA), economic and regulatory
incentives are offered to cogenerated power that
reduces utility costs for capacity, energy, or trans-
mission and distribution, or that contributes to
power supply or load reduction during daily or
seasonal peak demands. These incentives are re-
flected in the price that utilities must pay for pow-
er purchased from a cogenerator, which is deter-
mined by a utility’s incremental costs, or the costs
avoided in not generating and distributing the
power itself or purchasing bulk power from the
grid. In many parts of the country, shortrun
avoided energy costs will be based on the price
the utility pays for oil or natural gas, and capac-
ity costs on the operating cost of a peakload pow-
erplant (e.g., a combustion turbine). In these
cases, the greater efficiency of cogeneration sys-
tems—even those burning distillate oil or natural
gas—often can make cogeneration the economi-
cally preferable means of generating electricity.
However, if the utility relies primarily on coal or
nuclear fuel and has excess capacity, then the
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shortrun avoided energy cost (determined by off-
setting coal or nuclear fuel) would be much lower
and there may be no shortrun avoided capacity
cost. In these cases, shortrun avoided cost pay-
ments may not be sufficient to make cogenera-
tion an attractive investment. Longrun avoided
costs would be based on a utility’s resource plan,
and would raise the issue noted above of com-
petition with coal and other non premium fuels.

Furthermore, the choice of technology will af-
fect a cogenerator’s ability to supply power to the
grid. In general, technologies with a high ratio
of electricity-to-steam production (E/S ratio) will
be favored when onsite electric power needs are
large or when power is to be exported offsite;
these include diesels, combustion turbines, and

combined-cycle systems. At present, however,
the high E/S ratio systems can only burn oil or
natural gas. Steam turbines, the only commercial-
ly available technology that can burn solid fuels
directly, have a relatively low E/S ratio. For ex-
ample, a large industrial installation that uses
500,000 Ib/hr of steam would cogenerate 30 to
40 MW of electricity with steam turbines, and 120
to 150 MW with combustion turbines. Therefore,
where onsite electricity needs are high, or the
project’s economic feasibility depends on sup-
plying electricity to the grid, a technology with
a higher E/S ratio (e.g combustion turbines,
diesels, combined cycles) would be favored, but
could not use fuels other than oil/gas in the short
term.

COGENERATION OPPORTUNITIES

Although the factors discussed above make
cogeneration’s overall market potential highly un-
certain, it is possible to identify promising cogen-
eration opportunities in the industrial and com-
mercial sectors and in rural areas.

Industrial Cogeneration

Today, industrial cogeneration has an estimated
installed capacity of 14,858 MW (see table 2). *
An additional 3,300 MW is reported to be in the
planning stages or under construction. The largest
number of industrial cogenerators are in the pulp
and paper industry, which has large amounts of
burnable wastes (process wastes, bark, scraps,
and forestry residues unsuitable for pulp) that can
be used to fuel cogenerators. For at least two dec-

*A more recent estimate arrives at a total of about 9,100 M W

(5). NO breakdown by SIC code is given, however, but we assume
the distribution would be similar to that given in table 2.

Table 2.—installed Industrial

ades this industry has considered electricity gen-
eration to be an integral part of its production
process and new pulp and paper plants are like-
ly candidates for cogeneration.

The chemical industry uses about as much
steam annually as the pulp and paper industry
and historically has ranked third in industrial
cogeneration capacity. Chemical plants also will
represent a promising source of new cogenera-
tors. Conservation opportunities, however, will
strongly dampen growth in steam demand if not
cause it to decline.

Another major cogenerator is the steel indus-
try, because the off-gases from the open-hearth
steelmaking process provide a ready source of
fuel to produce steam for driving blast furnace
air compressors and other uses. But new cogener-

Cogeneration Capacity

Caf\)/lacity Capacit Number of Plants
Sector (SIC code) (MW) (percentg plants (percent)
Food (20) ........covvviiiin.. 398 3 42 1
Pulp and paper (26) .. ............. 4,246 29 136 37
Chemicals (28) .. ................. 3,438 23 62 17
Petroleum refmmg 829) ............ 1,244 8 24 6
gnhmary metals (33)............... {’Iggg 21g gg %18

ther........ P

Total ... 14858 371

SOURCE: General Energy Associates, Industrial Cogeneration Potential: Targeting of Opportunities at the Plasite(waahington,

D. C.: U.S. Department of Energy, 1982).
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ation capacity is not likely to be installed in this
industry because new steel mills probably will be
minimills that use electric arcs and have little or
no thermal demand. However, if a market for the
thermal output could be found, an electric arc
minim ill could use the cogenerated electricity
and sell the heat/steam.

petroleum refining also is well suited to
cogeneration, but significant new refinery capac-
ity is not expected to be built in the near future,
except in connection with heavy oil recovery in
California. However, some cogeneration capacity
could be installed when existing refineries are
upgraded.

Finally, the food processing industry current-
ly has a small amount of cogeneration capacity
which could more than double by 1990. Here
the primary limit on the cogeneration potential
is the low thermal load factor that results from
the seasonal nature of the steam demand.

Commercial Building Cogeneration

Cogeneration in commercial buildings has a
much smaller potential for growth than indus-
trial cogeneration, primarily due to the low ther-
mal load factors in those buildings. Additional
constraints on commercial building cogenera-
tion opportunities include the difficulty of
handling and storing solid fuels (coal, biomass)
in and around buildings; competition with con-
servation for energy investment funds, and with
coal or other baseload capacity additions for
economic electricity generation; and the special
air quality considerations in urban areas.

The disadvantages presented by the low ther-
mal load factors in commercial buildings can be
overcome to some extent by undersizing the co-
generator and operating it at a high capacity fac-
tor to meet the baseload thermal needs, and using
conventional thermal conversion systems to sup-
plement the cogenerator’s output. Alternatively,
several buildings could share a cogenerator and
use the diversity in their energy demand to im-
prove the thermal load factor.

Moreover, commercial building cogenera-
tion fueled with natural gas may have a promis-
ing market in the near term (up to 1990), especial-

ly where rates for utility purchases of cogenerated
power are based on the price of oil-fired elec-
tricity generation and utilities have substantial
amounts of oil burning capacity. In these cases,
cogeneration can allow rapid development of ca-
pacity to meet new electricity demand and/or re-
duce utility oil use. However, as noted previous-
ly, in the long term, cogeneration will have to
compete economically with coal and other alter-
nate-fueled utility capacity.

The probable low market penetration of com-
mercial sector cogeneration means that it usual-
ly will have a low potential for displacing the
fuel used by utility generating capacity. How-
ever, where electricity prices are high or utility
capacity additions are limited, cogeneration may
have a greater market potential and could dis-
place utility intermediate oil or gas capacity. If
both the cogenerator and the capacity it displaces
use oil, the result usually would be a decrease
in utility use of residual fuel oil and a correspond-
ing increase in distillate use by commercial co-
generators, but an overall reduction in total oil
use. Relatively small systems with good part-load
characteristics (e.g., diesels and spark-ignition
engines) are likely to be favored in urban residen-
tial/commercial applications where there are
physical site limitations and low capacity factors,
and these systems are limited to the use of oil or
natural gas in the near term.

In summary, OTA found that commercial
building cogeneration would be economically
attractive where there is a moderate rate of
growth in electricity demand (2 percent or more
annually), where electric utilities are caught in
a capacity shortfall, or where the utility has a
high percentage of oil-fired capacity; where
there is a high heating demand (about 6,000
heating degree days per year); and where cogen-
erators can use a fuel that is significantly less
costly than oil. However, even if these advan-
tages are available, cogeneration’s competitive-
ness in the commercial sector will be subject to
the same limiting factors as in the industrial sec-
tor—competition with conservation measures that
have a lower capital cost and shorter payback
period, the ability to supply significant amounts
of power to the grid, and economic and regula-
tory uncertainties.
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Rural Cogeneration Opportunities

Rural cogeneration opportunities arise where
there are existing small community powerplants
that could recover and market their waste heat,
and/or where alternate fuels (such as biomass)
are readily available. Promising rural cogenera-
tion applications include producing ethanol, dry-
ing crops or wood, and heating greenhouses, ani-
mal shelters, or homes.

A large number of small rural powerplants are
standing idle due to the high cost of premium
fuels. Generally these are dual-fuel engines burn-
ing natural gas plus small amounts of fuel oil to
facilitate combustion; diesel engines and natural-
gas-fueled spark-ignition engines are also com-
mon. The waste heat from these engines could
be recovered and use directly (in the case of
natural-gas-fired systems) or used in heat ex-
changers to provide hot water or steam. If only
half of the waste heat were used, a powerplant’s
energy output would double, providing a new
revenue stream for the community and enabling
the engines to be operated economically. These
potential benefits would be weighed against the
cost of installing and operating the heat recovery
system.

However, cogeneration at an existing rural
powerplant could increase oil use if it is substi-
tuted for grid-supplied electricity generated with
alternate fuels. Therefore, rural communities
should focus on technologies that can use locally
available biomass fuels such as crop residues,
wood, and animal wastes. Gasifiers that convert

INTERCONNECTION

The economic and other incentives offered to
cogeneration under PURPA assume that cogen-
erators will be interconnected with the electric
utility grid. Such interconnections may require
special measures to maintain power quality, to
control utility system operations, to protect the
safety of lineworkers, and to meter cogenerators’
power production and consumption properly.
OTA found that most of the technical aspects
of interconnection are well understood, and the
primary issues related to interconnection are the

crop residues or wood to low- or medium-Btu
gas can be connected with internal combustion
engines, although the engines will need some
modification for trouble-free operation over long
periods of time. Such gasifiers are commercially
available in Europe and are being demonstrated
in the United States. Anaerobic digestion of ani-
mal wastes from confined livestock operations
also could be used to produce biogas (a mixture
of 40 percent carbon dioxide and 60 percent
methane) to fuel an internal combustion engine.
Anaerobic digestion has the advantages of solv-
ing a waste disposal problem, while producing
not only biogas but also an effluent that can be
used directly as a soil conditioner, dried and used
as animal bedding, or possibly treated and used
as livestock feed. Digesters for use in cattle, hog,
dairy, and poultry operations are commercially
available in the United States and are being dem-
onstrated at several rural sites. Wastes from rural-
based industries, such as whey from cheese
plants, also are being used as a feedstock for farm-
based digesters.

Cogeneration can have significant economic
and fuel savings advantages in rural communities
and on farms. The rural cogeneration potential
is not so large as that in industrial and urban ap-
plications, but the advantages can be very impor-
tant in allowing significant local economic expan-
sion—from new jobs and from increased reve-
nues due to steam/heat sales—by using local re-
sources without increasing the base demand for
energy.

REQUIREMENTS

lack of uniform guidelines and the cost of the
equipment.

The characteristics of cogenerated electricity
that is distributed to the grid must be within cer-
tain tolerances so that utilities’ and customers’
equipment will function properly and not be
damaged. Thus, grid-connected cogenerators
may need capacitors to keep voltage and current
in phase; over/under relays to disconnect the gen-
erator automatically if its voltage goes outside a
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certain range; and a dedicated distribution trans-
former to isolate voltage flicker problems. Be-
cause the power quality impacts of cogenerators
are technology- and/or site-specific, not all sys-
tems will need all of this equipment. In particu-
lar, very small cogenerators (under 20 kW) may
have few or no adverse effects on grid power
guality and may not require any extra intercon-
nection equipment. Moreover, larger systems
probably will already have dedicated transform-
ers, and may only need power factor correcting
capacitors if they use induction (as opposed to
synchronous) generators.

Proper interconnection is necessary to ensure
the safety of utility workers during repairs to
transmission and distribution lines. First, cogen-
erators should locate their disconnect switches
in specified areas in order to simplify lineworkers’
disconnect procedures. In addition, induction
generators (and, very occasionally, synchronous
generators) must use voltage and frequency relays
and automatic disconnect circuit breakers to pro-
tect against self-excitation of the generator. Alter-
natively, the power factor correcting capacitors
can be located where they will be disconnected
along with the cogenerator (and thus prevent self-
excitation) or where they can be isolated easily
by lineworkers.

Large numbers of grid-connected cogenerators
that are dispatched by the electric utility may re-
guire expensive telemetry equipment and could
overload utility system dispatch capabilities.
However, these problems can be avoided if util-
ities treat cogenerators as “negative loads” by
subtracting the power produced by the gener-
ators from total system demand and then dis-
patching the central generating capacity to meet
the reduced load. Most utilities currently use
negative load scheduling with cogenerators (and
small power producers), and some studies in-
dicate that it may work well even with large
numbers of cogenerators. However, some utilities
guestion whether the system would continue to
function properly if a significant percentage of
total system capacity were undispatched cogen-
erators being treated as negative loads. Addi-
tional research is needed to determine whether
undispatched cogenerators will cause problems
for a utility system and, if so, at what degree

of system penetration such problems would
arise.

Finally, cogenerators’ power production and
consumption must be metered accurately in or-
der to provide better data on their output char-
acteristics (and thus facilitate utility system plan-
ning), and to ensure proper pricing for buyback
and backup power. Cogenerators can be me-
tered inexpensively with two standard watt-hour
meters—one operating normally to measure con-
sumption and the other running backwards to in-
dicate production. Alternatively, advanced me-
ters can be installed that indicate not only kilo-
watthours used/produced but also power factor
correction and time-of-use. These advanced me-
ters provide better data about cogeneration’s
contribution to utility system loads, and they facil-
itate accurate accounting (and thus pricing) of
power purchased and sold. However, advanced
meters also cost about five times more than two
standard watt-hour meters.

Estimates of the cost for interconnection vary
widely—from $12/kW for a large cogenerator
to $1 ,300/kw for a small system—depending on
the generator type, the system size, the amount
of equipment already in place, and a particular
utility’s or State public service commission’s re-
guirements for equipment type and quality. In
general, interconnection costs will be higher if
a dedicated transformer is needed. Economies of
scale also are apparent for circuit breakers, trans-
formers, and installation costs. Moreover, some
utilities or commissions may require more equip-
ment than described above in order to provide
extra protection for their system and the other
customers. The quality of the interconnection
equipment required also may affect costs substan-
tially. Some utilities allow smaller cogenerators
to use lower quality and less expensive industrial-
grade equipment, but the size cutoff varies widely
among utilities—from 200 to 1,000 kW. In other
areas, all cogenerators are required to use the
higher quality utility-grade equipment, but with
such equipment the cost of interconnection may
be prohibitive for small cogenerators. Few guide-
lines exist for the type and quality of intercon-
nection equipment necessary for cogenerators,
but several are under preparation. Once standard
guidelines are available, interconnection costs
should become more certain.
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IMPACTS OF COGENERATION

Cogeneration has the potential for both
beneficial and adverse effects on fuel use, utility
planning and operations, and the environment.
In each case, OTA found that the potential neg-
ative impacts could be mitigated substantially
if the cogeneration technology is carefully se-
lected and sited, if the cogenerator works closely
with the utility throughout the project’s plan-
ning and implementation, and if the cogenera-
tion system is carefully integrated with existing
and planned future energy supplies.

Effects on Fuel Use

All cogenerators will save fuel because they
produce electric and thermal energy more effi-
ciently than the separate conversion technologies
they will displace (e.g., an electric utility
powerplant and an industrial boiler). Whether
cogeneration will save oil depends on the fuel
used by a cogenerator and the fuels used in the
separate systems that are displaced. If both of
the separate technologies burn oil and would
continue to do so for most of the useful life of
the cogenerator that supplants them, then even
an oil burning cogenerator will reduce total oil
consumption. However, if either or both of the
separate conventional technologies use an alter-
nate fuel (e.g., coal, nuclear, hydroelectric, bio-
mass, solar), or would be converted to an alter-
nate fuel during the useful life of a cogenerator,
then oil-fired cogeneration would increase total
system oil use.

Where oil savings are available through
cogeneration, their magnitude will depend on
the type of cogenerator and the types of sep-
arate conversion technologies that are dis-
placed, as well as on the rates for purchases of
cogenerated power under PURPA. For example,
an oil-fired steam turbine cogenerator could re-
duce oil use by 15 percent if it is substituted for
an oil-fueled steam electric powerplant and sepa-
rate low-pressure steam boiler, while a diesel co-
generator that recovers three-quarters of the po-
tentially usable heat could represent a 25 percent
savings if it replaces a diesel electric generator
and separate oil burning furnace. (Much greater

savings are available if an alternate-fueled cogen-
erator replaces separate oil-fired systems.)

Higher rates for utility purchases of cogener-
ated power will favor technologies with high E/S
ratios, thus increasing the potential to displace
utility generating capacity, much of which will
be intermediate and peakload plants that burn
oil. However, because currently available high
E/S cogenerators also are limited to the use of oil
(or natural gas), care must be exercised in deploy-
ing these technologies if it is important to ensure
that oil savings are achieved over the useful life
of the cogenerator. In many cases, the market
(high prices and uncertain availability), regulatory
provisions, tax measures, and the utility’s avoided
costs will provide such insurance.

Impacts on Utility Planning
and Operations

Cogeneration can offer significant economic
savings for utilities that need to add new capaci-
ty. Where utilities need to displace oil-fired
capacity or accommodate demand growth, co-
generation can bean attractive alternative to con-
ventional powerplants. Cogenerators’ relative-
ly small unit size and short construction lead-
time can provide more flexibility than large
baseload plants for utilities in adjusting to unex-
pected changes in demand, and cogeneration
is a more cost-effective form of insurance against
such changes than the overbuilding of central
station capacity. Cogeneration also has the po-
tential to significantly reduce interest costs dur-
ing construction (and thus the overall cost of
providing electricity).

Relying on cogeneration capacity instead of
conventional powerplants should not pose signifi-
cant operating problems for utilities if the cogen-
erators are properly connected to the grid. As
discussed previously, large numbers of small grid-
connected cogenerators should not overburden
utility system dispatch capabilities if they are
treated as negative loads, but the effects of a
substantial penetration of a system are uncertain.
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However, expansion of cogeneration could
have a substantial adverse economic impact on
utilities that have excess capacity and/or a low
rate of growth in demand. If large industrial and
commercial sites drop out of a utility’s load, then
the utility’s fixed costs must be shared among
fewer customers, who would then have higher
electric rates. This competition has been ob-
served in other regulated industries (e.g.,
telecommunications, railroads). The effects of
such competition are essentially the same as
those of the competition from conservation meas-
ures or of the excess capacity that can result from
oil displacement.

Where utilities already have excess capacity or
are committed to major construction programs
that cannot be deferred, the risk of reduced fixed
cost coverage can be acute. In the long run, such
competition could represent a benefit for most
utilities by reducing the need for new capacity
and thus relieving financial pressures on utilities
and lowering rate levels. But until the construc-
tion budget is adjusted, the short-term effects of
revenue losses could be severe for some utilities
and their remaining customers.

Furthermore, if utilities purchase power from
cogenerators based on the utility’s full avoided
cost, the utility’s non-cogenerating customers may
not receive any economic benefit from cogenera-
tion. Cogenerators usually will be installed only
where their operating costs would be less than
the avoided cost rate paid by the utility for their
power. If the cogenerator receives the full differ-
ence, the ratepayer will receive no direct benefit.
This situation is exacerbated if the avoided cost
payments are higher than the utility’s actual short-
run marginal cost (e.g., if the State regulatory
commission bases avoided costs on the price of
oil and the utility operates with a mix of fuels,
or if the commission establishes a high avoided
cost as an explicit subsidy to encourage cogener-
ation). A payment to cogenerators of less than
the utility’s full avoided cost, with the difference
going toward rate reduction, would share any
cost benefits of cogeneration with the utility’s
other ratepayers.

One solution to both the competition posed
by cogeneration and the rate reduction issue is

for utilities to own cogenerators. ownership
could be advantageous to a utility because the
cogenerator would be included in the utility’s rate
base and thus the utility would earn a percent-
age return on the equipment. Where cogenera-
tion is economically competitive with other types
of capacity additions, utilities should be investing
in it. However, cogeneration systems that are
more than 50 percent utility-owned are not eligi-
ble for the economic and regulatory incentives
established under PURPA, which often determine
economic competitiveness. If full utility owner-
ship were allowed incentives under PURPA, co-
generation’s market potential probably would in-
crease, as would the amount of electricity it
would supply to the grid (because utilities would
be more likely to install high E/S ratio technolo-
gies). In addition, utility investment in cogenera-
tion would have the economic advantages related
to the small unit size and shorter construction
leadtimes discussed previously, and could result
in lower electricity rates compared to conven-
tional capacity additions. However, full utility
ownership under PURPA raises a number of con-
cerns about possible anti-competitive effects and
about the resulting profits to utilities; these are
discussed in more detail under “Policy Consider-
ations,” below.

Environmental Impacts

The primary environmental concern about co-
generation is the public health effects of changes
in air quality. Cogeneration will not automatical-
ly offer air quality improvement or degradation
compared to the separate conversion technol-
ogies it will replace. Cogeneration’s greater fuel
efficiency may lead to either a decrease or an in-
crease in the total emissions associated with elec-
tric and thermal energy production, depending
on the types of combustion equipment, their
scale, and fuel used. Similarly, cogeneration may
improve or degrade air quality by shifting emis-
sions away from a few central powerplants with
tall stacks to many dispersed facilities with shorter
stacks, depending on the variables listed above
as well as on the location of the cogenerators and
the separate systems they replace.

Of the available cogeneration technologies,
diesel and gas-fired spark-ignition engines have
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the greatest potential for adverse air quality im-
pacts due to their high-but usually controlla-
ble—nitrogen oxide emissions. Diesels also emit
potentially toxic particulate, but clear medical
evidence of a human health hazard is lacking at
this time. Steam and gas turbines should not result
in an increase in total emissions unless they use
a “dirtier” fuel than the separate conversion tech-
nologies they replace (e.g., a shift from distillate
oil to high sulfur coal), or where a new turbine
cogenerator that primarily produces electricity is
installed instead of a new boiler or furnace.

Adverse local air quality impacts are most like-
ly to occur with cogeneration in urban areas,
because urban cogenerators usually will be
diesels or spark-ignition engines, because urban
areas would have a higher total population ex-
posure, and because tall buildings can interfere
with pollutant dispersion. Moreover, the small
systems that would be used in these applications
tend to have high nitrogen oxide and particulate
emissions. As a result of these considerations,
urban cogenerators must be designed and sited
carefully, including choosing an engine model
with low emissions, applying technological
emission controls, and ensuring that the exhaust
stacks are taller than surrounding buildings.

Cogenerators’ greater fuel efficiency also can
lead to an important environmental benefit in
other aspects of a fuel cycle (e.g., exploration,
extraction, refining/processing) if a cogenerator
uses the same fuel as the conventional energy sys-
tems it displaces. However, if a fuel that is dif-
ficult to extract, process, and transport (e.g., coal)
is substituted for a “cleaner” fuel (such as natural
gas), the overall impact may be adverse rather
than beneficial.

Finally, cogeneration might affect water qual-
ity (from blowdown from boilers and wet cool-
ing systems, and from runoff from coal piles and
scrubber sludge and ash disposal), waste disposal
(sludge and ash), noise, and materials (from cool-
ing tower drift). All of these will be more likely
to pose a problem in urban areas, and all are
either controllable and/or are more likely to be
a nuisance than a health hazard.

Socioeconomic Impacts

General trends for impacts on economic and
social parameters such as capital investment,
operating and maintenance (O&M) costs (ex-
cluding fuel costs), and labor requirements can-
not be identified at this time due to the large
uncertainties in future deployment patterns.
These impacts will depend heavily on the size
and type of cogenerators used, the size and type
of separate conversion technologies that would
be displaced, the regions in which cogeneration
would be installed (construction costs and labor
requirements generally are lower in the South),
and cogenerators’ operating characteristics. For
example, in comparing cogeneration capital costs
with those for conventional baseload and peak-
load capacity, OTA found that the cost of install-
ing 100,000 MW of electric generating capacity
under cogeneration scenarios varied from about
25 percent more to approximately 95 percent less
than the cost of installing an equivalent amount
of capacity under conventional central station
scenarios, depending on the capacity mix and
location for each scenario.

For purposes of comparison, OTA analyzed the
mean values for capital and O&M costs, and for
construction and O&M labor requirements, for
50,000, 100,000, and 150,000 MW of electricity-
generating capacity with and without cogenera-
tion. In this comparison, OTA found that mean
capital costs for cogeneration tended to be
around 20 to 40 percent lower than the mean
costs for an equivalent amount of conventional
utility capacity. Because cogenerators have a
shorter construction leadtime than conventional
powerplants, savings on interest charges during
construction would increase this capital cost dif-
ference. The O&M cost differences were calcu-
lated for two different cogeneration capacity
factors—45 and 90 percent. With a capacity fac-
tor of 90 percent, mean cogeneration O&M costs
were higher (25 to 70 percent) than mean utility
O&M costs, while cogenerators operating at a 45
percent capacity factor had mean O&M costs
ranging from approximately 20 percent higher to
roughly 35 percent lower than mean utility costs.
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Construction and O&M labor requirements both
tended to be higher for the cogeneration sce-
narios than for the central station capacity
scenarios. Up to 50 percent more construction
labor might be required for cogeneration than for
utility capacity. The O&M labor requirements
varied much more widely due to the lack of data
and the pronounced economies of scale for co-
generation O&M labor.

In general, these results confirm reports in the
literature that cogeneration could save invest-
ment capital while increasing direct employment
in electricity supply. However, the actual eco-
nomic and employment effects might be much
different if the mix of technologies installed were
different from those examined by OTA.

POLICY CONSIDERATIONS

The primary Federal policy initiatives that af-
fect the deployment of cogeneration capacity in-
clude provisions of title Il of PURPA, the Power-
plant and Industrial Fuel Use Act of 1978 (FUA),
the Clean Air Act, and the tax laws, as well as
Government support for research and develop-
ment. In general, the combined focus of these
initiatives is to encourage grid-connected cogen-
eration that will use energy economically and
utility resources efficiently. Although the long-
term effects of these policies on cogeneration im-
plementation are still uncertain (due to delays in
State implementation and to ongoing changes in
Federal priorities), a number of unresolved issues
have been identified for possible further congres-
sional action. These include the use of oil in co-
generation, the economic incentives for cogener-
ation, utility ownership of cogeneration capacity,
requirements for interconnection with the grid,
and the effects of cogenerators on local air
quality.

Oil Savings

Despite their inherent energy efficiency, not all
cogenerators will save oil. The purchase power
rate provisions of PURPA, FUA prohibitions on
oil use in powerplants and industrial boilers, and
the energy tax credits discourage cogeneration
applications that would increase oil use, but they
may not be effective in all cases. For example,
cogenerators with less than about 10-MW gener-
ating capacity or that sell less than half their an-
nual electric output, are automatically exempt
from FUA prohibitions. Similarly, an oil-fired co-
generator may not be entitled to rates for utility

purchases of cogenerated power under PURPA
that are as high as those paid to systems burning
alternate fuels, but the installation could be eco-
nomic without those payments (e.g., if retail elec-
tricity rates are very high). Moreover, an existing
industrial or commercial oil burning energy sys-
tem could be retrofitted for cogeneration and still
qualify for the energy tax credit as long as onsite
energy use is reduced.

In many cases, the uncertain price and long-
term availability of oil, coupled with regulatory
and economic disincentives to its use, will be suf-
ficient to discourage oil-fired cogeneration. How-
ever, where oil-fired cogenerators still would be
economic but would not provide lifetime oil sav-
ings, additional policy initiatives might be con-
sidered if net oil savings is the primary goal.
These include amending FUA to prohibit the use
of oil in all cogenerators regardless of size or elec-
tricity sales unless a net lifetime oil savings can
be demonstrated; amending PURPA to deny
qualifying facility status (and thus economic and
regulatory incentives) to oil burning cogenerators
unless net oil savings are shown; and amending
the investment and energy tax credits and other
tax code provisions to deny tax deductions,
credits, or other measures for cogeneration proj-
ects unless net oil savings are demonstrated.
However, these measures may only provide oil
savings of less than 100,000 barrels per day in
1990. Moreover, net oil savings are difficult to
prove, and these regulations could be expensive
and time-consuming for both potential cogener-
ators and implementing agencies, and could dis-
courage even those cogeneration systems that
would save oil.
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If net oil savings is the primary goal, there are
several policy alternatives to additional layers
of fuel use regulations. First, oil consumption
could be taxed (e.g., with an oil import fee). Such
a tax would encourage conservation in all oil mar-
kets and provide additional Federal revenues.
Alternatively, restrictions in FUA and the tax laws
on the use of natural gas in cogenerators might
be eliminated. Natural gas for cogeneration is
likely to be competitive with oil, and gas-fired
cogenerators usually will be technically and eco-
nomically attractive in the same situations as oil
burning systems. Moreover, gas-fired cogener-
ation could provide a bridge to the development
of gasification systems using alternative fuels.
Thus, removing regulatory and tax restrictions on
the use of natural gas in cogenerators would com-
plement market disincentives to oil use, by pre-
senting an economically attractive alternative in
those situations where oil might otherwise be
favored.

On the other hand, if gasification systems do
not become commercial as soon as their devel-
opers project, or if the cost of producing low- or
medium-Btu gas remains significantly higher than
the cost of natural gas, then this strategy could
lock cogenerators into natural gas use for 10 to
20 years. Moreover, if natural gas-fired cogenera-
tion were given incorrect incentives, and made
more attractive than market conditions would jus-
tify, this could discourage the use of non-premium
fuels (e.g., coal, biomass, wastes) and add to the
demand for natural gas. If supplies are limited,
the cogenerators’ demand could increase sup-
ply pressures for established gas users.

Economic Incentives for Cogeneration

Cogeneration’s market potential (the amount
of cogeneration capacity that may be installed
and the amount of electricity that it will pro-
duce) is extremely sensitive to economic consid-
erations. These include the rates for utility pur-
chases of cogenerated power, tax credits and
leasing provisions, and other policy measures
that either reduce the capital cost or offset the
operating cost of cogeneration systems. At pres-
ent, however, the continued availability of exist-
ing policy initiatives is in doubt.

A recent court decision vacated the Federal En-
ergy Regulatory Commission (FERC) regulations
implementing PURPA that called for utility pur-
chases of cogenerated power at rates equal to 100
percent of the incremental cost saved by the util-
ity by not generating the power itself or purchas-
ing it from the grid (termed the utility’s “avoided
cost”). The court held that FERC had not ade-
guately justified rates based on the full avoided
cost when a lower rate would still compensate
most cogenerators adequately while sharing the
economic benefits of cogeneration with the util-
ity’s ratepayers. In order for the ratepayers to
share in any cost benefits of cogeneration, less
than full avoided costs would have to be paid to
the cogenerator, with the difference going to rate
reductions, or the utility would have to own the
cogenerator. The full avoided cost rates remain
in effect pending final resolution in the case (in-
cluding appeals and revision of the regulations,
if necessary), but uncertainty about the long-term
purchase rates is substantially discouraging co-
generation except in those cases where State leg-
islatures or regulatory commissions have insti-
tuted full avoided cost rates on their own initia-
tive.

A second source of uncertainty is the 1982 ex-
piration date for the special energy tax credit. The
availability of this credit often can make or break
the economic feasibility of cogeneration projects
(and other alternate energy systems). Due to the
currently high interest rates and the promise of
improved technologies now under development
or demonstration, many potential cogenerators
would prefer to wait several years before mak-
ing their investment. The continued availability
of the energy tax credit (perhaps through 1990)
could help to ensure that those investments
would be made, while an earlier expiration date
might encourage the installation of less efficient
existing technologies.

Finally, if the Government wanted to maximize
cogeneration’s market potential, then policies
that substantially reduce capital costs might be
implemented. With the current high interest
rates, debt financing—the primary mode of fi-
nancing for potential cogenerators—is unattrac-
tive or unavailable. Therefore, subsidies that low-
er interest rates and extend loan terms may be
more attractive than tax credits.
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Utility Ownership

Electric utility ownership could substantially
increase cogeneration’s market potential. Power
production is electric utilities’ primary business
and they would thus not be subject to many of
the qualms of industrial or commercial concerns
that are unaccustomed to producing electric
power or that place higher priorities on invest-
ments in process equipment. Some utilities may
require a lower return on their investment than
other types of investors, and a cogeneration proj-
ect that may only be marginally economic for an
industrial or commercial firm could be attractive
to a utility. Moreover, utility ownership could
allay concerns about competition from cogener-
ators.

Although there are no legal restrictions on utili-
ty ownership of cogenerating capacity, such own-
ership is at a competitive disadvantage because
cogenerators in which electric utilities or utility
holding companies own more than a 50-percent
equity interest do not qualify for the economic
and regulatory incentives under PURPA, and be-
cause public utility property is not eligible for the
energy tax credit. Removing these disincentives
would place utilities in an equal (at least) posi-
tion with other investors with regard to cogenera-
tion, and could substantially increase the produc-
tion of cogenerated electricity.

However, full utility ownership under PURPA
raises concerns about the possible effects of such
ownership on competition and on utility obliga-
tions to minimize electricity generation costs. Util-
ities could favor their own (or their subsidiaries’)
projects in contracting for cogeneration capaci-
ty. They also might favor a few major established
suppliers of cogeneration equipment, leading to
the possibility of adverse effects on small business
and the development of innovative technologies.
Moreover, if a utility is paying its subsidiary for
cogenerated electricity based on the utility’s
avoided cost of generation or purchases from the
grid, then the utility has few incentives to reduce
its marginal costs, because to do so would be to
reduce the subsidiaries’ rate of return and profit-
ability. while these concerns about utility

ownership under PURPA are real, they can be
allayed through carefully drafted legislation or
regulations, or through careful State review of
utility ownership schemes. If these cautionary
measures are taken, the benefits of utility own-
ership probably would outweigh the potential
for anti-competitive and economic costs.

interconnection Requirements

The requirements for interconnecting and inte-
grating cogenerators with utility transmission and
distribution systems have become both technical
and institutional issues. There are technical issues
because of the wide variability among States and
utilities on the type and quality of equipment that
is necessary to regulate system power quality,
protect the safety of utility employees, maintain
control over system operations, meter cogenera-
tors’ electricity production and consumption
properly, and prevent damage to utilities’ and
other customers’ equipment. Few guidelines exist
for interconnection needs, but the equipment re-
quired can add enough to a project’s costs to
make cogeneration economically infeasible. As
a result, a high priority should be placed on the
preparation of guidelines for utilities and State
commissions to follow in setting interconnection
requirements.

Second, utilities’ legal obligation to intercon-
nect is unclear. FERC regulations implementing
PURPA established a general obligation to inter-
connect in order to carry out the statutory man-
date that utilities must purchase power from and
sell it to cogenerators. However, PURPA also
amended the Federal Power Act to provide for
full evidentiary hearings on interconnections
upon the request of a utility or a qualifying co-
generator. The U.S. Court of Appeals recently
ruled that the Federal Power Act procedure was
the valid one. Therefore, if a utility is not willing
to interconnect, the cogenerator must go through
the costly and time-consuming process of such
a hearing. Furthermore, most of the showings re-
qguired of the petitioner in such a hearing would
be extremely difficult and expensive for a poten-
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tial cogenerator to make. This issue probably can
only be resolved through a congressional amend-
ment to PURPA that specifies utilities’ obligation
to interconnect with cogenerators (and small
power producers) and leaves resolution of techni-
cal and cost issues to State utility commissions.

Air Quality Considerations

Proponents of cogeneration have argued that
air pollution control regulations unnecessarily
restrict the deployment of cogenerators. They
suggest that cogenerators be given special treat-
ment that accounts for their increased fuel effi-
ciency and their displacement of emissions from
centrally generated electricity. Proposed changes
include emission standards that are tied to the
amount of energy output rather than the fuel in-
put, or separate and more lenient emissions lim-
itations for cogenerators; and less strict new
source review procedures for cogenerators under
prevention of significant deterioration and non-
attainment area provisions of the Clean Air Act
(e.g., by allowing an automatic offset for reduc-
tions in powerplant and boiler emissions).

Although these changes would remove some
disincentives to cogeneration, OTA found that
in many situations there is no public health or
environmental justification for automatically
granting cogenerators relief from air quality re-
guirements. A potentially more productive alter-
native would be to favor situations where cogen-
erators can demonstrate that they will have a pos-
itive net impact on air quality. In those cases,
relief from regulatory requirements could be
granted on a case-by-case basis. Review of indi-
vidual cases will be especially important in ur-
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ban areas where small internal combustion en-
gine cogenerators that are not regulated under
the Clean Air Act could have significant adverse
impacts on air quality.

Research and Development

The most promising cogeneration applications
are those that can use fuels other than oil and
that can produce significant amounts of electrici-
ty. Of the currently available technologies (that
are widely applicable), only steam turbines can
accommodate solid fuels. But steam turbines
have a low E/S ratio. Higher E/S ratio technologies
are available, but can only use oil or gas. There-
fore, research and development efforts should
concentrate on demonstrating high E/S cogener-
ators that can burn solid fuels cleanly, and on
advanced combustion systems such as fluidized
beds that can be used in conjunction with a co-
generator. Because many potential cogenerators
will not be able to burn solid fuels directly (due
to site, environmental, or resource availability
limitations), special attention also should be paid
to the development and demonstration of gasi-
fiers that would convert solid fuels to synthetic
gas onsite, or for transport to the cogeneration
site. Gasifiers would allow available cogenera-
tion technologies to be installed now and use
natural gas (currently relatively abundant) until
synthetic gas becomes available.

Research also should be directed at removing
the remaining technical uncertainties in intercon-
nection, developing lower cost pollution control
technologies for small generators, and improv-
ing coal transportation and handling in urban
areas.
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WHAT IS COGENERATION?

Cogeneration is the combined production of
two forms of energy—electric or mechanical
power plus useful thermal energy—in one tech-
nological process. The electric power produced
by a cogenerator can be used onsite or dis-
tributed through the utility grid, or both. The ther-
mal energy usually is used onsite for industrial
process heat or steam, space conditioning, and/or
hot water. But, if the cogeneration system pro-
duces more useful thermal energy than is needed
onsite, distribution of the excess to nearby facil-
ities can substantially improve the cogenerator’s
economics and energy efficiency.

The total amount of fuel needed to produce
both electricity and thermal energy in a cogener-
ator is less than the total fuel needed to produce
the same amount of electric and thermal energy
in separate technologies (e.g., an electric utility
generating plant and an industrial boiler). It is
primarily this greater fuel use efficiency that has

created a resurgence of interest in cogeneration
systems. However, cogeneration also can be at-
tractive as a means of adding electric generating
capacity rapidly at sites where thermal energy
already is produced.

Cogeneration technologies are termed “top-
ping cycles” if the electric or mechanical power
is produced first, and the thermal energy ex-
hausted from power production is then captured
and used (see fig. 3). “Bottoming cycle” cogener-
ation systems produce high-temperature thermal
energy first (e.g., for steel reheating or aluminum
remelting), and then recover the waste heat for
use in generating electric or mechanical power
plus additional, lower temperature thermal ener-
gy (see fig. 4). Topping cycle cogenerators would
be used in residential, commercial, and most in-
dustrial applications, while bottoming cycle appli-
cations would most likely arise from high-temper-
ature industrial processes.

WILL COGENERATION SAVE OIL?

Cogeneration is widely acclaimed as a conser-
vation technology because it uses less fuel (meas-
ured in Btu equivalents) to generate a given
amount of electricity and useful thermal energy
than separate conventional energy systems (e.g.,
a powerplant and an industrial boiler; see fig. 2).
However, just because cogeneration is more fuel
efficient does not mean that it will automatically
reduce oil consumption.

Whether cogeneration will save oil (or natural
gas, or any other particular fuel) depends on the
fuel burned by a cogenerator and the fuel used
in the separate electric and thermal energy pro-
ducing systems the cogenerator displaces. if
both of these separate systems would burn oil,
and continue to burn oil for most of the op-
erating life of an oil-fired cogenerator that re-
placed them, then an oil burning cogenerator
would reduce total oil consumption. This sav-

PR T = HY - 2

ings can range from a 15-percent reduction in oil
use when a steam turbine cogenerator is substi-
tuted for a steam electric powerplant and a
separate low-pressure steam boiler, to a 34 per-
cent savings if a diesel cogenerator that converts
38 percent of the fuel energy to electricity (30 per-
cent to useful thermal energy) replaces separate
oil-fired powerplants and furnaces.

However, if a cogenerator that will burn oil
during most of its useful life replaces either a
powerplant or a conventional furnace or boiler
that uses a different fuel (e.g., coal, wood), or
that plans to convert to a different fuel during
the useful life of the cogenerator, then oil burn-
ing cogeneration will actually increase total sys-
tem oil use. Therefore, cogeneration will only
save oil if it uses an alternate fuel itself (e.g., coal),
or if it replaces separate electric and thermal ener-
gy systems that use (and will continue to use) oil.

25
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Figure 3.—illustrations of Topping Cycle Cogeneration Systems
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Figure 4—Schematic of a Bottoming Cycle Cogenerator
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This finding is especially important for three
reasons. First, most commercially available co-
generation technologies require clean premium
fuels such as oil or natural gas (see ch. 4). Steam
turbine cogenerators can burn coal or other alter-
nate fuels such as biomass or solid waste, but may
be prevented from doing so due to site or envi-
ronmental considerations. Advanced cogenera-
tors that can use alternate fuels may not be avail-
able for several years. Second, although industrial
processes and, to a lesser extent, electric utilities,
are heavily dependent on oil and natural gas,
both groups already plan to reduce their use of
these fuels either through conservation or con-
version to alternate fuels or both. Third, although
the Powerplant and Industrial Fuel Use Act of
1978 (FUA) prohibits the use of oil and natural
gas in new powerplants and boilers, cogenerators
are exempt from these prohibitions if less than
half of their annual electric output is sold or ex-
changed for resale, or if they are relatively small
(less than about 10 megawatts per unit (MW/unit)

or 25 MW/site, assuming a 10,000 Btu per kilo-
watthour (Btu/kWh) heat rate), or if they can
demonstrate a net savings of oil or gas.

When these three considerations are combined
with economic conditions that favor cogenera-
tion (e.g., high retail electricity rates), the com-
bination could outweigh market considerations
and result in oil-fired cogeneration that would
lock industrial or commercial cogenerators into
premium fuel use for 10 to 20 years or more. On
the other hand, if oil cogeneration is used only
where premium fuel savings are sure to result
(i.e., where both the electric and thermal systems
the cogenerator replaces would continue to burn
oil for most of the operating life of the cogener-
ator), or where conversion to alternate fuels will
be possible in the near term (e.g., a dual-fuel sys-
tem that can convert from oil to synthetic gas
when gasification technology is improved), then
even oil-fired cogeneration can pose significant
oil savings.
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UNDER WHAT CIRCUMSTANCES ARE AVAILABLE COGENERATION
TECHNOLOGIES ATTRACTIVE?

The commercially available cogeneration tech-
nologies described in this report include steam
turbines, open-cycle combustion turbines, com-
bined-cycle systems, diesels, and steam Rankine
bottoming cycles. All of these technologies will
provide energy savings because their fuel efficien-
cy is greater than that of the separate electric and
thermal energy systems they will replace, but
their comparative technical, economic, and fuel
use advantages vary (see table 1 and ch. 4; for
a review of their relative environmental advan-
tages, see, “What Are the Environmental Impacts
of Cogeneration?”).

A steam turbine topping cycle cogenerator (see
fig. 3) produces thermal energy at moderate tem-
peratures and pressures that are suitable for many
industrial applications that do not need high-tem-
perature heat. Available steam turbines have a
relatively high overall efficiency, but their ratio
of electricity generated to thermal energy pro-
duced (electricity-to-steam (E/S) ratio) is relatively
low. Therefore, steam turbine cogenerators are usu-
ally not appropriate where large electricity require-
ments are paramount, such as the need to pro-
vide power to the grid to improve economic feasi-
bility. In addition, steam turbines can have rel-
atively high unit costs, longer startup times and
installation leadtimes than other available cogen-
erators, and more stringent personnel require-
ments specified by boiler codes. On the other
hand, steam turbines are extremely reliable, and
can use a wider range of fuels more easily than
other cogeneration technologies, including coal,
biomass, and solid wastes, as well as coal-derived
liquids and gases when they become available.

Open-cycle combustion turbine topping cycles
(see fig. 3) have a higher E/S ratio and produce
higher temperature steam than steam turbines.
Therefore, combustion turbines can meet the
electric and thermal needs of more types of in-
dustries and are more likely to produce excess
electricity that may be exported to the grid. Com-
bustion turbines’ unit cost and construction time
are relatively low while their reliability is compar-
able to that of steam turbines. Combustion tur-

bines are available in a wider range of unit sizes
than steam turbines, and the lower capacity units
(i.e., below 7 MW) may be attractive for commer-
cial facilities (such as shopping centers, apart-
ments, hotels) because they are small in size and
can be operated remotely. Combustion turbines
also are well suited to arid climates because they
require no cooling water. Finally, although open-
cycle combustion turbines cannot now use solid
fuels such as coal or wood directly, they will be
able to use synthetic gas or liquid fuels derived
from coal or biomass, and units using pulverized
wood directly are under development.

Combined-cycle cogenerators (combined
steam turbine and combustion turbine systems;
see fig. 5) increase electric power output at the
expense of recoverable heat. They have a higher
E/S ratio than either a steam or combustion tur-
bine alone, and thus will be most attractive in
situations where electricity requirements are rel-
atively high, or where electric power can be dis-
tributed to the grid economically. Their unit ca-
pacity also tends to be greater than either of the
separate turbine systems. Currently available
combined-cycle systems require too much space
for most commercial applications, but they should
be well suited to larger industrial facilities. Their
unit cost and installation leadtime are higher than
combustion turbines’, but comparable to medi-
um- or large-size steam turbines. Furthermore,
while combined cycles’ availability is lower than
either system alone, their overall fuel efficiency
is higher. Finally, combined cycles can use the
full range of fuels and will be readily adaptable
to fluidized bed combustion systems.

Diesel cogenerators (see fig. 3) have a higher
E/S ratio than the technologies described above,
and thus will be very attractive for facilities with
high electricity demand but low thermal energy
needs (i.e., most commercial building applica-
tions and many smaller industries), or where elec-
tricity can be distributed to the grid economically.
Diesels’ relatively high efficiency, low cost, short
installation leadtime, long service lifetime, and
established service infrastructure all contribute
to their attractiveness. However, diesels also can
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Figure 5.—Schematic of a Combined-Cycle Cogenerator
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have high maintenance costs and may be less
acceptable environmentally due to their poten-
tially high nitrogen oxide and particulate emis-
sions. In addition, currently available diesel tech-
nologies must burn oil or gas (some are dual-
fueled), although they will be able to use synthet-
ic fuels. Diesels capable of burning powdered
coal or coal slurries are under development, but
it is unclear whether they will be economically
competitive with other types of cogenerators.

Rankine steam bottoming cycles (see fig. 4) are
conceptually different from the technologies sum-
marized above in that high-temperature process
heat is produced first, then waste heat from the

thermal process is used to produce electric or
mechanical power plus additional lower tempera-
ture thermal energy. Because waste heat is used
to generate electricity, Rankine bottoming cycles
can present even greater fuel savings than top-
ping cycle cogenerators. The cost, average an-
nual availability, and construction leadtime of
Rankine steam bottoming cycles are comparable
to steam turbines, while their expected service
life is approximately equal to combustion tur-
bines, combined cycles, and diesels. Unit capac-
ity, however, often is smaller than other cogener-
ation systems. Rankine steam bottoming cycles
typically are considered for industrial applications
with very high-temperature heat needs.

WHAT ARE SOME PROMISING FUTURE
COGENERATION TECHNOLOGIES?

Current research and development efforts on
cogeneration are directed toward both improve-
ments in existing systems (see, “Under W/hat Cir-

cumstances Are Available Cogeneration Technol-
ogies Attractive?”) and the development of new
technologies. The primary concerns in these ef-
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forts include the ability to burn fuels other than
oil and gas (e.g., coal, biomass, solid waste), im-
proved fuel efficiency, increased electrical out-
put, and lower capital and operating costs (see
ch. 4).

Advanced steam turbine cogenerators with
higher steam pressures and temperatures, and
thus greater electric generating efficiency, should
be available between 1985 and 1990. Much of
the research on steam turbines is aimed at im-
proving the efficiency of smaller systems (less than
7 MW), while reducing their cost. Similarly, re-
search on open-cycle combustion turbines is di-
rected toward increasing efficiency through
higher inlet temperatures by improving turbine
blade cooling or making materials changes in
blade composition. Materials changes also would
improve the anticorrosive properties of turbine
blades and thus would allow combustion turbines
to use solid fuels (municipal solid waste, pulver-
ized coal, etc.). However, as with steam turbines,
capital and operating costs for advanced com-
bustion turbines are likely to be slightly higher
than present costs. Improvements in combined-
cycle systems include the advances in combus-
tion turbines, as well as the development of
smaller combined cycles with a wider range of
potential applications. Finally, advanced diesel
cogenerators are being developed that use coal-
derived fuels, and have a much greater power
output, as well as those for which all the recov-
ered thermal energy could be high-quality steam.
Each of these improvements in the diesel cogen-
erator should be commercially available by 1990,
but not all in the same system.

Advanced cogeneration technologies that are
not now available commercially include closed-
cycle combustion turbines, organic Rankine bot-
toming cycles, fuel cells, and Stirling engines (see
table 1 and ch. 4). (Solar cogenerators, such as
the therm ionic topping system, are not discussed
in this report.)

Closed-cycle, externally fired combustion tur-
bines are not available commercially in the
United States but are well developed in Europe
and Japan. These systems are potentially very at-
tractive because they can use a wide variety of
fuels (including coal), have a relatively high effi-

ciency and E/S ratio, and should be priced com-
petitively with other topping cycle cogenerators.
They will be attractive primarily in larger industrial
and utility applications.

Organic Rankine bottoming cycles evaporate
organic working fluids (e.g., toluene) to produce
shaft power, and can operate efficiently at lower
temperatures and in smaller sizes (i.e., 2 KW to
2 MW) than steam bottoming cycles. Because
they use lower temperature heat, they can be
adapted to a wide variety of heat sources, includ-
ing solar, geothermal, and industrial waste heat,
or engine exhausts. However, they currently re-
guire more maintenance than most topping cy-
cles, and further development and demonstra-
tion are necessary before the organic Rankine
bottoming cycle can be considered a “mature”
technology.

Fuel cells (electrochemical devices that con-
vert the chemical energy of a fuel directly into
electricity with no intermediate combustion cycle
—see fig. 6) are potentially attractive cogenerators
due to their modular construction, good electri-
cal-load-following capabilities, automatic opera-
tion, ability to use coal-derived fuels, and low
pollutant emissions. In addition, fuel cells could
be adapted to a wide range of sizes and applica-
tions, from small (40 to 500 kW) residential and
commercial systems to larger industrial and utility
plants (5 to 25 MW). Although fuel cell demon-

Figure 6.—Fuei Cell Operation
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stration plants are under construction, commer-
cial readiness is still at least 5 years away. The
primary development concerns include some-
what high capital costs and short service life.

Finally, Stirling engines (see fig. 7) could offer
an attractive alternative to available topping cy-
cles because of their ability to use coal and other
solid fuels, their high thermal and part-load effi-
ciency, and their low emissions, noise, and vibra-
tions. Stirling engines also could be used as com-
ponents of solar energy systems or as adjuncts
to fluidized bed combustors, nuclear reactors, or
other conversion technologies. Current research
efforts are directed toward improved efficiency
and solid fuel combustion characteristics, as well
as lower capital costs, before Stirling engines can
be considered commercial. Because they pro-
duce relatively low-temperature recoverable
heat, Stirling engines will be most attractive for
water heating or in facilities with relatively small
process heat requirements.

In addition to the cogeneration technologies
reviewed above, two types of advanced combus-
tion systems may be attractive for increasing co-
generators’ fuel flexibility: gasifiers and fluidized
bed combustors. Gasifiers would convert coal,
pet coke, or other solid fuels to medium-Btu gas
(about 300 Btu/standard cubic foot) for distribu-
tion to cogenerators (or other facilities) within
about a 100-mile radius. Gasification could cen-
tralize the use of solid fuels, and thus eliminate
cogenerators’ need for coal storage and handling
facilities. However, gasification is not yet a prov-
en technology, although both small- and large-
scale systems are being demonstrated. Whether
such a scheme will be successful is heavily de-

Figure 7.—Schematic of a Stirling Engine
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pendent on the capital costs, which are still highly
uncertain. Fluidized bed combustors can accom-
modate a wide range of solid fuels, and operate
at a lower temperature and pose fewer environ-
mental and operating problems than convention-
al boilers. Fluidized beds can be adapted to fire
several different types of cogeneration technol-
ogies. Atmospheric fluidized bed systems could
be used with steam or combustion turbines or
combined cycles, while pressurized systems could
drive combustion turbines or combined cycles.
Fluidized bed combustors are now being demon-
strated and could become commercial within a
few years.

WILL COGENERATION BE COMPETITIVE WITH CONVENTIONAL
THERMAL AND ELECTRIC ENERGY SYSTEMS?

Cogeneration is most likely to be competitive
with conventional separate electric and thermal
energy technologies when it can use relatively
inexpensive, plentiful fuels, and where there are
large thermal energy needs or it can meet on-
site energy needs while supplying significant
amounts of electricity to the utility grid.

oil-fired cogeneration will only save oil in
few circumstances (see, “Will Cogeneration Save
0il?”). Moreover, the price gap between oil/gas
and other fuels is likely to become wider over
time. Therefore, cogenerators will have to use
relatively inexpensive and plentiful fuels (such
as coal, biomass, or solid wastes) in order to be
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economically competitive with utility generating
capacity over the long run (10 to 20 years and
beyond). Alternatively, if the utility’s avoided cost
is determined by the price of oil, or if the utility
is primarily dependent on oil-fired capacity, then
natural gas may remain economically attractive
as a cogeneration fuel for several years. In the
short term, it is possible that cogenerators may
be able to rely on natural gas as a transition meas-
ure until synthetic gas from coal or biomass be-
comes widely available at a competitive price.
However, if gasifier technology or planned ad-
vances in the fuel flexibility of cogeneration tech-
nologies are not available as soon as expected,
or synthetic gas is not competitive in price with
natural gas, this strategy could lock cogenerators
into premium fuel use for many years.

For cogeneration to be economically attrac-
tive, there usually must also be substantial ther-
mal loads. Sites with low loads (e.g., less than
50,000 Ib/hr of steam) due to conservation meas-
ures or limited process needs, or with fluctuating
loads, generally would not be economically com-
petitive with conventional steam boilers and util-
ity-supplied electricity. Thus, commercial build-
ings are likely to have a low potential for
cogeneration because of their very low thermal
load factors. In some cases, however, cogenera-
tors can be “undersized” and operated at a high
capacity factor to meet the base thermal load,
with conventional boilers or furnaces used when
necessary to meet the remaining thermal demand
(see, “What Are the Opportunities for Cogenera-
tion in Commercial Buildings?”).

Finally, cogeneration’s ability to meet onsite
thermal and electrical needs, or to meet the

thermal needs and supply significant amounts
of power to the utility grid, will be a major deter-
minant of its economic competitiveness. In the
regions where electric utilities have substantial
amounts of generating capacity fueled by oil or
natural gas, or where demand growth is signifi-
cant (primarily the Northeastern States and Cali-
fornia, and to a lesser extent the South Atlantic
and West South-Central States), cogeneration will
be more attractive when it can supply significant
amounts of electricity to the grid (see, “What Are
the Potential Effects of the PURPA Incentives?”).
Alternatively, if the utility has substantial excess
capacity or primarily uses coal or other non-
premium fuels, and avoided costs are low or retail
electricity rates are high, a cogenerator’'s eco-
nomic competitiveness will depend primarily on
its ability to reduce onsite energy costs.

These determinants of cogeneration’s econom-
ic competitiveness will affect the choice of cogen-
eration technologies. Of the technologies that
are commercially available, only the steam tur-
bine topping and Rankine cycle bottoming sys-
tems can use fuels other than oil/gas. However,
bottoming cycles usually are limited to special-
ized applications that require high-temperature
heat, while steam turbines have low E/S ratios
(see, “Under What Circumstances Are Available
Cogeneration Technologies Attractive?”). Systems
with higher E/S ratios that will be able to use alter-
nate fuels are under development or demonstra-
tion, as are advanced combustion technologies
such as fluidized beds and gasifiers, and should
be available commercially by the mid to late
1980’s (see, “What Are Some Promising Future
Cogeneration Technologies?”).

WHAT ARE THE INDUSTRIAL COGENERATION OPPORTUNITIES?

Cogeneration of electricity and thermal energy
for industrial processes is a proven concept,
with approximately 9,000 to 15,000 MW of co-
generation capacity in operation at industrial
sites throughout the United States (see table
2), and at least 3,300 MW in the planning stage
or under construction. The technical potential
for industrial cogeneration (the number of sites

at which the thermal load is sufficient to justify
an investment in a cogeneration system) is high—
perhaps as much as 200 gigawatts (GW), or about
32 percent of current U.S. generating capacity.
However, the market potential (the amount for
which an investment is likely to be made) is much
lower due to economic and institutional consid-
erations.
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The industries in which cogeneration has a sig-
nificant market potential are those that use large
amounts of thermal energy, especially the pulp
and paper, chemical, steel and other metals, pe-
troleum extraction and refining, cement, food
processing, and textiles industries. In these and
other industrial sectors, cogeneration’s market
potential will be determined by:

* The availability of, and economics of using,
alternate fuels: The pulp and paper indus-
try, for example, produces large amounts of
burnable wastes and has long considered co-
generation to be an integral part of its in-
dustrial process. Where wastes (including
waste heat) or other solid fuels are unavail-
able or infeasible (due to economic, site, or
other limitations), cogeneration may not be
able to compete economically with conven-
tional thermal energy production plus utili-
ty-supplied electricity.

¢ Whether conservation measures will reduce
the economics of cogeneration: Industry has
reduced its thermal energy use substantially
through conservation in the last few years,
and conservation may be cogeneration’s pri-
mary ‘‘competitor.”” For instance, the ce-
ment industry once was considered a prime
candidate for bottoming cycle cogeneration
due to the high temperature (900° to 1,000 °F)
of the kiln exhaust gases. But conservation
measures have reduced that temperature so
much (now 300° to 400° F, and still declin-
ing) that it is no longer feasible to use in bot-
toming cycle systems.

¢ The availability of new process technology
that uses less (or no) thermal energy: For
example, the thermal energy requirements
of the open-hearth steelmaking process
made the steel industry a major cogenerator.
But large open-hearth mills are expected to
be replaced gradually by small mills run with
electric arcs that have little or no thermal de-
mand and thus a low potential for cogenera-
tion. However, if new electric arc mills were
sited close to another thermal energy user,
the output from a cogenerator could be
shared between the two facilities.

* The availability of advanced process tech-
nologies: New technologies and improved

versions of existing process technologies
now under development will have greater
fuel flexibility, higher fuel efficiency, and
higher electricity output.

Whether cogeneration retrofits are feasible
or new plants will be built: For instance,
petroleum refineries are well suited to cogen-
eration, and some existing refineries could
be upgraded, resulting in the production of
low-Btu gas suitable for onsite cogeneration.
But, few new refineries are likely to be built
except in areas such as California, which has
special requirements related to enhanced oil
recovery.

Whether a plant’s operating pattern makes
cogeneration economic: Many food process-
ing plants operate only during harvest sea-
son, and the resulting low capacity factor
may make cogeneration economically infea-
sible. However, the food processing season
often overlaps the hottest months when irri-
gation and air-conditioning loads contribute
to peak demands on electric systems in rural
areas, the seasonal price for utility generated
power is often very high and/or its reliability
is low. As a result, this industry’s seasonal
operating pattern can be outweighed by its
potential for lower energy costs.

The availability of capital for investments
in cogeneration: Industrial firms typically re-
qguire shorter payback periods for their in-
vestments than cogeneration may be able to
provide, although current accelerated depre-
ciation measures and investment and energy
tax credits can improve the payback signifi-
cantly. Cogeneration also must compete for
available capital with process equipment or
other investments that improve an industry’s
competitive position (as well as with conser-
vation measures, as mentioned above).
Third-party or utility ownership can improve
capital availability (see, “Who Will Own Co-
generators?”), as can low interest loans and
other financing measures that alleviate the
effects of high interest rates and capital
shortages.

* Whether there is a match between a plant’s

needs and the cogenerator’s output: An in-
dustry may need more or less thermal or
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electric energy than a cogenerator provides.
usually the technology will be chosen to op-
timize the match between load and output,
but this will not always be possible. The Pub
lic Utility Regulatory Policies Act (PURPA) re-
guirements that electric utilities offer to buy
power from and sell power to cogenerators
can mitigate an electricity supply and de-
mand mismatch, but the economics may not
always be favorable to the cogenerator (see,
“What Are the Potential Effects of the PURPA
Incentives?”). In some cases, industrial parks
with central cogenerators and shared energy
products through dedicated distribution sys-
tems may be an attractive solution to ther-
mal and electric supply/demand mis-
matches.

* Regulatory uncertainty and perceived risks:
Doubt about the continued availability of the
economic and regulatory incentives offered
by PURPA, the fuel use and pricing provi-
sions of FUA and the Natural Gas Policy Act,
and the various tax incentives for investment
in cogeneration (e.g., investment and energy
tax credits, accelerated cost recovery, safe

harbor leasing) can be a significant deterrent
to investment in cogenerators. Similarly, un-
certainty about interest costs and capital
availability, fuel costs, investment payback
periods, the use of solid fuels, and environ-
mental regulation can be disincentives to the
implementation of cogeneration projects.

All of the above factors could lead industrial
managers to adopt a “wait-and-see” attitude to-
ward cogeneration. As a result, widespread de-
ployment of industrial cogeneration capacity
could be delayed a decade or more. But the res-
olution of legal and regulatory uncertainties, the
rapid development and demonstration of ad-
vanced technologies that can burn solid fuels
cleanly, and lower interest rates or innovative
financing and ownership arrangements could
substantially improve industrial cogeneration’s
market potential. In addition, if natural gas prices
are seen to be lower than distillate for an ex-
tended period—Ilo to 20 years—an industry might
decide it is worth the investment risk if their pur-
chase power rates are based on oil.

WHAT ARE THE OPPORTUNITIES FOR COGENERATION
IN COMMERCIAL BUILDINGS?

Although the opportunities for cogeneration in
commercial buildings depend on the same gen-
eral factors as industrial cogeneration—thermal
energy demand, availability of capital, competi-
tion with conservation, capability of using non-
premium fuels, etc.—there are characteristics
about buildings that constrain cogeneration more
than in industry.

In the near term—the next 10 to 15 years—com-
mercial cogeneration will be fueled predom-
inantly by natural gas. Coal-fired units can be
used but these will be limited because of the dif-
ficulties of handling and storing coal in and
around commercial buildings. Therefore, the
principal determinants for commercial cogener-
ation for the near term will be the price and
availability of natural gas, and either the price
of electricity from central station units or the
price that utilities will pay for electricity from

cogenerators as set by their public utility commis-
sions. For those regions where the latter is set at
or near the price of oil-fired electricity and the
utilities have oil or natural gas fueled capacity,
commercial cogeneration fueled by natural gas
has a promising market even if natural gas prices
should approach those of distillate fuel oil. The
primary advantage of commercial cogeneration
in these cases is that it allows rapid development
of new capacity to meet new demand and/or to
replace the utility’s oil-fired capacity.

Under least cost conditions, cogenerated elec-
tricity will be produced and sold when it is less
expensive than central station electricity (see,
“Will Cogeneration Be Competitive With Con-
ventional Thermal and Electric Energy Systems?”).
Net fuel savings by cogeneration compared to
separate production of electricity and heat, how-
ever, may be less than that indicated by the
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amount of electricity sold because of the very low
thermal load factors of commercial buildings. The
most promising arrangement for commercial
buildings probably would be to undersize the
cogenerator and operate it at a high capacity
factor to meet the base thermal load, and use
conventional thermal energy systems when nec-
essary to meet the remaining load. This allows
a high degree of heat recovery and efficient cap-
ital utilization. Alternatively, the diversity added
by using several buildings for heating loads could
greatly increase net fuel savings. This also means
that buildings located in regions with high ther-
mal loads (about 6,000 degree days or higher per
year) will be the most attractive candidates for
cogeneration.

However, in both the near and long term,
commercial cogeneration will compete with
conservation-especially in new buildings. Con-
servation will very likely be more economic than
cogeneration for most of the Nation’s buildings.
Further, the more efficient a building is, the lower
its thermal demands and the less attractive cogen-
eration becomes. This is particularly significant
when capital is scarce. Utility ownership may be
one way of reducing the severity of the latter con-
cern (see, “Who Will Own Cogenerators?”).

For the longer term, beyond 10 years, com-
mercial cogeneration ultimately must compete
with new coal-fired or, possibly, nuclear capac-
ity. It is unlikely that natural gas-fired cogenera-
tion will be able to compete economically with
new coal-fired central station capacity—even with
byproduct credit for displacing natural gas for
space heating—unless natural gas prices stay well
below distillate oil. This is not likely to be the case

toward the end of the century as supplies of con-
ventional natural gas diminish. Where electricity
growth rates are high (greater than 2 percent per
year) and thermal demands are high (6,000 de-
gree days or higher per year), however, natural
gas-fired commercial cogeneration, even at high
gas prices, could be competitive for new interme-
diate and peaking electric loads or for cases in
which coal use is limited.

Cogeneration directly fired by coal with new
technologies, such as fluidized bed combustion,
or indirectly through low-Btu gasification and
combined-cycle systems, could compete with
new central station coal capacity (see, “What Are
Some Promising Future Cogeneration Technol-
ogies?”). Some current analyses indicate that this
will be so, but the OTA analysis of synthetic fuels
for transportation shows that there is considerable
uncertainty with respect to cost of synfuels pro-
duction (6). Other promising possibilities are
combined-cycle systems fired by biomass or solid
waste gasifiers. These new technologies do not
eliminate the coal or biomass handling problem,
however, which will still act to inhibit cogener-
ation.

Finally, environmental considerations are like-
ly to be more important for commercial build-
ings than for other cogeneration applications.
This is due in part to the potential for increased
emissions with the technologies that are most
suited to commercial building applications, and
in part to the inherent characteristics of the urban
environment (e.g., proximity of buildings to each
other, urban meteorology; see, “What Are the
Environmental Impacts of Cogeneration?”).

WHAT ARE THE INTERCONNECTION REQUIREMENTS
FOR COGENERATION?

In the past, electric utilities and the agencies
that regulate them have only been concerned
with power flows from the central grid to cus-
tomers, or from one utility to another. However,
the economic and other incentives offered to co-
generation under Federal (and some States’) law
assume that cogenerators may feed power back

into the grid. These “two-way” power flows have
raised concerns about the technical and safety
aspects of interconnection and integration with
the grid, about liability for any damage that may
result from improper interconnection, and about
the costs of the equipment needed for proper in-
terconnection and integration. OTA found that
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most of the technical aspects of interconnection
and integration with the grid are relatively well
understood, although some electric utilities still
have reservations. Rather, the primary issues re
lated to interconnection are the costs of the
equipment and the utilities’ legal obligation to
interconnect.

The technical aspects of interconnection about
which utilities are concerned include maintain-
ing power quality, metering cogenerators’ power
production and consumption, and controlling
utility system operations. Power supplied by co-
generators to the grid must be within certain tol-
erances so that the overall utility system power
quality remains satisfactory and utilities’ and cus-
tomers’ equipment will function properly and not
be damaged. In order to maintain power quality,
grid-connected cogenerators may need capaci-
tors to keep voltage and current in phase, over/
under relays to disconnect the generator if its
voltage goes outside a certain range, and a dedi-
cated distribution transformer to isolate voltage
flicker problems. However, the power quality ef-
fects of interconnected cogenerators often are
technology- and site-specific, and not all systems
will need all of this equipment. in particular,
smaller systems (under 20 kW) may have few or
no adverse effects on power quality and may re-
qguire only limited interconnection equipment.
Larger systems probably will already have dedi-
cated transformers, and would only need capaci-
tors to correct power factor if they use induction
(as opposed to synchronous) generators.

Cogenerators’ power production and con-
sumption must be metered accurately in order
to collect data for better understanding their con-
tribution to electric system loads, and thus for de-
termining how to price buyback and backup
power. Two standard watthour meters can be
used, with one operating normally to measure
electricity consumption and the other running
backwards to indicate production. Alternatively,
more advanced meters are available that indicate
not only kilowatthours used/produced, but also
power factor correction and time-of-use. Al-
though an advanced meter provides more useful
data, it also costs about five times more than two
standard watthour meters. Whether cogener-
ators are given a choice between standard and

advanced meters and, if not, whether the utility
or the cogenerator pays for the advanced meter,
varies among utilities.

Utilities also are concerned about cogenerators’
effects on their ability to control utility systems
operations, including the possibility that large
numbers of cogenerators (or small power produc-
ers) would overload system dispatch capabilities,
and would contribute to unstable power systems.
Although very large cogenerators might be dis-
patched by a central utility control center (and
thus require connection via expensive telemetry
equipment), most utilities will treat cogenerators
as “negative loads” by subtracting the power pro-
duced by the dispersed generators from total sys-
tem demand, and then dispatching the utility’s
capacity to meet the reduced demand. Studies
of such negative load treatment indicate that it
should work well where the total capacity of the
cogenerators is limited compared to the overall
system capacity. However, additional research
is needed on the effects of large numbers of
cogenerators on system stability. The primary
concern with a significant system penetration of
cogenerators is their ability to remain synchro-
nized with the system following a disturbance.

Without proper interconnection measures,
large numbers of cogenerators also might pose
hazards to worker safety during repairs to trans-
mission and distribution lines. First, dispersed
generators will need to locate their disconnect
switches in specified areas in order to simplify line
workers’ disconnect procedures. Second, induc-
tion (and, very occasionally, synchronous) gen-
erators must guard against self-excitation either
by using voltage and frequency relays and auto-
matic disconnect circuit breakers, or by locating
their power-factor correcting capacitors where
they will be disconnected with the cogenerator
or where they can be isolated easily by line
workers. Therefore, while proper interconnec-
tion must be ensured in order to protect utility
workers’ safety, none of the necessary precau-
tions is difficult to implement.

The cogenerator usually is liable for accidents
or damage to equipment resulting from improper
interconnection or operation. The utility may in-
clude the cost of insurance against such mishaps



Ch. 2—lIssues and Findings . 37

in the cogenerator’s regular billing, or liability
(and adequate insurance to cover it) may be a
condition of the contract between the utility and
cogenerator. However, in some cases, require-
ments for both insurance and protective equip-
ment may be redundant and place an excessive
cost burden on the cogenerator.

The cost of interconnection varies widely de-
pending on the size and type of cogenerator,
the equipment already in place, and the utility’s
or State regulatory commission’s requirements.
Few guidelines have been published (although
several are being prepared) and some utilities or
commissions may require more equipment than
described above in order to provide extra pro-
tection for their system and their other customers.
In addition, the quality of equipment required (in-
dustrial or utility grade) can affect the cost sub-
stantially. Most utility engineers agree that the less
expensive industrial grade should be adequate
for smaller cogenerators, but specifications of the
cutoff range from 200 to 1,000 kW. Finally, costs
will depend on the amount of equipment that is
already in place (e.g., dedicated transformers)
and on the adequacy of existing distribution lines.

Based on published studies, OTA estimated two
sets of interconnection costs for three sizes of
cogeneration systems: a “base case” that assumes

that much of the equipment is already in place
or not required (e.g., capacitors, dedicated trans-
formers, protective relays), and a “worst case”
that assumes this equipment must be purchased
(see table 3). Most of the cost difference between
the two cases results from the addition of a dedi-
cated transformer, and from the use of more ex-
pensive relays and other protective devices.
Moreover, these estimates indicate that there are
significant economies of scale in interconnection
costs.

The Federal Energy Regulatory Commission’s
(FERC) rules implementing section 210 of PURPA
originally specified that “any electric utility shall
make such interconnections as may be necessary
to accomplish purchases or sales” of cogenerated
power. However, this rule recently was over-
turned by the U.S. Court of Appeals on the
grounds that it is inconsistent with other parts of
PURPA that provide for individual FERC orders
requiring interconnection after the opportunity
for a full evidentiary hearing in accordance with
the Federal Power Act. Thus, if cogenerators can-
not get a utility to agree to interconnect with
them, they will have to meet the multiple strin-
gent legislative tests of the Federal Power Act,
which will be very difficult, expensive, and time-
consuming for the cogenerator.

Table 3.—interconnection Costs for Three Typical Systems

50 kW 500 kW

5MW
Equipment Best  Worst Best Worst Averaae
Capacitors for power factor .. .......... $1,000 - $5,000
Voltage/frequency relays . .. ............ $1,000 1,000 1,000 $1,:00
Dedicated transformer. ................ — 3,900 12,500 40,000
MEEr . .ottt 80 1,000 80 1,000 1,000

Ground fault overvoltage relay . . ........
Manual disconnect switch . . ...........

Circuitbreakers .. ....................
Automatic synchronizers. ..............
Equipment transformers . ... ...........
Other protectiverelays . ...............

Totalcosts ($) . ..o oo
Total costs ($/kW). . .................

600 600 600 600 600

300 300 1,400 1,400 3,000
620 620 4,200 4,200 5,000
— - 2,600 2,600 2,600
600 1,100 600 1,100 1,100
- 3,500 - 3500 3,500
$2,600 $13,020 $11,080 $32,900 $57,300
52 260 22 66 12

NOTE: “-"
calculations.

means an optional piece of interconnection equipment that was not included in the requirements and cost

SOURCE: Office of Technology Assessment calculations based on data derived from Howard S. Geller, The /interconnection
of Cogenerators and Small Power Producers to a Utility System(washington, D. C.: Office of the People’s Counsel,

February 1982).
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WHO WILL OWN COGENERATORS?

Cogenerators might be owned by industrial,
commercial, or other users, by utilities, by third
parties, or by some combination of these (joint
ventures). Each of these forms of ownership has
relative advantages and disadvantages for financ-
ing, taxation, operating characteristics, and regu-
latory considerations.

The energy and investment tax credits, coupled
with the economic and regulatory incentives insti-
tuted by PURPA, encourage private firms (e.g.,
industrial facility and commercial building own-
ers) to cogenerate. The PURPA requirement that
utilities purchase electricity from, and sell it to,
cogenerators, and the provision that exempts co-
generators from regulation as electric utilities, re-
moved the primary institutional and economic
obstacles to private ownership of cogeneration
capacity. PURPA also encourages the develop-
ment of contractual relationships between private
owners and electric utilities—often a prerequisite
for obtaining attractive financing. Long-term con-
tracts can establish a purchase rate based on the
utility’s avoided costs either at the time of the
contract or at the time power is delivered to the
utility, or the cogenerator and utility can negotiate
a price independent of avoided cost considera-
tions. PURPA incentives are augmented by pri-
vate owners’ ability to earn up to 20 percent tax
credits for investment in cogenerators through
the end of 1982, and 10 percent thereafter, which
offers a boost to cash flow early in a project’s life.
Finally, user ownership generally would provide
the greatest control over the cogenerator’s energy
output. However, industrial and commercial
firms’ willingness to invest in cogeneration will
be influenced heavily by the cost of capital (often
higher than the cost to utilities or many third-party
investors), the need to invest in process equip-
ment or other items that will contribute to a firm’s
competitive position, and the availability of less
costly conservation measures.

Investor-owned electric utilities and their sub-
sidiaries are logical potential owners of cogenera-
tion capacity because electricity generation is
their primary business. Ownership of cogenera-
tors would enable the electric utility industry to
provide a wide range of energy supply options

and not just to facilitate their development by
other parties. Moreover, utility ownership would
reduce the potential for revenue losses from the
development of generating capacity by nonutil-
ities, while providing an additional revenue
stream from thermal energy sales. Direct utility
ownership (i.e., not utility subsidiaries) also could
result in lower generation costs to be passed on
to consumers because the avoided cost would
become the lower of the cost of cogenerating or
of providing electricity from alternate sources
(see, “What Are the Potential Effects of the
PURPA Incentives?”). In addition, utilities are
more likely to choose technologies that have high
E/S ratios and that can accommodate coal or
other alternate fuels (e.g., with gasifies). As a
result of all these considerations, cogeneration’s
market potential in general, and its ability to
supply large amounts of electricity to the grid
in particular, are likely to be enhanced substan-
tially under utility ownership.

However, current Federal policy toward cogen-
eration discourages full utility ownership. First,
PURPA incentives are not available to cogenera-
tors in which utilities own more than a 50-percent
interest. Allowing 100-percent ownership would
mean that utilities could earn a higher rate of
return on unregulated cogeneration capacity than
on their regulated central station capacity, and
would compensate utilities more fully for accept-
ing the business risks of investment in generating
equipment over which they have little control
(e.g., strikes, plant closings, or fuel interruptions
at the cogeneration facility). Second, utility prop-
erty is not eligible for the energy tax credit, and
thus utilities would not gain the same cash flow
advantages as private investors. Removing these
disincentives would allow electric utilities to com-
pete on at least an equal basis with other poten-
tial owners, and may give utilities a competitive
advantage, and thus could substantially increase
cogeneration’s market potential.

However, full utility ownership raises concerns
about competition and potential economic distor-
tions. Utilities could favor their own (or their sub-
sidiaries’) projects through the duration or other
terms of the purchase power contract, the inter-
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connection requirements, or the priority for con-
tracting. There is also a potential for utilities to
cross-subsidize cogenerators through their other
operations, making it difficult for private owners
to compete, or for utilities to favor particular mod-
els and thus stifle competition among vendors.
Each of these concerns can be dealt with either
through carefully drafted legislation and regula-
tions, or through careful review of utility owner-
ship schemes by State regulatory commissions.

Publicly owned utilities also are logical candi-
dates for investment in cogeneration capacity.
Most publicly owned electric utilities purchase
all or some of their power from the grid. invest-
ment in cogeneration capacity would enable
them to add a new source of municipal revenue
while increasing the reliability of their power sup-
ply. Moreover, many existing small municipal
powerplants are sitting idle due to their high oper-

ating costs relative to the cost of grid-supplied
power. These small plants could be retrofitted for
cogeneration and the thermal energy used to
meet local needs for such processes as grain dry-
ing or ethanol production. Municipal utilities also
have advantages in financing because they are
tax-exempt and so is the interest paid on their
obligations.

Finally, joint ventures among any of the types
of owners listed above or with third-party inves-
tors will be attractive, primarily due to the tax ad-
vantages. If the primary investor cannot take ad-
vantage of tax benefits such as credits or acceler-
ated depreciation (e.g., because the investor is
tax-exempt or has a low tax liability), the cogen-
eration equipment can be sold to another party
for tax purposes only and leased back to the co-
generator or other owner.

WHAT ARE THE POTENTIAL EFFECTS OF
THE PURPA INCENTIVES?

PURPA extends several important incentives to
qualifying cogenerators (and small power produc-
ers). These include exemptions from electric util-
ity or utility holding company regulation under
Federal and State law and from some Federal fuel
use and pricing regulations; incentive rates for
sales of cogenerated electricity to the grid, and
nondiscriminatory rates for purchases of backup
or supplementary power from the grid; and spe-
cial provisions on interconnection, and on wheel-
ing of cogenerated power. All of these incentives
are important because they could remove long-
standing regulatory and economic barriers to on-
site electricity generation. However, the rate pro-
visions of PURPA are likely to have the most im-
portant impacts.

PURPA requires electric utilities to purchase
power from cogenerators at a rate that does not
exceed “the incremental cost to the electric utility
of alternative electric energy.” This is termed the
utility’s avoided cost, and is measured by the sav-
ings to the utility in not generating the power itself
or purchasing it from the grid. Avoided cost rates
are based on a cogenerators’ contribution to

power supply or peak load during daily or season-
al peak demands (including the reliability of that
contribution from the utility’s perspective); a
credit for capacity and/or energy if the cogenera-
tor enables the utility to defer new construction
and decrease oil/gas use; and any costs or sav-
ings to the utility in transmission and distribution.

The level at which avoided cost rates will be
set is uncertain at this time. The original FERC
rules implementing PURPA provided for pur-
chases of cogenerated power at 100 percent of
the utility’s avoided cost. This provision was chal-
lenged successfully on the grounds that PURPA
established the full incremental cost as a rate ceil-
ing, and that FERC had not adequatel, justified
their choice of the highest permissible rate when
a lower rate would share the economic benefits
of cogeneration with the utility’s ratepayers. FERC
is appealing this ruling, but it may be months
before a final decision is available and the regula-
tions are rewritten, if necessary.

Regardless of whether the rates for purchases
of cogenerated power are set at 100 percent of



40 . Industrial and Commercial Cogeneration

avoided costs or less than 100 percent, these
rates will vary widely regionally. In most cases,
only those utilities that are heavily dependent on
oil or gas, have a declining reserve margin, or are
anticipating relatively high peak demand growth
(e.g., 3 percent per year or greater) will have suf-
ficiently high avoided costs to make grid-con-
nected cogeneration an attractive investment (see
table 4). Therefore, PURPA rate provisions are
most likely to be an incentive to cogeneration in
the New England States (especially Massachu-
setts, Rhode Island, New Hampshire, and Con-
necticut); the Mid-Atlantic States (particularly
New York, New Jersey, and Delaware); the
Southern and South-Central States of Florida,
Mississippi, Arkansas, Louisiana, and Texas; and
the State of California and the Pacific Northwest.

However, in each area, PURPA avoided cost
incentives may be reduced by such factors as
utility plans to convert to less costly generating
capacity, or by conservation measures that re-
duce the rate of peak demand growth. Thus, if
peak demand growth rates are not so high as
those presented in table 4, then reserve margins
would be higher than shown and avoided costs
would be lower. Where avoided costs are low,
a cogenerator may deliver its electricity to a more
distant utility that would have higher avoided
costs, if the local utility agrees to transmit the
power.

PURPA economic incentives also can have im-
portant impacts on electric utilities and their cus-
tomers—especially if cogenerated power is priced
at 100 percent of the utility’s avoided cost. Be-

cause the avoided cost rate is based on the cost
to the utility of alternative electric power, the
price of electricity for non-cogenerating custom-
ers should not be any higher than it would be
if the utility did not make avoided cost payments
to cogenerators (unless the State has established
rates higher than the full avoided cost). However,
neither will the price to those customers be any
lower under 100-percent” avoided cost rates (ex-
cept in those cases where utilities negotiate a con-
tract price for cogenerated power that is less than
the full avoided cost).

Moreover, even though utilities should treat co-
generated power as part of their overall capacity,
they will not earn a rate of return on cogenera-
tion equipment unless they own it. Under PURPA,
cogenerators that are more than 50 percent util-
ity-owned are not eligible for PURPA economic
and regulatory incentives. If utilities could own
cogeneration capacity outright and still benefit
from those incentives, the avoided cost could
become equivalent to the cost of cogenerated
electricity or the cost of alternative power—
whichever is lower. If the cost of cogenerated
power were lower, utilities could pass this sav-
ings on to their non-cogenerating customers,
while still earning a higher rate of return on un-
regulated cogenerators than the regulated return
on their conventional capacity. Therefore, remov-
ing the ownership limits in PURPA could act as
an incentive to utility investment in cogeneration,
and thus increase the technology’s market poten-
tial. However, utility ownership also raises con-
cerns about possible anti-competitive effects (see,
“Who Will Own Cogenerators?”).

WHAT ARE THE POTENTIAL ECONOMIC IMPACTS
OF COGENERATION ON ELECTRIC UTILITIES?

Cogeneration could have either beneficial or
adverse economic impacts on electric utilities
and their customers, depending on the choice
of cogeneration technologies, their fuel use, and
the type of utility capacity they might displace;
on who owns the cogenerators; on the systems’
operating characteristics; and on the price paid
by utilities for cogenerated power. These poten-
tial impacts include decreased (or increased) costs

of constructing and operating electric generating
capacity, increased (or decreased) employment
associated with electricity supply, and a de-
creased (or unchanged) rate of growth in electric-
ity rates.

In order to gauge the potential magnitude of
these economic impacts if cogeneration achieved
avery large market penetration, OTA developed
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Table 4.—Considerations in Determining Avoided Costs Under PURPA

Region®

Fuel used (percent)”

Reserve margin (percent)

Oil Gas

1981 1990 2000

Peak demand growth (percent)
1981-1990 1991-2000

Northeast.................
Maine...................
New Hampshire . .. .......
Vermont. . ...............
Massachusetts . .. ........
Rhodelsland . ...........

Pennsylvania. . ...........
New Jersey ..............
Delaware ................
Southeast.................
Virginia. .............. ..
North Carolina...........
South Carolina. . .........
Georgia.......ooviuiinn.
Florida..................
Tennessee. ..............
Alabama................
Mississippi . ..o
East-Central ...............
Maryland . ...............
District of Columbia . .. ...
West Virginia. . ..........
Ohio....................
Kentucky . ...............
Indiana..................
Michigan................
Midwest . ..................
Wisconsin. ..............
Minois . .................
Missouri . ...............
North-Central .. ............
Minnesota . . .............
North Dakota . ...........
South Dakota . ...........
Nebraska................
lowa....................
South-Central . .............
Kansas .,...... ... .......
Oklahoma ...............
Arkansas................
Louisiana . ...............
Texas.......ooviininn.
Western...................
Montana................
Colorado................
Wyoming................
New Mexico . ............
Arizona.................
Uah....................
ldaho...................
Oregon..................
Washington .. ............
California................
Nevada..................

45.4 52.9

40.6 28.8}
— 26.0}

43.8 43.7 24.2

31.6 29.1 25.6

335 28.5 18.6

38.8 335 29.0

19.4 18.4 14.7

41.4 20.4 14.8

254 19.7 17.6

30.1 343 25.6

32.8 40.2 16.5

21.2 18.0 11.4

1.9 21

24 19

3.7 3.0

3.5 2.9

2.9 3.2

3.8 3.3

4.0 3.6

3.5 2.8

4.7 3.6

2.6 2.2

aRegions correspond roughly to North American Electric Reliability Council regions.
bElectric utility fuel use of less than about 10 percent is not included for individual States.

SOURCE: Office of Technology Assessment, from Edison Electric institute, Statlsflcal Yearbook off the Electric Utility Industry: 1980(Washington, D.C; Edison Electric
Instltute,1981~ and North Amerlcan Electrlc Rellabillty council, Electrlc Power Supply and Demand, 1981-1990 (Princeton, N.J; North American Electric

Reliabllity Council, July 198l)

JH=T4E - B4 -4 L3
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six scenarios of cogeneration use that postulate
penetrations of 50,000, 100,000, and 150,000
MW of cogeneration capacity by 2000 with two
different technology mixes. We then compared
the capital requirements, operation and mainte-
nance (O&M) costs, and construction and O&M
labor needs for these scenarios to those for install-
ing an equivalent amount of central station base-
load and peaking capacity (using two mixes for
baseload capacity—loo percent coal and so/so
coal and nuclear). In this comparison, OTA found
that:

+ capital requirements for cogeneration varied
from around 95 percent less to about 25 per-
cent more than the capital requirements for
an equivalent amount of central station ca-
pacity;

* O&M costs for cogeneration ranged from ap-
proximately 75 percent less to about 95 per-
cent more than the O&M costs for central
station generation;

* construction labor requirements for cogen-
eration varied from around 45 percent less
to approximately 70 percent more than those
for constructing an equivalent amount of util-
ity capacity; and

* O&M labor requirements, measured in
work-hours per megawatthour, varied much
more widely (e.g., 10 to several hundred
times greater labor needs for cogeneration
than for central station capacity).

In general, the wide variations in these results
can be attributed to the economies of scale in
the costs and labor needs for constructing and
operating cogeneration capacity. Thus, total esti-
mated cogeneration capital requirements are, on
the average, lower than those for central station
capacity, but may be slightly higher if all the co-
generators were very small systems with a high
initial cost per kilowatt (e.g., 500-kW steam tur-
bines, 75-kW diesels, 100-kW combustion tur-
bines). Similarly, average estimated construction
labor requirements for cogeneration range from

about the same as those for installing convention-
al utility capacity to around so percent higher,
and could be even greater when the smallest co-
generators (that require more work-hours per
kilowatt of capacity) are installed. On the other
hand, construction labor requirements for cogen-
eration may be lower than those for central sta-
tion utility capacity if the largest cogenerators are
used (e.g., 100-MW steam or combustion tur-
bines, 30-MW diesels). For O&M costs, cogenera-
tion tends to be more expensive for small systems
and those with a higher capacity factor, and less
expensive for large systems or those with a lower
capacity factor. Finally, the O&M labor require-
ments for cogeneration are the most uncertain,
primarily due to the lack of data in this area and
because the economies of scale are even more
pronounced.

Because the mean cost of cogenerated electric-
ity tends to be lower than the marginal cost of
electricity from new central station capacity, co-
generation may have the potential to reduce the
rate of growth in retail electricity rates. That is,
if utilities installed cogeneration capacity, lower
costs would be passed on to their customers than
if they installed conventional capacity. However,
if utilities purchase cogenerated power at a rate
based on their marginal, or full avoided costs,
then the cost passed onto other customers would
be equivalent to the cost of alternative electricity
(i.e., either central station capacity or power sup-
plied by the grid), and cogeneration would not
reduce retail electricity rates, (see, “What Are the
Potential Effects of the PURPA Incentives?”). Fur-
thermore, where State regulatory actions provide
for purchases of cogenerated power at rates that
are even higher than full avoided costs (e.g.,
either because the State commission sets pur-
chase power rates equivalent to the cost of oil
and the utility uses a mix of fuels, or when the
commission establishes an explicit subsidy rate),
non-cogenerating ratepayers will be subsidizing
cogeneration.
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WHAT ARE THE ENVIRONMENTAL IMPACTS OF COGENERATION?

The primary environmental concern about co-
generation is the air quality impacts. In general,
cogeneration does not appear to offer automatic
air quality improvement or degradation com-
pared to the separate production of electricity
and thermal energy (see table s). Rather, each
cogeneration application must be evaluated sep-
arately. Thus, cogeneration’s greater fuel efficien-
cy—when considered by itself—appears to offer
a decrease in the total emissions associated with
electric and thermal energy production, but,
when evaluated in combination with the other
changes associated with substituting cogenera-
tion for conventional energy systems (including
changes in the type of combustion equipment,
its scale, and the type of fuel), may actually lead
to an increase in total emissions.

Similarly, the location and technological char-
acteristics of a cogenerator will affect ambient
pollution concentrations and pollution disper-
sion. Cogeneration usually involves shifting emis-
sions away from a few central powerplants with
tall stacks to many dispersed facilities with lower
stacks. In many situations, this shift will lead to
local increases in annual average pollutant con-
centrations near the cogenerators. For urban co-
generators, total population exposure may in-

crease because the emissions sources have been
moved closer to densely populated areas. Also,
air quality under certain meteorological condi-
tions (such as low-level inversions) may be worse
with cogeneration than with conventional sepa-
rate electricity and thermal energy production.
On the other hand, in some situations the “worst
case” short-term pollutant concentrations caused
by cogenerators will not be so high as the worst
case concentrations associated with the facilities
they displace. Moreover, if a cogenerator replaces
several small furnaces or boilers then its air quality
impacts can be positive.

Industrial and large-scale commercial cogen-
eration systems using steam or combustion tur-
bines do not appear to present significant air
guality problems in most situations. However,
if the substitution of these cogeneration technol-
ogies for separate electric and thermal energy
production also involves a switch from “clean”
to “dirty” fuels (e.g., from distillate oil to high
sulfur coal) then emissions could increase. Simi-
larly, where a new steam or gas turbine cogener-
ator that primarily produces electricity is substi-
tuted for a new boiler or furnace, then the cogen-
erator could add significantly to local emissions.

Table 5.—Effect of Cogeneration Characteristics on Air Quaiity

Technological characteristic

Direct physical effect

Effect on air quality
(positive or negative)

Increased efficiency

Change in scale (usually smaller for
electric generation, at times
larger for heat/steam production)

Reduction in fuel burned

Change in pollution control
requirements (stringency
increases with scale)

Change in stack height and plume
rise (increases with scale)

Positive
Negative for electric’
Positive for heat

Negative for electric
Positive for heat

Changes in design, combustion Mixed
_ _ control _
Changes in fuel combustion Changes in emissions production, Mixed

technology required controls, types of
pollutants, physical exhaust
parameters
Change of fuels Change in emissions production, Mixed
type of pollutants
Change of location (most often for Change in emissions density and Mixed

electric generation)

distribution—electric power more

distributed, heat/steam may
become more centralized

8The air quality effect of replacing the electric power component of the conventional system with the electric component of the cogeneration system is negative.

SOURCE: Office of Technology Assessment from material in ch. 6.
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The use of diesel cogenerators (and gas-fired
spark-ignition engines), however, generally will
lead to increased levels of nitrogen oxide (NO,)
emissions at the cogenerator site, even after ac-
counting for the displaced emissions from the
separate electric and thermal energy sources.
Available controls can reduce diesel NO,emis-
sions by nearly one-half, which mitigates but does
not eliminate this problem. Diesels also emit po-
tentially toxic particulate, but conclusive medi-
cal evidence of harm is lacking at this time, and
the evidence that is available suggests that this
hazard may not be critical.

Cogenerators’ greater fuel efficiency can lead
to an important environmental benefit through
reduced exploration, extraction, refining/process-
ing, and transportation of the fuel saved. How-
ever, this benefit is difficult to quantify and com-
pare to the various air quality effects noted above.
Furthermore, this benefit usually will occur only
when the cogenerator uses the same fuel as the
conventional energy systems it displaces. That is,
if a fuel that is difficult to extract, process, and
transport (e.g., coal) is substituted for a “cleaner”
fuel (such as natural gas) the overall impacts may
be adverse rather than beneficial.

The air quality concerns reviewed above mean
that cogenerators—especially those in urban
areas—must be designed and sited carefully.
Most urban cogenerators are likely to be diesels
or gas-fired spark-ignition engines, both of which
have higher NO,emissions than the systems they
would replace. In urban areas with high NO,
concentrations, deployment of large numbers
of cogenerators without pollution controls and
careful siting could lead to violations of ambient
air quality standards and increased risks of ad-
verse health effects. There is considerable poten-
tial to mitigate these problems through proper
site selection and engine design, and the use of
available NO,controls. For example, uncon-

trolled diesel NO,emissions may vary by as
much as a factor of 8 depending on the engine
model and manufacturer, so appropriate engine
choice alone might improve environmental ac-
ceptability significantly. However, there are no
Federal emission standards for stationary diesel
engines and the degree of risk from their deploy-
ment will depend on the effectiveness of State
and local air quality permitting and management.

Proper siting and design also are important
in avoiding the problems of “urban meteorol-
ogy, " or the effect of tall buildings on air cur-
rents and, thus, on pollutant dispersion. Urban
meteorology can cause plumes to downwash or
to be trapped and recirculated in the artificial can-
yons created by urban buildings, and can there-
fore result in very high local pollution levels dur-
ing certain wind conditions. Proper design and
siting—especially ensuring that exhaust stacks
are taller than surrounding buildings—can avoid
air quality problems caused by urban meteorol-
ogy. But the solutions may be costly in certain
circumstances (e.g., when adjacent structures are
much taller than the cogenerator’s building), and
may be ignored by developers unless there is a
strong State or local permit review process.

Although potential air quality impacts are the
primary environmental concern for cogeneration,
water quality, solid waste, noise, and cooling tow-
er drift also may be important. Water pollution
can result from blowdown from boilers and wet
cooling systems, and runoff from coal piles and
from scrubber sludge and ash disposal. In urban
areas, these effluents may have to be pretreated
before discharge into the municipal treatment
system. in addition, sludge and ash disposal may
be a problem in urban areas due to the lack of
secure disposal sites. Noise is also primarily an
urban problem, but control measures are read-
ily available. Finally, cooling tower drift can be
a nuisance for those in the immediate area.
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Chapter 3
Context for Cogeneration

Cogeneration has attracted widespread atten-
tion in recent years because of its potential for
increased energy efficiency, and therefore, lower
energy costs. A decision by an industrial concern,
a commercial building owner, or a utility to in-
vest in a cogeneration system will be based on
an evaluation of the supply and price of fuel,
regulatory considerations, the cost and availability
of capital, tax incentives, and the technical, cost,
and output characteristics of cogeneration rel-
ative to conventional separate electric and ther-
mal energy systems. This chapter will review the
institutional, regulatory, and financial context
within which cogeneration must compete against

conventional energy supplies, including the na-
tional energy context (supply of and demand for
electricity and fuels), the structure and operations
of the electric power industry (as they may af-
fect a utility’s choice of investing in a conven-
tional baseload or peakload powerplant or in
cogeneration), and the regulation and financing
of cogeneration technologies. Subsequent chap-
ters will describe cogeneration technologies and
their cost and output characteristics, promising
cogeneration applications in the industrial and
commercial sectors and in rural areas, and the
potential environmental and economic impacts
of cogeneration.

NATIONAL ENERGY CONTEXT

Cogeneration systems could affect both the
supply of and demand for fuels and electricity.
The greater operating efficiency that can result
from cogeneration’s dual energy output could
reduce the amount of fuel needed to supply elec-
tric and thermal energy for the industrial and
commercial sectors. In many cases, depending
on the fuel used by the cogenerator and by the
utility capacity it would displace, the fuel saved
with cogeneration could be oil or natural gas.
Moreover, the widespread use of cogeneration
could reduce the demand for electricity from cen-
tral generating plants. In order to analyze these
potential effects, it is first necessary to understand
the current supply and demand picture for fuels
and electric power—the national energy context
in which cogenerators would operate.

This section discusses cogeneration with refer-
ence to the current and projected energy picture
in the United States. First, the present energy
situation and recent trends are reviewed briefly.
Then, some projections of energy demand—par-
ticularly of electric and thermal demand in the
industrial and commercial sectors—are discussed.
In doing so, this section also briefly outlines some
of the factors that could alter the energy picture
in these sectors which, in turn, would affect the
market penetration of cogeneration.

Current Picture and Trends

Table 6 presents 1980 U.S. energy demand by
fuel and sector. Electricity is shown both as a de-
mand and as a “fuel, ” with losses distributed to
each final demand sector.

Total energy demand in 1980 was 76.3 quad-
rillion Btu (Quads), a decline of 3.4 percent from
the 1979 total of 79.0 Quads. The size of this de-
cline—the largest annual drop in energy demand
ever experienced by this country—was due in
part to the very large increase in oil prices in 1979
and in part to investments in energy efficiency
made as a result of the 1973-74 price rise. This
can readily be seen by the 7.8-percent (2.9
Quads) decline in petroleum consumption from
1979 to 1980, and by the substantial decrease in
the rate of growth in energy demand since the
1973 Arab oil embargo. Since 1973, overall U.S.
energy demand has grown by approximately 0.8
percent annually, as compared with an average
yearly growth of about 3.5 percent between 1950
and 1972. The most telling change in the overall
U.S. energy growth picture, however, is that
while energy growth has slowed dramatically,
gross national product (GNP) has continued to
grow at near historical rates. Table 7 shows the
growth rates for both energy demand and GNP

49
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Table 6.—1980 U.S. Energy Demand(Quads)

Sector
_ _ ) _ ~ Electric
Fuel Residential Commercial Industrial Transportation utilities
Petroleum .. ............ 2.05 2,34 8.88 17.99 3.00
Naturalgas............. 5.91 1.92 8.41 0.60 3.79
Coal............ovvun 0.10 0.10 3.35 - 12.12
Nuclear ..., ............ - - — 2.70
Electricity . . ............ 9.00 6,03 9.67 0.04 -
Hydro.................. — - - - 3.09
Total ................. 17.06 10.39 30.31 18.63 24.70

SOURCE: U.S. Department of Energy.

Table 7.—Ratio of Annual Energy Demand
to GNP Growth Rates

_ GNP rate  Energy demand rate
Period (percent) (percent) Ratio
1950-60 . ....... 3.29 2.76 0.84
1960-70........ 3.85 4.24 1.10
1970-80........ 3.26 1.31 0.40

SOURCE: Office of Technology Assessment.

over the last three decades, as well as the ratio
of energy demand to GNP growth rates for each
of those decades. This latter measure indicates
that a healthy economic growth rate can be sus-
tained with a wide variety of energy growth rates,
and demonstrates the conservation potential of
the U.S. energy economy.

In addition to the cost effectiveness of conser-
vation, other important national energy trends
that have emerged during the past 8 years include
the steady decline of domestic oil and natural gas
production, and the increasing financial problems
of electric utilities. The latter are, in large part,
due to the large drop in electricity demand
growth and the rapidly escalating costs of cen-
tral station electricity generation. The unexpected
rapid decline in the growth of electric energy de-
mand (from 7.9 percent per year for 1950-72 to
3.5 percent annually for 1972-80) found most
utilities with far greater capacity under construc-
tion than needed to meet the new growth. When
it became evident that the lower growth rates
were here to stay—in fact they might even get
smaller—electric utilities deferred or canceled as
much of their construction budget as they could.
Many utilities were still left, however, with
substantial excess capacity.

In addition, several factors combined to make
new capacity much more expensive. These in-
cluded longer construction times, increased en-
vironmental and regulatory review, higher in-
terest rates, and high inflation. One major con-
sequence of these considerations is that, in most
cases, the marginal cost of new central station
electricity now exceeds the average cost. As a
result, electric utilities face severe financial prob-
lems, and those utilities that are experiencing de-
mand growth or that need to displace oil-fired
capacity may be unable to raise capital for any
new plant construction (see “Electric Utilities
Context,” below).

Future Prospects

All energy demand projections show a con-
tinuation of the trend toward increased energy
efficiency, although there is still considerable
variation as to how much (see table 8). The range
of the projections shown in table 8 is due prin-
cipally to different assumptions about consumer
responses to changes in energy prices. In all
cases, however, these projections recognize that
changes in demand will be the dominant factor
in the energy future of the United States for the
next few decades.

Table 8. —Comparison of Energy Demand
projections (Quads)

Forecaster 1980 1990 2000
Energy Information Administration . . 76.3 87.0  102.5
ExXxon....... ... i 76.381.0 91.0
Edison Electric Institute . . ... ...... 76.3 — 117.2
National Energy Policy Plan. . ... ... 76.3 80-90 90-110

SOURCE: Office of Technology Assessment
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Another trend mentioned above-the decline
in domestic petroleum and natural gas produc-
tion—also is very likely to continue. In a technical
memorandum, World Petroleum Availability:
79802000, OTA estimated U.S. oil production
at 4 million to 7 million barrels per day (MMB/D)
by 2000 compared to today’s 10.2 MMB/D (52).
Exxon also has projected a drop to about 7.5
MMB/D in 2000 (26). The Energy Information Ad-
ministration (EIA), on the other hand, projects a
slight increase above today’s level to about 10.9
MMB/D (23). Despite the rapid increase in drill-
ing activity since 1979, OTA has not yet seen any
evidence to contradict findings of a net decline
of between 3 to 6 MMB/D by the end of the
century.

Natural gas production is even more uncertain
due to the existence of large quantities of un-
conventional gas (Devonian shale, tight sands,
coal seam methane, and geopressurized brine).
For most types of unconventional gas, the uncer-
tainty is not so much the size of the resource
base, but the production rates that can be ob-
tained and the production cost. The available
estimates currently center on total natural gas pro-
duction of 15 trillion to 17 trillion cubic feet (TCF)
per year in 2000 compared to 19.5 TCF for 1980.
If the price of natural gas rises to that of world
oil, however, these same estimates show produc-
tion in 2000 to be approximately the same as it
is today. In any case, there is little probability that
the Nation will see a significant increase in
domestic gas production, and such an increase
is even less likely for oil.

Implications for Cogeneration

The Nation is confronted with a combination
of circumstances that favor continued emphasis
on different, less costly ways to generate electrici-
ty, and on increased efficiency in electricity use.
These circumstances have led to a resurgence in
interest in the cogeneration of electricity and ther-
mal energy. The relatively small size of cogenera-
tion units compared to central power stations
may offer significant short-term advantages for
financing new capacity. Cogenerators will take
much less time to build than central station plants
and they represent smaller capacity increments

that would allow rapid adjustment to changes in
demand. Moreover, because cogeneration units
are installed at or close to the point of demand,
most or all of the energy requirements of many
industrial plants and commercial buildings could
be provided onsite with the added possibility of
generating electricity for distribution through the
utility grid. Finally, cogenerators’ ability to use
fuel for two purposes (electricity and thermal
energy) greatly increases the overall utilization
efficiency of that fuel. Thus, where electric utilities
project continued reliance on oil and gas due to
the unavailability or infeasibility of other fuels,
or where cogeneration systems can use alternate
fuels, substantial oil or gas savings may result.

The technical advantages of cogeneration have
always been available. It is the advent of the
economic and energy supply and demand con-
ditions described above that adds potential fuel
economy, financial, and planning advantages for
cogeneration compared to central station elec-
tricity generation and conventional thermal
energy combustion systems. Whether these ad-
vantages will prove sufficient to accelerate the
growth of cogeneration will be determined large-
ly by the amount and character of demand for
electricity and thermal energy in the commercial
and industrial sector, and by the future financial
health of the electric utility sector.

Electricity Supply and Demand

Perhaps the most critical factor in cogeneration
economics is the demand for electric power. The
Public Utility Regulatory Policies Act of 1978 of-
fers economic and regulatory incentives to co-
generators that enable utilities to defer or cancel
new powerplants and decrease oil and gas use.
A zero or low growth in electricity demand, how-
ever, could undermine these incentives by reduc-
ing the need for cogenerated electricity and,
therefore, reducing the economic attractiveness
of cogeneration. Moreover, where the utility is
primarily dependent on coal, nuclear, or hydro-
electric plants, or where it plans to convert ex-
isting oil-fired capacity to alternate fuels,
cogeneration will only be attractive if it also can
use alternate fuels and can offer substantial finan-
cial advantages.



Currently there is considerable uncertainty
about future electric power demand growth; the
Solar Energy Research Institute (SERI) projected
a 0.4 percent per year increase under their least
cost approach (61 ), while the North American
Electric Reliability Council (NERC) estimates a 2.9
percent annual growth rate (48). In terms of
capacity requirements, the SERI projection could
be met by 620 gigawatts (GW) of capacity oper-
ating at the current capacity factor of 45 percent.
Further, SERI shows that 577 GW could be avail-
able in 1985 assuming completion of all plants
scheduled to be on-line in 1985, and the retire-
ment of all plants built before 1961 and of all oil
and natural gas plants built between 1961-70 (61).
Therefore, under the SERI least cost approach,
very little new capacity would be needed past
1985, and any cogeneration added after that
would be likely to substitute for electricity from
existing coal, nuclear, or hydroelectric plants.
Under the NERC case, however, capacity is pro-
jected to reach about 900 GW by 2000, an in-
crease of 300 GW over present capacity. Even
then, NERC estimates that the capacity factor
would have to increase to 50 percent to meet
their projected energy demand. Accounting for
retirements and conversion of oil and natural gas,
about 50 percent more new capacity would have
to be added under NERC projections than now
exists (49). In this case, cogeneration could have
a very large market potential.

The future demand for electricity will be deter-
mined by the relative prices of electricity and
competing fuels (including conservation meas-
ures), by the development of technologies that
use electricity more efficiently (e.g., process
equipment, appliances), and by consumers’ per-
ceptions about the stability of oil and natural gas
resources. Currently, average electricity prices in
the commercial sector are about 2.5 times dis-
tillate fuel oil prices and five times natural gas
prices on a delivered Btu basis. * For industry,
both of these price ratios are about 2 to 1. The
ratios have decreased by 20 to 60 percent from
those in 1970, however.

*As Will be discussed below, differences in end use efficiency
between equipment using electricity and that using natural gas or
fuel oil make price comparison on a delivered Btu basis alone,
incomplete.

Continuation of the low rate of growth in elec-
tricity demand, coupled with the current excess
of generating capacity, may keep the rate of
growth in electricity prices rather low over the
next several years. If prices do remain somewhat
stable, then the difference between electricity
prices and oil and gas prices would be likely to
become even smaller. However, the current de-
cline in the real price of oil could alter this trend.
Furthermore, if the oil price decline continues for
the next few years, natural gas price increases
following decontrol also are not likely to be so
dramatic as originally thought. Therefore, the
ratio of electricity prices to oil and natural gas
prices would not decline for some time. At this
point, it is most likely that the ratio will decline,
although more slowly that previously antici-
pated. The price trajectories used in the analysis
of commercial cogeneration in chapter 5 also pro-
ject that the ratio will become smaller.

Such growth rates would continue the trend
toward price closure between electricity and
natural gas or distillate fuel oil. If these trends are
combined with the development of technologies
for buildings and industry that use electricity more
efficiently than equivalent oil or natural gas burn-
ing technologies that provide the same services
(e.g., space heating, reheating of finished metals),
the costs of providing these services with elec-
tricity could become lower than with oil or
natural gas. For example, in many areas, efficient
electric heat pumps can provide space heating
more economically than oil furnaces. There are
even a few regions where space heating with
electric heat pumps is cheaper than with natural
gas furnaces.

Natural gas and oil are the primary energy
sources for industrial processes, supplying both
direct heat (such as catalyzing chemical reactions
and heat treating) and process steam. The major
use of electricity in industry is to run motors.
Whether technologies that use electricity could
economically replace direct heat or process
steam in industry is much less certain than in the
commercial sector. Some possibilities include
microwave, infrared, or dielectric heating, very
efficient electric motors for replacing steam
mechanical drives, and pulsed current devices
for surface reheating of metals.
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It is possible, then, that the growth of electricity
demand could increase sharply toward the end
of the decade. * However, the extent of any in-
crease in industrial or commercial demand will
depend on the size of the dollar savings achieved
by switching to electricity relative to the required
capital investment. Conversion is much more
likely for new buildings and plants than for ex-
isting facilities. Therefore, unless there is signifi-
cant new development in energy intensive indus-
tries for which more economical electric tech-
nologies are available and accepted, the growth
rate of industrial use of electricity is not likely to
change substantially for the remainder of the
century.

It is this uncertainty of future demand that pro-
vides a potentially important role for cogenera-
tion. If electricity use in buildings and industry
did increase substantially, electric utilities could
be strained financially if they tried to meet the
increased demand with new central station ca-
pacity. Further, attempts to accommodate de-
mand growth with central station capacity could
lead to a rapid increase in electricity prices. This
is because the marginal cost of electricity—the
cost of a new plant—is often considerably higher
than the average cost. Therefore, as new capacity
becomes a larger fraction of the total electric utili-
ty plant, the average cost will grow closer to the
marginal cost. Cogeneration could help alleviate
these pressures, particularly in the first years of
an increase in demand. The small size of cogen-
eration systems would allow rapid and fairly
precise matching of supply and demand, and
with much smaller increments of capital. This
would greatly reduce the risk of building excess
capacity or having to defer or cancel capacity
under construction should demand growth sud-
denly slow or stop. Moreover, because cogenera-
tion supplies thermal energy, it could at least par-
tially offset increases in electricity demand due
to a rapid rise in the use of electric heating.
Cogeneration’s competitiveness would then turn
on the difference between the cost of purchas-
ing electricity plus supplying heat, and the fuel

*The extent to which electricity can be substituted economical-
ly for other energy sources in buildings and industry will be ex-
amined in detail in forthcoming OTA studies on oil disruption and
on electric utilities.

and operating and maintenance costs of a cogen-
eration system. Finally, the avoidance of exten-
sive new additions to transmission and distribu-
tion systems also might alleviate some of the elec-
tric utilities’ capital problems.

However, if utilities are able to raise capital
easily, or if demand does not increase in the face
of stable prices, central station powerplants fueled
with coal, uranium, or hydropower may be pre-
ferred to oil- or gas-fired cogeneration systems.
These alternate energy sources probably would
be cheaper than the oil or natural gas likely to
be used in most cogeneration systems in the near
term. Therefore central station electricity—even
with a substantially larger capital cost per kilo-
watt than cogeneration capacity—is likely to be
cheaper than cogenerated electricity despite co-
generation’s higher overall fuel efficiency.

Thermal Energy Demand

The second major influence on the growth of
cogeneration is future thermal energy demand
in buildings (space and water heat) and industr,
(direct heat and process steam ). We have already
discussed how some of this future load may be
met by electricity rather than by direct combus-
tion of fossil fuels. In addition, available conser-
vation opportunities will slow thermal demand
growth and could even reduce thermal energ,
use (by 2000) from the 1980 levels. Conservation
will affect electricity use as well, and even if
significant conversion from other fuels to elec-
tricity (as discussed above) does occur, electricit,
demand growth in these sectors still could be kept
low. Table 9 shows two estimates of direct com-
bustion heat requirements for commercial build-
ings and industry for 2000 compared to 1978. As
can be seen, current thermal demand in industry
is more than twice that of commercial buildings.
Moreover, under either the EIA or the SERI pro-
jection, the difference would become even more
pronounced.

Table 9.—Thermal Energy Demand (Quads)

Buildings Industry
Year Space/water heat Direct heat Steam
1978 ..., . . .. 45 3.8 6.8
2000 (EIA) . ...... 3.8 5.0 9.3
2000 (SERII. .. ... 16 3.7 6.6

SOURCE: Office of Technology Assessment
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The SERI estimates in table 9 are based on a
least cost approach using conservation technol-
ogies that cost the equivalent of up to the 1980
average cost of oil and electricity ($7.50/MMBtu
and $.057/kWh respectively) (60). The EIA pro-
jections are derived from economic and engi-
neering models and reflect judgments about ac-
tual consumer response to changing energy
prices (22). In either case, cost-effective conser-
vation opportunities for commercial buildings
could reduce fuel requirements for space and
water heating from 15 to 65 percent. For industry,
EIA estimates a 37-percent increase in steam
growth while SERI projects a 3-percent decrease
(see the section on “Industrial Cogeneration Op-
portunities” in chapter 5 for an analysis of steam
growth projections).

These analyses indicate that cogeneration will
have greater potential in the industrial sector than
in commercial buildings as far as supplying ther-
mal energy is concerned. Both EIA and SERI anal-
yses imply that in the commercial buildings sec-
tor, cogeneration will have to compete with cen-
tral station electricity and with fuel freed by con-
servation in meeting future space and water heat-
ing demand. When the low load factor inherent
in buildings’ heat load is added, the economic
potential of cogeneration is decreased further (see
ch. 5). In essence, conservation can considerably
reduce the opportunity to take advantage of co-
generation’s high fuel utilization efficiency.

The air-conditioning demand of buildings also
offers a potential market for thermal energy from
cogeneration. In 1980, over 98 percent of all
commercial air-conditioning was electric. For
these buildings, the use of cogenerated steam for
cooling would require conversion to either ab-
sorption units or steam-driven compressors.

Where it is economic to do so, such conversion
would increase the baseload steam demand and
therefore the building’s thermal load factor. By
2000, SERI and EIA project cooling demands of
2 and 4 Quads of primary energy, respectively.

Conclusion

The attractiveness of cogeneration will depend,
to a large extent, on energy demand in the com-
mercial and industrial sectors, on the balance be-
tween thermal and electric loads, and on the
overall demand for electricity. These, in turn, de-
pend heavily on the price of energy—particularly
the relative prices of electricity, distillate fuel oil,
and natural gas. It is fairly certain that energy de-
mand will grow much more slowly than in the
past. The range of possible growth rates, how-
ever, is large. Lower growth rates, while not
necessarily changing the economics of cogenera-
tion, will clearly reduce the potential market as
well as the net fuel savings. Further, a very low
growth rate for electricity is likely to dampen
price increases and reduce the price paid by
utilities for cogenerated power, both of which
would reduce the economic attractiveness of co-
generation. However, the uncertainty of future
electricity demand and the economic problems
caused by a severe mismatch between load
growth and capacity growth make small capaci-
ty additions potentially very desirable in the short
term. Therefore, while conservation through in-
creased efficiency is likely to be the most eco-
nomic route to choose for at least the next several
years, there appears to be a potential role for
cogeneration, particularly in the industrial sec-
tor where thermal and electrical demands are
likely to remain large.

ELECTRIC UTILITIES CONTEXT

Future supply of and demand for energy and
electricity, as discussed above, will be a major
factor in determining the role cogeneration will
play in the Nation’s energy future. Equally im-
portant in defining that role will be the electric
power industry. Cogeneration systems may be

owned and operated by electric utilities, or they
may be installed by former utility customers who
now provide some or all of their own electric
power needs and who may even supply power
to the utility. In this context, cogeneration must
compete, both technologically and economically,
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with well established electric and thermal energy
conversion and distribution systems as well as
with alternate energy forms and conservation.
The elements of this competition—both on a site-
specific and a national energy policy basis—will
be wide ranging, encompassing the technologi-
cal, fuel use, and institutional characteristics of
the electric power industry, as well as the financ-
ing, regulation, and operations of technologies
that supply energy for commercial and industrial
applications.

This section will review the general electric utili-
ty context within which cogeneration systems will
compete. The following section of this chapter
will analyze the present institutional and regu-
latory context specific to cogeneration.

The Electric Power Industry

Current operations of electric utility systems are
diverse, encompassing a wide range of technical
and institutional configurations. These include the
number, size, and type of generating plants; the
amount of electricity consumed by customer
classes and their regional load profiles; and the
different types of institutions that supply power,
coordinate specific utility functions, and regulate
the power industry. Support activities include the
production and acquisition of fuel supply and of
the necessary equipment for fuel handling and
storage, and for electricity generation, transmis-
sion, distribution, and consumption.

A wide array of institutions has evolved to per-
form the functions listed above. The U.S. elec-
tric power supply system is composed of over
3,400 separate entities, including private, public,
and cooperative utilities, joint action agencies,

Federal power agencies, power pools, and elec-
tric reliability councils. In 1980, these systems had
619,050 megawatts (MW) of installed generating
capacity to supply close to 93 million customers
with about 2.3 trillion kilowatthours (kWh) of
electricity (see table 10) (55). The utilities in the
electric power system obtain financing from a
variety of sources including banks, insurance
companies, traditional stock and bond markets,
and Federal programs; their financial and tech-
nical operations are regulated at the Federal,
State, and local level. Finally, both the produc-
tion and consumption of electricity are supported
by innumerable institutions that manufacture, dis-
tribute, install, and service equipment, tools, and
appliances. All of these factors together make the
electric utility industry the largest in the United
States in terms of capital assets and issuance of
stocks and bonds.

Utility Organizations

The organizations that supply electricity in the
United States include private or investor-owned
utility companies; publicly owned utilities such
as State, county, or municipal systems, and Fed-
eral power agencies; rural electric cooperatives;
joint ownership organizations; and groups of util-
ities that coordinate their operations to improve
efficiency and reliability.

Private utiiities are owned by their investors
and generally are granted territorial franchises by
State or local governments. Most investor-owned
utilities (IOUS) generate their own electricity, and
some are part of vertically integrated corporations
that own their fuel supply (e.g., “captive” coal
mines) or other support activities.

Table 10.-U.S. Electric Power System Statistics, 1980

Electric operating Net electric

Installed capacity kWh generation Customers revenues plant investment
Type of system Millions Millions Millions
(and number) Megawatts Percent of kWh  Percent Number Percent of dollars Percent of dollars Percent
Local public systems (2,248) .... 67,568 10.9 204,880 9.0 12467700 135 $12,224 10.8 $34100 119
Privately owned systems (217) . . . 476,979 77.1 1,782,545 78.0 70,620,300 76.2 87,062 76.9 207,555 72.4
Rural electric cooperatives
924) . ... 15,425 25 63,557 2.8 9,523,600 10.3 9,707 8.6 23,892 8.3
Federal power agencies (8). . . . . . 59,078 9.5 235,051 10.3 13,300 0.01 4,238 3.7 21,100 7.3
Total ... 619,050 100.0 2,266,033 100.0 92,624,900 100.0 $113,231 100.0 $286,647 100.0

aDoes not Include nuclear fuel.

SOURCE: Office of Technology Assessment from “Public Power Directory,” Publlc Power, January-February 1982.
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IOU companies dominate power generation in
the United States today. The 217 IOUS represent
about 6 percent of the total number of utilities,
but those 217 own approximately 77 percent of
all installed generating capacity and generate
about 78 percent of the electricity produced (see
table 10). In 1977, approximately two-thirds of
the IOUS had a peak demand in excess of 100
MW, and about 12 percent had a peak demand
greater then 3,000 MW (21). Because of the cap-
ital intensity of the electric utility industry, with
total operating revenues of over $113 billion in
1980 and net electric plant investment of over
$286 billion, the domination of the industry by
a relatively few IOUS means that they also deter-
mine the role of utilities in financial and other
markets.

publicly owned utilities include municipal,
public utility districts, and State and county sys-
tems. The authority to establish a public utility
derives from the State government, and a few
States (e.g., New York, Nebraska) currently have
their own systems. However, most States have
delegated this authority to county or municipal
governments.

The relatively large number of publicly owned
utilities, in contrast to their small share of the elec-
tricity market (see table 10), reflects their small
size. Most of these systems only purchase whole-
sale power and distribute it to their customers;
those municipal that do generate have very small
loads (fewer than 100 publicly owned utilities
have peak demands in excess of 100 MW) (21).
Roughly 71 percent of the local public power sys-
tems purchase all their electricity, while about
6 percent own sufficient generating capacity to
supply all their needs. The remaining 23 percent
of public utilities generate some portion of their
needs and purchase the remainder (55).

Cooperative utilities represent a different type
of public ownership. The co-ops are nonprofit
economic entities that are owned and managed
by their customer members. Members’ shares in
the co-op may be plowed back into the opera-
tion and/or expansion of the business as patron-
age capital in order to keep the cost of co-op serv-
ice as low as possible, or the patronage capital
may be “rotated” —essentially paid out as divi-

dends—if the co-op’s equity ratio is 40 percent
or higher.

Rural electric co-ops comprise a vast operating
network of over 900 local and regional electric
systems in 46 States which own and maintain
nearly 44 percent of the Nation’s electric distribu-
tion lines, and whose service territories encom-
pass 75 percent of the land area of the United
States. The rural electric system is a two-tiered
operation, including 870 local distribution co-ops
and 54 generation and transmission co-ops
(G&Ts). The 870 local co-ops purchase electrici-
ty and distribute it to their own rural customers,
while G&Ts generate and/or transmit electricity
primarily for local distribution co-ops. Some G&Ts
also sell electricity wholesale to municipal and
IOUS, while distribution co-ops may purchase
power from a combination of sources, including
G&Ts, Federal power agencies, and IOUS (16).

Still another form of public utility ownership
is represented by Federal power marketing agen-
cies. The Federal role in electricity generation
dates back to the Reclamation Act of 1906, which
empowered the Bureau of Reclamation to pro-
duce electricity in conjunction with Federal ir-
rigation projects, and to dispose of any surplus
power to municipal utilities (39). The second
Federal power marketing agency was the Ten-
nessee Valley Authority (TVA), which was estab-
lished in 1933 as a multipurpose river project with
responsibility for flood control, regional develop-
ment, hydroelectric power generation, and other
activities. Today, it is the single largest electric
utility in the country, with a total system capaci-
ty of over 31,000 MW. Approximately 65 percent
of TVA's sales are at wholesale to municipal utili-
ties and rural electric co-ops. The remainder is
sold to private industries, other Federal agencies,
and private power companies (55).

Other Federal power agencies include the
Bonneville Power Administration, which was
established in 1937 and which markets power
from hydroelectric projects constructed by the
Army Corps of Engineers and the Bureau of Recla-
mation in the Columbia River Basin and operates
the Nation’s largest network of long-distance
high-voltage transmission lines; the Southwestern
Power Administration, which was set up in 1944
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to market power from Corps of Engineers proj-
ects in Arkansas, Missouri, Oklahoma, and Texas;
the Southeastern Power Administration, created
in 1950 to market power from Corps projects in
10 Southeastern States; the Alaska Power Ad-
ministration, established in 1967 to operate and
market power from Federal hydroelectric projects
in Alaska; and the Western Area Power Admin-
istration, which was set up in 1977 and incor-
porates Federal power marketing and transmis-
sion functions formerly performed by the Bureau
of Reclamation and markets power from a num-
ber of Corps hydroelectric projects (55).

A hybrid form of public ownership is the joint
action agency, in which two or more public
power systems pool their plans to purchase
power or to finance total or partial ownership of
generation and/or transmission systems. Where
the local public utility system is no longer ade-
quate or economical and low-cost Federal power
is not available, joint action agencies can place
public power systems in a more advantageous
cost and supply position, allowing even the small-
est electric utilities to realize economies of scale
(4). Joint action may also provide publicly owned
utilities with more flexibility in choosing fuels and
types of generating capacity while avoiding the
risks of a single-shot investment in one plant.
IOUS may choose to participate in joint action
agencies to reduce plant construction costs or to
obtain lower cost financing (32).

Joint action agencies are authorized by State
legislation and membership arrangements vary.
They may include statewide areas (e.g., Munici-
pal Electric Authority of Georgia), correspond to
IOU service areas (such as in North Carolina,
which has three agencies, one for each of the
State’s major I0US), or be determined according
to both geography and perceived mutual interests
(e.g., the five Minnesota organizations). Some
joint action agencies, such as the Missouri Basin
Municipal Power Agency, have members from
several States. As such, they cannot finance proj-
ects themselves but must rely on the members’
funding abilities. In 1981, there were 49 public-
ly owned joint action agencies in 31 States (55).

Since the 1920's, all the types of utility systems
described above have been interconnected and
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their operations coordinated to some degree in
order to reduce costs by increasing the produc-
tivity of the resources employed in the genera-
tion and transmission of electricity, and to im-
prove reliability by applying the combined re-
sources of several systems to a contingency on
any one. These intersystem agreements now
comprise approximately 20 formal organizations
known as power pools. The degree of coordina-
tion among utilities in power pools can range
from very loose agreements for exchanges of
energy; to some coordination of planning, con-
struction, operation, and capacity reserves; to
complete integration with joint planning on a
single system basis, centralized dispatch of
generating facilities, and strict contractual re-
quirements for generating capacity and operating
reserves (29).

In general, the potential economic benefits of
pooling include reduced investment costs
through economies of scale in building larger
generating units and through lower reserve mar-
gins that result from reducing the ratio of gener-
ating unit size to combined system peakload;
greater operating economies through increased
load diversity, reduced operating costs per unit
output for larger plants, and fuller use of the
lowest cost capacity available on the system; and
increased savings through coordinated construc-
tion programs that minimize the costs of tem-
porary excess capacity that may result from the
addition of large generating plants. The poten-
tial reliability benefits of power pools derive from
access to support from other systems, and may
be realized either through a reduction in reserves
needed to achieve a certain level of reliability or
through an increase in the level of reliability of
the coordinated systems (29).

Electric reliability councils represent a second
form of coordination among utilities. A Federal
Power Commission (FPC) investigation of the
1965 blackout in the Northeast stressed the need
for greater reliability and coordination among
electric utility companies. In response to FPC find-
ings, NERC and nine regional councils were
formed in the late 1960’s (see fig. 8), represent-
ing about 95 percent of the Nation’s generating
capacity. Each regional council consists of a rep-
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Figure 8.—~North American Electric Reliability Council Regions
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resentative from each of the major utilities in the
region and from groups of small utilities in some
regions.

The regional councils develop voluntary stand-
ards for those aspects of bulk power supply that
affect the regionwide reliability of service (e.g.,
design criteria for transmission facilities). NERC
aids in the coordination of policy issues among
the regional councils, and provides industry in-
formation, comment, and recommendations
about the reliability and adequacy of bulk power
supply at the national level. In addition, NERC
is responsible for the development and mainte-

nance of nationwide standards for interconnected
operation (18).

Technical Aspects of the Utility industry

A conventional power system can be described
as the coordinated operation of generating units,
high-voltage transmission lines, and subtransmis-
sion and distribution networks. Figure 9 shows
a typical power system structure.

The primary consideration in an electric power
system is to serve the electric loads, or power re-
quirements, in a given area or region. The power

Figure 9.—The Generai Patterns of an Eiectric Power System
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requirements include all devices or equipment
that convert electricity into light, heat, or
mechanical energy, or otherwise consume elec-
tricity (e.g., aluminum reduction), or the re-
quirements of electronic and control devices. The
total load on any power system is seldom con-
stant; rather it varies with hourly, daily, seasonal,
and annual changes in the service area’s re-
guirements (see fig. 10). The minimum system
load for a given period is termed the baseload,
while maximum requirements (usually resulting
from temporary conditions) are called peakloads.
Because electric energy currently cannot be

stored in large quantities, generating plant opera-
tions must be coordinated closely with fluctua-
tions in the load, and large utility systems usual-
ly have separate generating plants sized to meet
base, intermediate, and peakloads.

Table 11 shows the current U.S. generating
capacity by type of prime mover. The choice of
capacity type is a function of service needs, eco-
nomic and financial considerations, resource
constraints (e.g., fuel, land, water), potential en-
vironmental impacts, future growth, politics, reg-
ulatory requirements, and management prefer-

Figure 10.—Daily Load Shapes for Five Representative Weekdays
(North Central Region, 1980)
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Table 11.-Installed Generating Capacity, by Type of Prime Mover, 1978

Total Hydroelectric

Conventional steam Nuclear steam Internal combustion

Thousands

Thousands
of kilowatts Percent of kW

Thousands Thousands Thousands

Percent of kW Percent of kW Percent of kilowatts Percent

Investor-owned utilities . . .............. 453,647 76 23,847 4 383,024 66 44,984 8 1,792 <1
Municipal utilities . . ................... 34,426 6 4,694 <1 25,511 4 963 <1 3,258 <1
State systems and public
utility dIstricts .. ... 25,322 4 11,975 2 9,245 2 4,059 <1 43 <1
Rural electric cooperatives . ............ 11,635 2 <1 11,073 2 <1 430 <1
Federal . ......oovuiiii 54,282 9 30,431 5 20,376 4 3,456 <1 17 <1
Total. ... 579,312 100 71,014 12 449,231 78 53,527 9 5,540 1

SOURCE: Edison Electric Institute, Statistical Yearbook of the Electric Utility

ences. In general, fossil and nuclear fueled steam
plants and many hydroelectric facilities are used
for baseload and intermediate-load generation
while some hydro equipment (usually pumped
storage) and combustion turbines are used to
supply peaking power.

The trend in recent years has been to construct
large baseload plants in order to capture econo-
mies of scale. Nuclear plants usually exceed
1,000 MW in nameplate capacity and most of the
existing fossil steam plants are larger than 500
MW. However, as capital costs and construction
times increase and it becomes more difficult to
finance large powerplants, some utilities are turn-
ing to smaller equipment that may use uncon-
ventional fuels. Where the service needs are not
expected to grow rapidly, small units such as
cogenerators may improve load factors while
alleviating utility financial problems in the short
term, although their longer term financial and
system planning advantages are uncertain (see
ch. 6).

In order to serve the electric loads of an area
adequately, a utility must plan not only for
baseloads and peakloads, but also for system
reliability during scheduled and unscheduled
outages (e.g., equipment maintenance, storm
damage) and for demand growth. To some de-
gree, system reliability can be achieved through
interconnections with other utilities (i.e., power
pooling), but utilities also must incorporate re-
serve margins into their planning. Reserve mar-
gins are the installed available capacity in excess
of that needed to meet the system’s peak demand
when due consideration is given to maintenance
requirements, random equipment failure, or
other contingencies. The amount of reserve
capacity required in a given situation depends on

Industry, 1980 (Washington, D. C.: Edison Electric Institute, November 1981).

the reliability criterion, the behavior of individual
generators, the unit size mix, and the intercon-
nection support available. The usual planning
procedure is to specify a reliability level or loss
of load probability, such as an expected deficien-
cy of 1 day in 10 years, and optimize capacity
expansion so that this criterion is always met (3 S).
The accepted industry minimum value is about
20 percent. In 1979, the average reserve margin
for IOUS was around 36 percent of peakload (20).
Some utilities have reserve margins above so per-
cent, while others are below 10 percent.

Once electricity has been generated, its voltage
is stepped up with power transformers and it is
transmitted to the load center. High-voltage trans-
mission lines (69 kilovolts (kV) and above) are
used to transfer bulk power from the generating
plant to a substation or bulk purchaser, and to
interconnect utility systems for greater efficien-
cy and reliability. Such lines are built to accom-
modate power flows in either direction in order
to facilitate interconnection among systems.

After the bulk power has been transmitted to
the demand center, it goes into the distribution
system, which supplies electric energy to the in-
dividual user or consumer. The distribution sys-
tem includes the primary circuits and the distribu-
tion substations that supply them; the distribu-
tion transformers; the secondary circuits, in-
cluding the services to the consumer; and ap-
propriate protective and control devices (see fig.
11). A transmission substation transforms power
to subtransmission voltage (below 69 kV). It is
then distributed to various distribution substa-
tions, load substations, and distribution transform-
ers, where the voltage is stepped down further
to match residential, commercial, and industrial
needs. Once the electricity enters a local distribu-



Figure 11.—Typicai Eiectric Distribution System (three.phase)
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tion system, the power usually only flows one
way in order to protect electrical workers and
equipment. Special equipment is thus needed for
onsite generators that feed power back to the grid
(see discussion of interconnection in ch. 4).

Economic and Regulatory Aspects
of Utility Systems

Electric utilities are among the most capital-
intensive and highly regulated industries in the
United States, and the two aspects of the industry
are integrally related. The rates charged for
service-as determined by State or Federal reg-
ulation—are the primary factor in utility eco-
nomics. But the economics of electric power
supply and demand also may be affected by fi-
nancing and its regulation as well as by regula-
tion of utility services and operations. These
aspects of utility regulation and their effects on
the production and consumption of electricity—
and thus on the potential role of cogeneration—
are discussed below.

UTILITY RATES

In exchange for the privilege of operating as
a natural monopoly, utility practices are regulated
in the public interest. The primary form of such
regulation is the determination of the rates utilities
can charge for their services. State public service
commissions (PSCS) traditionally have controlled
rates for intrastate sales of electricity, while the
Federal Government has had jurisdiction over
sales for resale in interstate commerce since 1935.

State Regulation .—Each of the States (except
Nebraska, where all electricity is supplied through
a State-owned and operated utility system) has
a PSC established by law to regulate utilities. The
degree of State regulation varies. Ail PSCS regulate
the rates of IOUS, while 19 commissions have
some authority over publicly owned utility rates,
and 29 regulate cooperatives (30). Where the PSC
does not have such authority, public utilities are
self-regulating through the municipal or county
government.
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Determining the rates a utility charges for its
services is a two-step process. The PSC must
decide first, how much money the utility needs
(the revenue requirement) and second, how
those funds will be collected (the rate structure
or rate schedule). A utility’s revenue requirement
is the total number of dollars required to cover
its operating expenses and to provide a fair prof-
it. The revenue requirement is usually expressed
in formula form as follows:

RR
in which

E+d+T+(-D)R

~

289200 <H4am®

revenue requirement

operating expenses

annual depreciation expense

taxes, including income taxes

gross valuation of the property serving
the public

accrued depreciation

rate of return (a percentage)

rate base (net valuation)

profit, expressed as earnings on the
rate base, plus interest on debt (53).

2 —
1 <
o |

The rate schedule allocates the revenue re-
quirement among a utility’s customers. The prob-
lem of cost allocation arises because most elec-
tricity is produced in jointly utilized equipment
and its cost must be assigned to the customer
classes involved (36). First, costs directly at-
tributable to a particular class or customer (e.g.,
the distribution line from a substation to a fac-

tory) are identified and segregated. Second, the
remaining costs are arranged so that they can be
apportioned among the various groups of cus-
tomers jointly responsible. Third, those costs are
distributed in accordance with some physically
measurable attribute of the customer class.

in accomplishing the last two steps, costs are
arranged according to function (such as produc-
tion, transmission, and distribution), and then
either assigned to demand, energy, or customer
cost categories, or simply classified as fixed or
variable (see fig. 12). Demand costs (the fixed rate
base and expense items related to peak or aver-
age demand) are generally the most difficult to
allocate and have become controversial in the
setting of rates for backup service to cogenerators
(see discussion of rates in next section). Energy
costs can be directly allocated to customer classes
based on the number of kilowatt-hours con-
sumed by the group, and thus do not pose a
problem (36).

Federal Regulation.—Federal regulation of
electricity prices began in 1920 with the authority
to set rates for interstate sales of power from
federally licensed hydroelectric projects. The
financial abuses of the 1920’s and early 1930’s,
however, revealed a need for a more extensive
national role, and the Federal Power Act of 1935
expanded Federal jurisdiction to include all sales
of electric energy at wholesale in interstate com-

Figure 12.-Allocation of Electricity Costs
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merce. The States retained exclusive jurisdiction
over intrastate and retail electricity sales until
passage of the Public Utility Regulatory Policies
Act of 1978 (PURPA), which required the Federal
Energy Regulatory Commission (FERC) to estab-
lish standards for PSCS to consider in setting retail
and certain wholesale rates (56).

The Federal Power Act of 1935 requires that
all rates and charges of any electric utility for the
transmission or sale of power subject to FERC
(formerly FPC) jurisdiction be just and reasonable
as well as nondiscriminatory. Each utility must
regularly file with FERC schedules that show such
rates and charges, and the classifications, prac-
tices, and regulations that may affect them. FERC
rate proceedings are similar to those of State com-
missions: FERC first determines the utility’s rev-
enue requirement and then approves a rate
schedule designed to meet that requirement. In
such proceedings, FERC traditionally has em-
ployed the same cost-based formulae used by
PSCs (3).

Although only about 10 percent of the reve-
nues realized by IOUS are from wholesale trans-
actions subject to Federal jurisdiction, FERC still
has a broad opportunity to influence State rate-
making. For example, States may be reluctant to
introduce innovative rate structures for fear of
placing utilities within their jurisdiction at a com-
petitive disadvantage. Innovation at the Federal
level can provide the experience necessary for

State adoption of innovative rate designs. More-
over, FERC'S ability to examine cost trends and
pricing practices on aregional or nationwide (as
opposed to local) scale may reveal to States op-
portunities for ensuring greater economy in elec-
tric power supply.

FINANCING

The second major factor in utility economics
is financing of new generating capacity. Utility
financing options vary widely depending on the
form of ownership, current economic conditions,
the type of project being financed, and similar
considerations. A summary of differences in
financing by form of ownership is shown in table
12. The general considerations related to utility
financing of capacity additions are reviewed here;
financing considerations specific to cogeneration
will be discussed in the following section.

Investor-Owned Utilities.—IOUS spend the
largest proportion of funds in the electric power
industry (see table 10) and, based on announced
plans for capacity additions (table 13), their share
of funds is likely to remain large. IOUS have four
basic options for securing those funds: long-term
debt, preferred stock, common stock, and re-
tained earnings (see table 14).

The primary form of long-term debt financing
for IOUS is the mortgage bond, which is secured
by a conditional lien on part or all of the com-

Table 12.—Differences in Financing by Form of Ownership®

Average return to

Ownership Capitalization Percent financing sources Tax treatment Financiability
Federal Debt 27.8 7.25% (1977) Tax exempt Federal
Retained earnings 9.1 Taxed revenues
Federal 63.1
Municipal Debt 73 49 Interest on debt Electric
Retained earnings 255 exempt from taxes revenues or
Municipality 15 municipality
Cooperative:
Distribution Dept 66 (1977 7.4 (1977 Taxed Federal loans
Equity 34 (1977 10.7 (1977 or guarantees,
G&Ts Debt 96 (1977 7.4 (1977 or members’
Equity 2 (1977 10.7 (1977 shares
Investor owned Debt 50.3 11.85 Taxed investors
Preferred 12.5 9.76
Common 24.9 11.3
Retained earnings 12.3

al979 data unless Indicated otherwlse.
bGeneration and transmission.

SOURCE: Economlc Regulatory Adminlstration, The National Power Grid Study, Volume Il(Washington, D.C.. U.S. Department of Energy, DOE/ERA-0056-2, September 1979.
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Table 13.-New Capacity Additions (in megawatts, net operating capacity)

Added Planned After Total
1979 1980 1981 1982 1983 planned
Private .. .............. 9,167 22,373 13,139 17,582 137,832 190,930
Public................. 2,945 17,444 26,448 1,488 20,793 26,563
Cooperative . . .......... 1,640 2,675 1,543 2,577 11,376 18,171
Federal ................ 3,323 3,315 3,322 1,891 19,376 27,904
Total ................ 17,075 30,107 20,652 23,522 187,377 263,658

SOURCE: Office of Technology Assessment from U.S. Department of Energy data.

Table 14.—Capital Structure for Private Utiiities (average percent of capitalization)

1966 1970 1974 1977 1978 1979 1960
Long-term debt . . ... ... .. ... 52.3 54.8 53.0 51.0 50.5 50.4 50.4
Preferred stock . . ........... 9.5 9.8 12.2 12.5 12.4 125 12.3
Commonstock. ............. 26.1 23.2 235 24.2 24,8 25.0 25.4
Retained earnings . .. ........ 12.1 12.2 11.3 12.3 12.3 12.1 11.9

SOURCE: Edison Electric institute, Statistical Yearbook of the Electric Utility Industry, 1980 (Washington, D. C.: Edison Eiec-

tric Institute, November 1981).

pany’s property. In 1980, approximately 50 per-
cent of total average IOU capitalization was long
term debt. In the same year, IOUS issued around
$8.3 billion in long term debt (or 58 percent of
their 1980 long term financing), $7.85 billion of
which was new capital and the remainder refund-
ing. For the last quarter of 1980, the average yield
on all IOU bonds was 14.11 percent, with a range
of 13.18 percent for Aaa bonds to 15.20 percent
for Baa bonds. For newly issued bonds, the aver-
age yield in 1980 was 13.46 percent (20).

Common stock equity represented about 25
percent of electric utilities’ total outstanding
capitalization in 1980. iOUs issued approximately
$4.1 billion of common stock in 1980, or around
28 percent of the long term financing obtained
by IOUS during that year. The average yield on
common stocks during 1980 was 12.01 percent.
The actual return on average common equity was
11.4 percent, while the authorized rate of return
averaged around 14.2 percent (20).

Preferred stock was about 12 percent of total
outstanding electric utility capitalization in 1980.
In the same year, approximately $2.0 billion of
preferred stock was issued by IOUS (or about 14
percent of total 1980 long-term financing), with
an average yield of 12.28 percent (20).

Finally, IOUS may use internally generated
capital or retained earnings to finance capacity

additions. The amount of retained earnings avail-
able for financing usually is reflected by the ratio
of dividends to net income, or the payout ratio.
IOUS have had to pay a major portion of their
net profits in dividends in recent years (75.8 per-
cent in 1980), reducing their ability to finance
projects internally. In 1980, retained earnings
were the smallest source of capital available to
utilities (about 12 percent of total capitalization)
(20).

Publicly Owned Utilities.—Publicly owned
utilities” advantages over IOUS in financing new
capacity include their smaller size and thus lower
capital needs, their self-regulating (in most cases)
and tax-exempt status, and their absence of con-

cern about protecting shareholders’ equity. Yet

this does not mean that they are totally without
financing problems.

As with IOUs, the predominant form of munici-
pal utility financing is long-term debt (73 percent
of total 1979 capitalization) —mostly electric rev-
enue bonds or general obligation bonds. Munici-
pal bonds are attractive to investors because of
their tax-free interest, but their average yield is
lower as a result (4.9 percent in 1979). Equity
financing for municipal utilities is a combination
of direct investment by the municipal government
and the retained surplus from operating revenues.
The retained surplus is extremely important for
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municipal’ ability to build a base for expansion;
it averages about 10 times the amount of direct
investment by the municipal government (18). In
1979, retained earnings represented an average
of 25.5 percent of municipal’ total capitalization
(25).

The primary sources of long-term financing for
cooperatives are insured loans and loan
guarantees from the Rural Electrification Ad-
ministration (REA). REA makes insured loans to
the local distribution co-ops at interest rates of
2 to 5 percent, based on a revolving fund that
has a borrowing “floor” and “ceiling” specified
annually by Congress. Loans from the revolving
fund are repaid from borrowers’ operating reve-
nues and from collections on outstanding REA
loans (16). Since 1973, REA also has been author-
ized to make 100-percent loan guarantees to
power supply borrowers—mostly G&Ts—for the
construction and operation of powerplants and
related transmission facilities. These guarantees
are made almost entirely by the Federal Financ-
ing Bank, which borrows money from the U.S.
Treasury. In fiscal year 1981, 34 REA loan
guarantee commitments were made to power
supply borrowers; they accounted for about 85
percent of REA’s total fiscal year 1981 electric
financing programs. Interest rates on REA loan
guarantees averaged about 15 percent (45).

REA insured loans are supplemented by money
raised by the National Rural Utilities Cooperative
Finance Corp. (CFC) in the public bond market.
Co-ops that receive REA insured loans are re-
quired to obtain from 10 to 30 percent sup-
plemental financing from non-REA sources such
as CFC (which is a giant nonprofit co-op owned
by about 85 percent of the rural electric co-ops).
CFC bonds accounted for approximately 4 per-
cent of all rural electric co-op financing in fiscal
year 1981 (see table 15).

Regulatory Considerations.—Almost all aspects
of utility finance are regulated at either the State
or Federal level or both. As in rate regulation, the
States have primary jurisdiction over intrastate
utility financial transactions while the Federal
Government regulates interstate financing ar-
rangements as well as those with antitrust impli-
cations.

In general, State regulation focuses on prior
approval of IOU’S issuance of mortgage and de-
benture bonds and other long-term debts (e.g.,
notes over 1 year), and of common and preferred
stock. Some PSCS also regulate declarations of
dividends and budgets for capital expenditures.
For public utilities, the authority to issue bonds
derives from the State constitution or statutory
authority. In many cases, a municipality must also
obtain voter approval before issuing new bonds.

Table 15.—Sources of Long-Term Financing to REA Electric Borrowers (percent by

fiscal year)
REA
guarantee Other
Year REA 20/0 REA 5°A commitments CFC financing Total
1969........ 100.0% — - - - 100.0 %0
1970........ 100.0 - - - 100.0
1971........ 96.6 - - 3.4% — 100.0
1972........ 72.2 - — 15.3 12.5% 100.0
1973........ 32.4 52.80/0 - 13.6 100.0
1974. . ... ... 3.1 26.0 45.80/0 4.9 20.2% 100.0
1975. . ... ... 5.1 28.7 58.2 7.7 0.3 100.0
1976........ 10.3 245 57.6 5.1 25 100.0
TQ . ........ 7.6 225 64.8 33 18 100.0
1977. .. ... .. 5.3 114 77.9 2.9 25 100,0
1978. . ... ... 5.1 20.8 66.2 6.0 100.0
1979. . ... ... 3.3 115 80.5 3.7 0.9 100.0
1980. . ...... 2.0 11.3 81.4 4,3 0.9 100.0
1981 ........ 2.8 10.6 78.7 4. 3.9 100.0

SOURCE: U.S. Congress, Senate hearfngs before the Commlttee on Appropiations, “Agriculture, Rural Development, and Related
Agencies Appropriations,” fiscal year 1880, 86th Cong., 1s1 sess., part 1—justifications; National Rural Electric
Comparative Association, personal communication to the Offlce of Technology Assessment.
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Federal jurisdiction over electric utility owner-
ship and financial operations includes regulation
of debt and equity financing of holding com-
panies and their acquisition of other entities, sales
and purchases of utility property, and the is-
suance of securities by both the Securities and
Exchange Commission (SEC) and FERC. In gen-
eral, SEC regulates holding companies* under the
Public Utility Holding Company Act of 1935
(PUI-ICA) in order to simplify their structures and
to prevent abuses similar to those that occurred
during the 1920’s. SEC also regulates IOUS under
the Securities and Exchange Commission Act of
1935 to protect investors and the public by pro-
viding accurate information about a wide range
of factors that may affect a utility’s financial posi-
tion, and thus the relative risks associated with
investment in its securities. Finally, under the pro-
visions of the Federal Power Act, no utility may
issue securities, or assume any financial obliga-
tion or liability (e.g., as guarantor, endorser, sure-
ty, etc.) with respect to securities, without author-
ization from FERC. FERC also must approve any
utility sale, lease, or other disposition of proper-
ty worth more than $50,000, as well as mergers
or consolidations of such property, if it finds they
are reasonably necessary or appropriate for the
utility’s corporate purposes, are in the public in-
terest, and will not impair the utility’s ability to
provide service. Utilities may file the same reports
on securities with both FERC and SEC in order
to eliminate unnecessary paperwork.

Taxation.—Like financing, utility tax liability
depends to a large extent on ownership. IOUS
are fully liable for all taxes—income, excise, prop-
erty, and sales as imposed by various levels of
government—whereas Federal and municipal
utilities usually are exempt from all tax liability.
However, Federal and municipal utilities often
make payments to local governments in lieu of
property taxes (about 25 to 50 percent of the
otherwise exempted taxes). Cooperatives general-
ly are exempt from income and excise taxes but
liable for property and sales taxes. In addition,

*Holding companies are defined in PUHCA as those that direct-
ly or indirectly control 10 percent or more of the outstanding voting
securities of a utility (or other holding company) or that, in the judg-
ment of SEC, could exercise a controlling interest over the manage-
ment or policies of a utility or holding company sufficient to make
regulation necessary in the public interest.

cooperatives that derive more than 15 percent
of their total revenues from nonmember services
are liable for income taxes. In 1980, tax payments
by IOUS averaged 12.7 percent of electric depart-
ment operating revenues (20). The tax break-
down for 1980 is shown in table 16.

Taxation is primarily an issue in electric utility
finance and regulation to the extent it allows
special treatment that will reduce the cost of
capital investments. The primary forms of special
tax treatment are the investment tax credit and
accelerated cost recovery coupled with special
federally mandated accounting rules.

The investment tax credit (ITC) encourages in-
vestment in new, used, or leased business prop-
erty that is placed in service after 1980 and that
has a useful life of at least 3 years. The property
must be depreciable (i.e., either tangible personal
property or an improvement to real property used
in qualifying manufacturing or service busi-
nesses). Buildings and real property are specifical-
ly excluded from eligibility. Since 1975, treatment
of utilities under ITC provisions has been roughly
equal to that of other businesses.

The amount of ITC depends on the accelerated
cost recovery (ACRS) for the property. Property
in the 3-year ACRS class (cars, light trucks, and
research and development equipment) is eligi-
ble for a 6-percent credit, and all other property
receives a 10-percent credit. There is a $125,000
limit for qualifying investments in used property
from 1981 through 1984, and a $150,000 limit
after 1984. If the available investment tax credit

Table 16.—Taxes Paid by Investor-Owned Electric
Utilities—Electric Department Only, 1980

Amount Percent Of
(milllons of operating
dollars) revenue
Federal taxes:
Income.................. ... ... $1,242 15710
Deferred taxes on Income . . .. . 1,347 1.7
Other charges In lieu of taxes®....... 1,392 17
Miscellaneous . ............ ... ... ... 1,492 1.9
Total Federal taxes charged to income . . 5,473 6.8
State and looal taxes. . ................ 4,795 5.9
Total taxes charged to income .. ... .. $10,268 12.7%

alncludes Investment tax cradlts reported as charges to income for the current
year.
SOURCE: Edison Electric Inatltute, Statistical Yearbook of the Electric Utllity In-
dustry, 1980, (Washington, D. C.: Edison Electric Institute, November
19s1).
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exceeds a taxpayer’s liability in any year, the ex-
cess credit may be carried forward for 15 years
or backward for 3 years.

In addition to the standard ITC, an extra 10-
percent credit may be available for investments
in certain qualifying energy property (see table
17) through December 1982. This energy tax
credit is not available on that portion of an in-
vestment which is financed by tax-exempt or
other subsidized financing (e.g., industrial devel-
opment bonds). Moreover, public utility property
(with the exception of hydroelectric equipment)
does not qualify for the energy tax credit. Other
than the exceptions outlined above, the rules per-
taining to the energy credit generally parallel
those for the ITC.

The ITC and energy credit represent a direct
reduction in tax liability (for those businesses with
sufficient tax liability to benefit from it) that, in

Table 17.—Energy Property Eligible for ITC Under
the Energy Tax Act of 1978

1. Alternative energy property:
¢ boilers and burners fueled by substances other than
oil/gas;
* synthetic fuel conversion equipment;
* equipment for converting existing oil/gas using facilities
to alternate fuels;
¢ equipment that uses coal as a chemical feedstock;
* pollution control equipment for any of the above;
¢ equipment for handling, preparing, storing, etc., alter-
nate fuels for any of the above; or
e geothermal energy facilities.
2. Solar or wind energy property used to generate electrici-
ty, to heat or cool, or to provide hot water.
3. Specially defined energy property, including:
e recuperators,
heat wheels,
heat exchangers,
waste heat boilers,
heat pipes,
automatic energy control systems,
turbulators,
preheater,
combustible gas recovery systems,
economizers, or
e other similar property defined in regulations,
the principal purpose of which is to reduce the amount of
energy used in any existing industrial or commercial proc-
ess and which is installed in an existing industrial or com-
mercial facility.
Equipment used to sort and prepare for recycling or to re-
cycle solid waste.
Equipment for extracting oil from shale.
Equipment for producing natural gas from geopressurized
brine.
SOURCE: Offlce of Technology Assessment.
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effect, reduces the cost of equipment purchases.
Thus, these credits decrease the amount of in-
vestment capital needed without reducing the
basis for cost recovery purposes. At present,
many electric utilities have accumulated large
backlogs of excess credits due to the percentage
offset limitations and the accompanying carry-
back and carryforward provisions (see table 16).
If State regulators allow utilities to retain the
benefits of the ITC, they usually are used to help
defray the costs of construction of new generating
capacity rather than passed on to customers im-
mediately.

The second form of tax treatment that can
reduce the cost of capital investments is ac-
celerated cost recovery. The Internal Revenue
Code allows a deduction for “the exhaustion,
wear and tear (including a reasonable allowance
for obsolescence)” of business or investment
property. Accelerated cost recovery allows prop-
erty to be written off before its useful life has
ended, either by shortening the useful life or by
concentrating larger deductions in the early years
of the asset’s useful life. Under the Economic Re-
covery Tax Act of 1981 (ERTA), cogenerators
placed in service after December 31, 1980, would
be in a 5-year cost recovery class, while public
utility property would be in a 5-, 10- or 15-year
class, depending on its depreciation class under
the previous tax laws.

In a competitive industry, much of the reduced
capital cost that results from accelerated cost
recovery would be passed on to customers in the
form of lower prices. With regulated utilities,
however, the State commissions have had to
decide whether the taxes incorporated into the
revenue requirement should be only those ac-
tually paid (i.e., the benefits of accelerated cost
recovery are “flowed through” to customers in
years of tax savings) or whether the taxes should
be “normalized” over the life of the investment
(i.e., the taxes included in the revenue require-
ment will be higher than actual taxes in the early
years and lower in later years and the benefits
are retained by the utility). Under ERTA, a public
utility that wants to take advantage of ACRS and
ITC must use normalization accounting to com-
pute the tax expense for ratemaking purposes.
If the utility uses flow-through accounting it must



Ch. 3—Context  for Cogenerafion .69

use the same cost recovery method for both tax
and ratemaking purposes.

In 1976, accelerated cost recovery is estimated
to have reduced customer rates by about $1.3
billion (2.2 percent) and utility tax payments by
about $2 billion (51 percent). The ITC reduced
rates to a much smaller extent (perhaps $200
million), but decreased utility taxes by $1.3
billion. The combined effect was a 2.6-percent
reduction in customer billings, an 84-percent
decrease in Federal tax payments by utilities, and
a 20-percent ($2 billion) increase in the cash flows
of normalizing utilities. In 1979, it is estimated
that tax incentives provided IOUS with $3 billion
per year additional construction funds (equivalent
to 15 percent of annual construction expendi-
tures). In some cases, these tax incentives may
represent the only source of internal funds for
utilities (1 5).

Other provisions of Federal tax law that pro-
vide investment incentives for utilities include a
deduction for interest paid to bondholders that
reduces the cost of debt financing; a deduction
for IOUS of about 30 percent of the dividends
paid on preferred stock; and, a deduction for the
costs of repairs or improvements to depreciable
property based on a specified annual percentage
of the property’s cost.

REGULATION OF SERVICE AND OPERATIONS

The third major area of electric utility regula-
tion is State and Federal jurisdiction over utility
service and operations. The primary concerns of
such regulation are to ensure adequate service,
to protect the public health and welfare, and to
further national policy goals related to fuel use.

Service Regulation.— State PSCS have broad
authority over utility services, including granting
the right to serve, defining service territories, and
approving major capacity additions. The primary
mechanism by which a PSC exerts control over
these activities is the certificate of public con-
venience and necessity, which essentially is a per-
mit to operate a utility. In addition, many PSCS
also have jurisdiction over the operating charac-
teristics of private (and some public) utilities, in-
cluding authorizing or requiring interconnections,
requiring utilities to operate as common carriers,
ordering the joint use of facilities among two or
more utilities, and requiring line extensions within
a utility’s service territory (see table 18).

The Federal Government’s primary role in reg-
ulating utility service is through its authority over
interconnection and coordination among utilities.
Under section 202(a) of the Federal Power Act
of 1935, FERC (formerly FPC) was directed to

Table 18.—State Regulation of Utiiity Service and Operations

Number of PSCS according to -
type of utility regulated

Authority Investor-owned Public Co-op
Certificate of convenience and necessity
required for:
Generating capacity additions . ... ............ 25 9 15
Transmission line additions. . . ............... 28 14 20
Distribution system additions .. .............. 20 11 13
Other plant additions . . . .................... 16 8 1
Initiating service . .. ... . 31 13 20
Abandoning facilities or service . ... .......... 34 17 21
Regulate State exports . . . ... ... .. i 6 2 3
Allocate unincorporated territory among utilities . 33 14 22
Establish standards for:
Voltage levels. . ......... .. o i 41 17 24
Safetv. ... 44 21 26

8ncludes 50 State commissions plus District of Columbia, Puerto Rico, and Virgin Islands.

SOURCE: Alan E. Finder, The States and Electric Utility Regulation (Lexington, Ky.: The Council of State Governments, 1977).
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“divide the country into regional districts for the
voluntary interconnection and coordination of
facilities for the generation, transmission, and sale
of electric energy” in order to ensure an abun-
dant supply of electricity throughout the United
States “with the greatest possible economy and
with regard to the proper utilization and conser-
vation of natural resources.” Once these districts
were established, the Federal Government’s role
was limited to promoting and encouraging volun-
tary interconnection and coordination of facilities
within and among them.

PURPA expanded FERC’S authority in regard
to interconnection and coordination in a number
of ways. Section 205(a) of PURPA authorizes
FERC (either on its own motion or upon receipt
of an application) to exempt a utility from State
laws, rules, or regulations that prohibit or pre-
vent voluntary coordination, including agree-
ments for central dispatch, if the coordination is
designed to obtain the economic utilization of
facilities and resources in any area. Section 205(b)
directs FERC to study the opportunities for energy
conservation, increased reliability, and greater ef-
ficiency in the use of facilities and resources
through pooling arrangements. Where such op-
portunities exist, FERC may recommend to utili-
ties that they voluntarily enter into negotiations
for pooling. Finally, PURPA expanded FERC'S au-
thority to order interconnections to include those
with qualifying cogeneration and small power
production facilities, and to include wheeling
orders. These provisions are discussed in detail
in the next section.

Public Health and Welfare.—Regulation of
utility operations in the interests of protecting the
public health and welfare focuses on safety stand-
ards and on environmental protection. At the
State level, the primary responsibilities include
the implementation of federally mandated pro-
grams as well as the establishment and enforce-
ment of minimum standards for voltage, meter-
ing accuracy, customer and employee safety, and
emergency situations and curtailments.

Such Federal legislation affects powerplant
siting and operation substantially through re-
quirements for environmental impact assessments
and pollution monitoring and control, as well as

through provisions that limit the available sites
for large generating facilities. The most important
Federal programs in this area include:

® The National Environmental Policy Act of
7969 (NEPA), which requires all Federal
agencies to include a detailed environmen-
tal impact statement on every major Federal
action significantly affecting the quality of the
human environment.

® The C/can Air Act sets National Ambient Air
Quality Standards that are implemented
through standards of performance for new
stationary sources and guidelines for State
control strategies for existing sources, and
through guidelines for regulatory programs
designed to improve air quality in non-attain-
ment areas and to prevent degradation of air
guality in clean air areas.

® The Clean Water Act imposes effluent limita-
tions on quantities, rates, and concentrations
of chemical, physical, biological, and other
constituents discharged into navigable
waters, and are implemented through am-
bient water quality standards, effluent stand-
ards for new and existing sources, standards
for thermal discharges, and permit programs.

® The Resource Conservation and Recovery
Act of 1976 seeks to control the land disposal
of solid wastes (e.g., fly and bottom ash,
scrubber sludge) through a system of State
plans and permits for solid waste disposal.

® The Atomic Energy Act, which includes com-
prehensive licensing and permitting pro-
cedures for both the construction and opera-
tion of nuclear powerplants.

® The Occupational Safety and Health Act
(OSHAJ which establishes standards for the
protection of workers, requires recordkeep-
ing, and sets up a process for periodic in-
spections and the filing of complaints.

® The Endangered Species Act of 1973, which
requires that all Federal departments and
agencies consult with the Secretary of the in-
terior to ensure that actions authorized,
funded, or carried out by them do not jeop-
ardize the continued existence of these
species or result in the destruction or adverse
modification of their habitat.

® The National Historic Preservation Act of
1970 which requires all Federal agencies to
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determine whether a proposed action will
affect a site or structure listed or eligible for
listing in the National Register and, if so, to
obtain comments from the Advisory Coun-
cil on Historic Preservation.

* The Fish and Wildlife Coordination Act of
1970, under which Federal agencies must
consult with the Department of the Interior’s
Fish and Wildlife Service and with the State
agency having jurisdiction over fish and
wildlife prior to taking any action potential-
ly affecting surface waters.

* Army Corps of Engineers requirements that
all projects affecting navigable waters obtain
a permit from the Corps.

* The Coastal Zone Management Act, which
requires Federal agencies to obtain certifica-
tion that proposed actions are consistent
with approved State programs.

Although this list of Federal programs is not all-
inclusive, it offers a general idea of the scope of
laws and regulations that affect the siting, con-
struction, and operation of central station gen-
erating plants. These regulations can lengthen the
leadtime for siting and building a powerplant, re-
quire technological and other environmental con-
trols in plant design and operation, and impose
significant monitoring and recordkeeping re-
quirements during plant construction and opera-
tion, all of which increase the direct costs of elec-
tricity generation.

Regulation of Fuel Use.—Prior to 1973, the
choice of fuel for utility and industrial plants was
primarily a matter of resource availability, eco-
nomics, and convenience, as influenced by in-
direct regulation through tax and environmen-
tal laws, and price controls. Then, natural gas
shortages and the 1973 oil embargo drastically
changed the economic and supply considerations
of fuel use and introduced direct Federal regula-
tion. The primary Federal regulations on fuel use
that affect utilities derive from the Fuel Use Act
(FUA) and the Natural Gas Policy Act (NGPA),
both part of the National Energy Act of 1978.

The primary purpose of FUA is to encourage
greater use of coal and other alternate fuels as
the primary energy source in utility, industrial,
and commercial generation of electricity or ther-

mal energy, and thus to conserve oil and gas for
other uses. To achieve these purposes, FUA pro-
hibits the use of natural gas or petroleum as a
primary energy source in new electric pow-
erplants and new major fuel-burning installa-
tions* and provides that no new electric
powerplants may be constructed without the
capability to use coal or any other alternate fuel
as a primary energy source. FUA also prohibits
existing powerplants from using natural gas as
their primary energy source after 1990 and, in
the meantime, from switching from any other fuel
to natural gas or from increasing the proportion
of natural gas used as the primary energy source.
Moreover, the Secretary of Energy can issue pro-
hibition orders for the involuntary conversion of
existing powerplants to coal or another alternate
fuel if the owner or operator of the powerplant
commences the proceeding by filing an affirma-
tive certification that the plant has the technical
capability to use coal or another alternate fuel,
or could have that capability without substantial
physical modification or reduction in rated ca-
pacity, and it is financially feasible for the facili-
ty to use coal or other non-premium fuels.

Through December 1980, FUA prohibition or-
ders had been issued for 53 oil burning units—
mostly powerplants—and another 13 units were
undergoing voluntary conversion to coal. In ad-
dition, 33 powerplants and 15 major fuel-burning
installations (MFBIs) are subject to outstanding
conversion orders under an earlier law (the
Energy Supply and Environmental Coordination
Act of 1974). Together, these 114 units have the
potential to displace around 400,000 barrels (bbl)
of oil per day (19).

FUA prohibitions are subject to a wide range
of temporary and permanent exemptions. The
temporary exemptions are granted for a period
of 5 years; some of these can be extended to a
total of 10 years but in no case beyond December
31, 1994. The most widely used of these exemp-
tions is a special public interest exemption for the
temporary use of natural gas in existing power-

*The provisions of FUA apply to powerplants and other stationary
units that have the design capability to consume any fuel at a heat
input rate of at least 100 MMBtu/hr or to a unit at a site that has
an aggregate heat input rate of at least 250 MMBtu/hr.
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plants that would otherwise burn middle distil-
lates or residual fuel oils. The 1,058 petitions for
this exemption that have been granted or are in
process have the potential to displace 83,523
bbl/day middle distillate, 323,825 bbl/day residual
fuel oil with a sulfur content of 0.5 percent or less,
and 236,950 bbl/day residual with greater than
0.5 percent sulfur (or a total of 644,298 bbl/day)
(19).

The actual effect of FUA on fuel use in existing
and new powerplants and MFBIs is difficult to
determine without a case-by-case analysis. The
considerations imposed by the act must be
viewed in the context of economic, technical,
and managerial concerns. Absent a FUA prohibi-
tion order or exemption request, it is not always
possible to identify the determining factor in elec-
tric utilities’ fuel choice. Many energy analysts
argue that it became cheaper to convert existing
oil-fired plants to coal or to replace them with
new coal or nuclear plants when the price of
residual fuel oil reached $30 to $40/bbl (2,46).
However, the economics of displacing existing
oil-fired capacity may be outweighed by utilities’
financial problems and the costs of using alter-
nate fuels. Thus, fully two-thirds of the capacity
that is economically feasible to convert has yet
to be converted. Moreover, of the 66 units being
converted under FUA, only 13 are doing so vol-
untarily (i.e., without a prohibition order), and
those 13 represent only about 4 percent of the
total potential oil displacement in the 66 units
(19).

NGPA was designed to increase energy sup-
plies while reducing domestic consumption. In
general, the act distinguishes among a number
of different classes and categories of natural gas
according to the date the gas is committed to in-
terstate commerce, whether the well is onshore
or offshore, and the depth and location of the
reservoir. Varying price schedules that would
eventually lead to decontrol are established for
the different classes and categories. These
schedules are supplemented with rules for alloca-
tion and pricing of gas to final consumers. Resi-
dential customers generally have first priority for
supplies under contract to interstate pipelines,
with any remaining supplies spread through vari-
ous lower priority commercial and industrial cus-

tomers. There are complicated resale price sched-
ules for all customer classes, with the highest
priority generally being given the lowest of all
outstanding prices.

NGPA assigns the lowest priority industrial gas
users an incremental price equal to the new gas
wellhead price plus regulated pipeline transpor-
tation margins. This higher incremental price is
mitigated through a ceiling determined by the al-
ternative fuel oil price. In some areas, the ceil-
ing is based on number two distillate fuel and in
others on residual fuel. Several users that other-
wise would be subject to the higher incremen-
tal prices are specifically exempted, including
small industrial boilers (using less than an average
of 300 MCF/day); agricultural uses for which alter-
native fuels are not economic or available;
schools, hospitals, and other institutions; electric
utilities; and qualifying cogeneration facilities
under section 201 of PURPA.

Current Status of Electric Utilities

Economic, energy, and utility analysts agree
unanimously that the electric power industry—
particularly the investor-owned portion-is in
trouble due to its deteriorating financial condi-
tion (34,64). The symptoms are abundant, in-
cluding declining real returns on equity and in-
terest coverage, increased capital spending and
debt/equity financing combined with high divi-
dends per share, high payout ratios, and low
market-to-book values. This situation represents
a somewhat abrupt turnaround in the industry’s
financial health. During the two decades from
1945 to 1965, utilities accommodated rapid de-
mand growth while continually lowering prices
by taking advantage of economies of scale in
generation as well as greater efficiency in
transmission and distribution. Capital expendi-
tures remained relatively constant on a per-
customer basis and utility costs actually declined
in some years although prices within the econ-
omy in general were rising. Return on equity rose
steadily, most utilities had high bond ratings, and
the market-to-book ratio more than doubled.
Moreover, during those two decades energy con-
sumption in general moved in line with other
economic activity as electricity demand grew at
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roughly twice the rate of the economy and far
faster than energy usage as a whole. The price
of electricity declined on an absolute basis as well
as relative to prices as a whole and to the price
of competing fuels (34).

However, 1965 is considered the watershed
year for the electric utility industry. In that year,
stock prices, rate reductions, and interest cover-
age ratios peaked, while a number of events
reshaped utility capital investment such that
money spent would not necessarily lead to re-
duced costs. For example, the Northeast blackout
required expenditures to improve reliability of
service, but those expenditures would neither
reduce costs nor automatically be associated with
increased revenues. Similarly, the environmen-
tal movement required capital expenditures that
did not make plants more efficient or increase
capacity. The military buildup in Vietnam sig-
naled the onset of high inflation rates and brought
construction delays and labor productivity prob-
lems. Emerging natural gas shortages caused utili-
ties to shift to more capital-intensive types of pow-
erplants, including coal and nuclear fueled plants,
that took longer to build, cost more, and operated
less efficiently (34).

As aresult, capital spending accelerated, rate
base increased more rapidly than sales, and a
larger percentage of financing requirements had
to be met through new capital (i.e., sales of
securities). The combination of rising interest
rates, an increasing amount of debt, and relatively
slow growth in income resulted in decreasing in-
terest coverage ratios and a decline in the quali-
ty of utility debt, and thus even higher interest
rates. The combination of higher interest rates
and lower return on equity pushed stock prices
down until they fell well below book values. The
average market-to-book ratio went from an all-
time high of 2.35in 1965 to a low of 0.67 in 1974,
and back up to 0.80 in 1978. Thus, during a
period when securities were claiming an ever
larger share of total capitalization, each new issue
further diluted the interests of shareholders. At
the same time, utilities began to capitalize an
allowance for funds used during construction
(AFUDC) in their income statements, which in-
creased the non-cash portion of their reported
earnings. Therefore the overall decline in return
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on equity was greater than was apparent from
the reported figures. The only available solution
to the problem was to increase rates (34).

in 1970, the average price of residential elec-
tricity increased for the first time in 25 years, and
has continued to rise ever since from its low of
$.0209/kWh in 1969 to its high in 1980 of $.0493
/kWh ($.0536/kWh for 10US). * The average
price of all electricity also has risen—from a low
of $.0154/kWh in 1969 to a high of $.0437/kWh
in 1980 (4.72 WkWh for 10US) (20). However,
the rate relief obtained in the last 10 years has
been inadequate to raise interest coverage and
return on equity to their previous levels and bond
ratings have fallen, increasing interest charges still
further. Moreover, although the price of electrici-
ty did not increase as rapidly as those of com-
peting fuels, it did go up more than prices as a
whole throughout the economy.

The electric power industry’s problems up until
the early 1970’s were compounded by other fac-
tors during the last decade. First, the 1973-74 oil
embargo drastically changed both fuel supplies
and prices, and utility customers cut back on
electricity consumption. In 1974, electric usage
per customer decreased for the first time since
1946, and the previously steady pattern of rapid
growth (about 8 percent per year from 1947 to
1972) changed dramatically.** But the industry
had geared its capital spending and its expense
budget to the previous sales gains. Capacity ad-
ditions begun before 1974 became excess capaci-
ty as these gains failed to materialize. Moreover,
much of the new capacity installed or announced
in the years immediately preceding the embargo
was oil-fired in response to environmental objec-
tions to coal and to uncertainties in natural gas
supplies. This decline in demand growth caught
utilities in a squeeze between high fixed costs and
declining base rate revenue due to falling sales
(34).

A second factor that dramatically affected utility
fortunes during the 1970’s was one utility’s omis-
sion of a common stock dividend—a first for the
utility industry-in April 1974. In that month, the

*Prices expressed in current dollars.

**While electricity demand growth has slowed noticeably, since
1973 it still has been about twice that of energy as a whole.
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utility stock average fell 18 percent, and by Sep-
tember had fallen 36 percent, the largest drop
in any calendar year since 1937. Also, 1974 was
the year that market-to-book ratios hit their low
of 0.67. The increased risk in utility stocks car-
ried over to the market in lower quality bonds,
and for the first time, investors had to consider
the possibility of a financial risk in utility securities,
and utilities had to face the prospects of even
higher costs for new capital (34).

A third major event affecting the electric power
industry during the 1970’s was the accident at
the Three Mile Island (TMI) nuclear powerplant
in 1979. Even before TMI, some investors had
been leery of nuclear-oriented utilities because
of the huge sums involved in one project that
could be delayed or halted by a determined op-
position. The TMI accident added another risk—if
an operating nuclear plant went out of service,
the power company might have to purchase far
more expensive electricity from other utilities. If
the regulators did not allow the purchased power
costs to be passed on to consumers, the utility
could suffer serious financial losses. General
Public Utilities, whose subsidiaries owned TMI,
was forced to omit its dividend and was unable
to place securities in the public market after the
accident. In conjunction with a weakened finan-
cial state and excess generating capacity in many
areas, the accident accelerated the cancellation
or deferral of nuclear projects by many electric
utilities (34).

Based on some indicators, the general econom-
ic and financial deterioration of the electric power
industry that began in the late 1960’'s and con-
tinued through the 1970’s seems to have begun
to turn around. Electric utility earnings began to
rise sharply in late 1980 and continued to increase
through 1981. The gain in earnings lifted the aver-
age return on equity (for a sample of 85 electric
utilities representing 95 percent of IOU revenue)
to 12.3 percent by September 1981 —the highest
return earned since the late 1960’s. The propor-
tion of capital spending financed with internally
generated funds (including common equity) rose
with the return on equity, reaching 43 percent
late in 1981, entirely offsetting the decline that
occurred during 1979 and early 1980 (63).

However, other indicators are not so favorable.
Even though the earned rate of return has in-
creased steadily in the last 2 years, it still lags
behind the authorized return—estimated to be
about 14.2 percent in 1980. In addition, although
operating revenues have risen (by 18.3 percent
in 1980) due to a combination of increases in
rates, fuel adjustment clauses, and sales to
ultimate customers, the gains in revenues were
more than offset by increased operating expenses
(up 19 percent in 1980), primarily due to higher
fuel costs (20). Similarly, the increased percent-
age of equity financing has not been sufficient
to offset the record high interest rates. Utility in-
terest expenses have continued to rise at more
than 20 percent annually while interest coverage
ratios (the ratio of net income and income taxes
to interest expense) have remained relatively
static for the last 2 years. In late 1981, the average
interest coverage ratio was 2.47 with AFUDC, and
2.01 without AFUDC. Common stock dividend
payout ratios have risen steadily, to a record 75.8
percent in 1980 (compared to a traditional IOU
payout ratio of 65 to 68 percent). Finally, sales
of stock have continued to dilute the book value
at a rate that more than offsets the contribution
of retained earnings (63).

As long as interest rates remain high and earned
returns on equity remain lower than authorized,
utilities will continue to have trouble regaining
their financial health. Without additional ag-
gressive rate relief, growth in earnings is likely to
continue to lag behind that of revenues. The high
interest rates would continue to favor equity fi-
nancing over long-term debt, and thus continue
to erode book value and increase payout ratios
to the detriment of stockholders’ interests. As a
result, IOUS are likely to continue having trouble
financing their construction budget.

Possibie Future Paths for
the Electric Power industry

A wide range of options are available to utility
planners today, perhaps wider than at any time
in the past. The menu of generating and other
technologies from which to choose, the array of
institutional arrangements for financing and
management, the possibilities for investment on
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the customer’s side of the meter—all have ex-
panded greatly in recent years. All of these op-
tions must be considered in the context of their
potential to reduce utility dependence on oil and
reduce capital expenditures and operating costs,
while enabling utilities to continue to provide
reliable service and protect investors.

Given the numerous unpredictable events that
have plagued the electric power industry over the
last 15 years, utilities will have to develop plans
with sufficient flexibility to handle a wide array
of contingencies in demand growth, technology
availability, and economic conditions. In many
cases, these plans will be substantially different
in character from traditional planning, either due
to their approach to the size and mix of generat-
ing technologies, or through planned controls on
the rate or type of demand growth.

One possible way to achieve such flexibility is
for a utility to diversify its energy mix. Thus, rather
than being heavily dependent on any one fuel
(e.g., coal, nuclear), the utility’s capacity would
be spread among the available options, reduc-
ing the risk of a capacity shortfall in the event of
unexpected fuel shortages (e.g., a coal strike, a
nuclear accident). Second, utilities will have to
plan for financing flexibility. Conventional large
baseload plants are extremely capital intensive.
Because of their size, they often lead to short-
term excess capacity until sales have a chance
to grow sufficiently to match the increased
capacity. In addition, their long construction lead-
times often mean high interest charges. As was
seen in the previous section, unless these large
baseload plants substantially increase system ef-
ficiency and reduce utility costs, they can con-
tribute significantly to financial deterioration.
Smaller capacity increments, on the other hand,
are easier to phase in as demand develops, and
allow greater short-term financing flexibility. In
this sense, the smaller additions substitute finan-
cial optimization in planning for the engineering
optimization achieved in large conventional
plants.

A third option for utility planners is to invest
in energy and fuel efficiency at the point of use.

As was seen in the discussion of the current status
of electric utilities above, one of the factors that
contributed to current utility financial problems
was utilities’ need to make capital investments
(e.g., for environmental protection, increased
system reliability) that neither reduced costs nor
served new customers. Thus, overall system pro-
ductivity declined as costs increased. In order to
reverse this trend, some utilities are planning to
invest heavily in technologies that contribute to
system efficiency (e.g., conservation, load man-
agement) in lieu of new capacity.

Beyond these three major options, there are
several other steps a utility can take to improve
its financial position with regard to meeting future
service needs. For example, joint action agencies
(see discussion of utility organizations, above)
allow a utility to benefit from economies of scale
while also receiving the advantages of investment
in small capacity increments, including financial
and planning flexibility. In some areas, conver-
sion to public ownership may be an option for
improving utilities’ financial status, since public-
ly owned utilities have access to lower cost capital
and do not need to be concerned with protect-
ing stockholders’ interests.

However, utilities’ system and financial plan-
ning is only one aspect of the future of the elec-
tric power industry. Without appropriate regula-
tion, many of the options discussed above will
not be feasible and even well-managed utilities
could face financial and service dilemmas.

Utility regulators at all levels of government also
have a wider range of options than has existed
in the past. The problems faced by electric utilities
have led to a better understanding of utility eco-
nomics and its regulatory implications. The result
has been a wide range of regulatory innovations
that could complement utility planning for flex-
ibility. But if regulators fail to take advantage of
such options, or to ensure that utilities are com-
pensated adequately for the increased risks they
will be facing, even the most innovative utility
planning will be to no avail.
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REGULATION AND FINANCING OF COGENERATION

Historically, cogenerators faced three major in-
stitutional obstacles when seeking interconnected
operation with an electric utility. First, utilities
often were reluctant to purchase cogenerated
electricity at a rate that made interconnected
cogeneration economically feasible. Second,
some utilities charged very high rates for pro-
viding backup service to cogenerators. Third, a
cogenerator that sold electricity risked being
classified as—and therefore being regulated under
State and Federal law as—an electric utility. As
aresult of these and other disincentives, cogen-
eration was not able to compete, except in large
stand-alone industrial applications, with electrici-
ty generated in central station powerplants plus
thermal energy from conventional combustion
systems.

In recent years, however, cogeneration has at-
tracted a lot of attention as a means of increas-
ing energy efficiency, easing utilities’ financial
stress, and reducing the amount of oil needed
to supply electric and thermal power to buildings
and industries. Where these benefits are available
(see chs. 5 and 6), recent changes in Federal and
State regulation and in financing practices may
improve cogeneration’s ability to compete with
conventional energy conversion systems. This
section describes the regulatory and financing
considerations that may affect utility, industrial,
or commercial firms’ decisions to install cogen-
eration capacity.

Federal and State Regulation

A number of recent legislative initiatives are in-
tended to clarify the role of cogeneration within
national energy and environmental policy, and
to encourage its use under those circumstances
where it would save fuel or allow increased effi-
ciency in electric utilities’ use of facilities and
resources. The most significant of these initiatives
include PURPA which provides guidelines for re-
lations among cogenerators, utilities, and regu-
lators; other parts of the National Energy Act that
address the use and cost of premium fuels; and
provisions of various environmental regulations
that have been adapted to cogeneration’s special
problems and opportunities.

The Public Utility Regulatory Policies Act

Title li of PURPA was designed to remove the
three obstacles to interconnected cogeneration
listed above. Under section 210 of PURPA, util-
ities are required to purchase electricity from, and
provide backup service to, cogenerators (and
small power producers) at rates that are just and
reasonable, that are in the public interest, and
that do not discriminate against cogenerators.
Section 210 also allows FERC to exempt cogen-
erators from state regulation of utility rates and
financial organization, and from Federal regula-
tion under the Federal Power Act and PUHCA.
Electric utilities also are required to interconnect
with qualifying facilities and must offer to operate
in parallel with them. In order to qualify for these
and other benefits available under PURPA, co-
generators must meet the requirements of sec-
tion 201 for operating characteristics, fuel use,
and ownership.

At this time, the fate of the PURPA provisions
is unclear. In January 1982, the U.S. Court of Ap-
peals for the District of Columbia Circuit ruled
that portions of the FERC regulations imple-
menting PURPA were invalid. Specifically, the ap-
peals court vacated the FERC rules on rates for
utility purchases of cogenerated power, and on
interconnections between utilities and cogen-
erators, but upheld the FERC regulations on fuel
use and on simultaneous purchase and sale (1).
The Supreme Court has agreed to review the ap-
peals court decision.

As a result of this pending case, it is not possi-
ble to say definitively what is the Federal policy
on cogeneration. Therefore this section will out-
line the statutory provisions of PURPA and the
FERC rules implementing those provisions, and
will review the relevant court rulings and their
effect on PURPA’S implementation.

REQUIREMENTS FOR QUALIFICATION

The benefits of PURPA are afforded only to
“qualifying facilities.” Section 201 defines a quali-
fying cogeneration facility as one that produces
electricity and steam or other forms of useful ther-
mal energy for industrial, commercial, heating,
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or cooling purposes; that meets the operating re-
quirements prescribed by FERC (such as require-
ments respecting minimum size, fuel use, and fuel
efficiency); and that is owned by a person not
primarily engaged in the generation or sale of
electric power (other than cogenerated power).

Ownership Criteria.—The conference report
on PURPA makes it clear that Congress did not
intend to preclude electric utilities altogether from
participation in qualifying facilities (14). Thus,
either directly or through a subsidiary company,
an electric utility can participate in the owner-
ship of a qualifying cogenerator. Rather, the thrust
of the ownership requirement is to limit the ad-
vantages of qualifying status to cogenerators that
are not owned primarily by electric utilities or
their subsidiaries. Under the FERC rules imple-
menting section 201, the legal test is whether
more than 50 percent of the entity that owns the
facility is comprised of electric utilities or public
utility holding companies (70). This ownership
limitation does not apply to gas or other utilities.

Efficiency and Operating Standards.—-The
FERC regulations require topping cycle cogenera-
tion facilities to meet both operating and efficien-
cy standards. Because “token” topping cycle fa-
cilities could produce “trivial amounts of either
useful heat or power,” an operating standard
was established to distinguish bona fide cogen-
erators from essentially single purpose facilities.
This standard specifies that at least 5 percent of
a topping cycle cogenerator’s total energy out-
put (on an annual basis) must be useful thermal
energy (69). There is no operating standard for
bottoming cycle plants because they produce
electricity from otherwise wasted heat, and thus
do not have the same potential for “token” pro-
duction.

The topping cycle efficiency standard is de-
signed to ensure that an oil- or natural gas-fired
cogenerator will use these fuels more efficiently
than any combination of separately generated
electric and thermal energy using efficient state-
of-the-art technology (e.g., a 8,500-Btu/kWh com-
bined-cycle generating station and a 90-percent
efficient process steam boiler). The efficiency
standard established by FERC specifies that, for
topping cycle cogenerators: 1) for which any of

the energy input is oil or natural gas; and 2) for
which installation began on or after March 13,
1980, the useful electric power output plus one-
half the useful thermal energy produced must be,
during any calendar year, no less than 42.5 per-
cent of the energy input of oil and natural gas.
However, if the useful thermal energy output is
less than 15 percent of the total energy produc-
tion, the useful electricity output plus one-half
the useful thermal energy production must be no
less than 45 percent of the total oil or gas input.
Topping cycle cogenerators that were installed
prior to March 13, 1980, and those that use fuels
other than oil and gas do not have to meet any
efficiency standards in order to qualify under
PURPA (69).

The 2-to-1 weighting in favor of electricity pro-
duction in these topping cycle efficiency stand-
ards reflects FERC'’S view that “systems with high
electricity to heat ratios have the highest second-
law’ energy efficiencies,” and their development
and use should be encouraged (see discussion
of the thermodynamic efficiency of cogenerators
in ch. 4) (76). This weighting will be more
equitable to the various cogeneration technolo-
gies than a standard that simply summed elec-
tric and thermal output on an equal basis, be-
cause the latter would have made it relatively
easy for steam turbines that produce little elec-
tricity to qualify, but would have penalized higher
E/S ratio systems through difficult heat recovery
requirements.

Because bottoming cycle facilities produce
electricity from normally wasted heat, the effi-
ciency standard only applies to those with sup-
plementary firing heat inputs from oil and natural
gas. In such facilities, the useful output of the bot-
toming cycle must, during any calendar year, be
no less than 45 percent of the energy input of
natural gas or oil for supplementary firing (i.e.,
the fuels used in the thermal process “upstream”
from the facility’s power production system are
not considered in the efficiency test) (69).

Environmental Criteria.—FERC’S original re-
quirements for qualification under PURPA denied
qualifying status to diesel and dual fuel
cogenerators built after March 13, 1980, pending
environmental review. FERC'S final environmen-



78 « Industrial and Commercial Cogeneration

tal impact statement (FEIS), released in April 1981,
acknowledged that “an increase in the number
of diesel and dual-fuel cogeneration facilities in
an air regime may cause significant environmen-
tal effects in the near term.” But the FEIS con-
cluded that existing State and local air quality
monitoring and permit programs would be ade-
guate to prevent such effects, and “unregulated
proliferation of diesel and dual-fuel cogenerators
is not a realistic scenario.” Based on these con-
clusions, FERC has declared diesel and dual-fuel
cogenerators eligible for PURPA benefits (28).

Fuel Use Limitations.—Section 201 of PURPA
specifies that a qualifying cogeneration facility
must meet “such requirements (including re-
guirements respecting minimum size, fuel use,
and fuel efficiency) as the Commission may, by
rule, prescribe.” In implementing this section,
FERC interpreted the statutory language as discre-
tionary and chose not to impose fuel use limita-
tions on qualifying cogenerators. FERC offered
four arguments to support their position that this
decision was consistent with congressional intent
and national energy policy. First, FERC reasoned
that if Congress had intended to deny qualifying
status to oil- and gas-fueled cogenerators, PURPA
would have contained explicit restrictions on fuel
use similar to those that apply to small power pro-
ducers. Second, Congress did include fuel use
restrictions on oil- and gas-fired cogenerators in
FUA, which was enacted at the same time as
PURPA. Therefore, FERC determined it would be
both unnecessary and inappropriate to impose
an additional set of fuel use regulations under
PURPA. Third, FERC argued that Congress rec-
ognized that qualifying cogenerators would burn
natural gas by expressly exempting such facilities
from the incremental pricing program under
NGPA (enacted at the same time as PURPA).
Fourth, FERC noted that the findings in section
2 of PURPA require “a program providing for . ..
increased efficiency in the use of facilities and
resources.” Thus, the commission argued that oil
and gas burning cogenerators should be granted
gualifying status to the extent that they provide
for more efficient use of these resources, and the
efficiency standards discussed above would be
sufficient to ensure such use (76).

FERC’S decision was upheld by the U.S. Court
of Appeals, which agreed with these four argu-
ments and held that the statutory language is
discretionary and that the regulations promul-
gated by FERC were a reasoned and adequate
response to the congressional mandate.

UTILITY OBLIGATIONS TO
QUALIFYING FACILITIES

Under section 210 of PURPA and the FERC reg-
ulations implementing that section, electric
utilities have a number of obligations to qualify-
ing cogenerators. These include the requirement
that utilities offer to purchase power from and
sell power to cogenerators at equitable rates (in-
cluding simultaneous purchase and sale), that
they offer to operate in parallel with cogenerators,
and that they interconnect with cogenerators.

Obligation to Purchase.—Section 210 of
PURPA requires FERC to establish “such rules as
it determines necessary to encourage cogenera-
tion,” including rules that require electric utilities
to offer to purchase electric power from cogen-
erators. FERC interprets this provision as impos-
ing on electric utilities an obligation to purchase
all electric energy and capacity made available
from qualifying facilities (QFs) with which the
electric utility is directly or indirectly intercon-
nected, except during system emergencies or
during “light loading periods” (see below) (75).

PURPA specifies that purchase power rates
must be just and reasonable to the electric
utilities’ consumers and in the public interest, and
must not exceed the incremental cost to the utility
of alternative electric energy. The FERC regula-
tions use the term “avoided costs” to represent
these incremental costs, and define them as:

The incremental costs to an electric utility of
electric energy or capacity or both which, but
for the purchase from the qualifying facility, such
utility would generate itself or purchase from
another source (68).

The energy costs referred to in this definition
are the variable costs associated with the produc-
tion of electricity, and include the cost of fuel and
some operating and maintenance expenses (see
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discussion of rate structures in the previous sec-
tion). Capacity costs are the costs associated with
providing the capability to deliver energy; they
consist primarily of the capital costs of generating
and other facilities (75). Thus, if by purchasing
electricity from a qualifying facility, a utility can
reduce its energy costs or can avoid purchasing
energy from another utility, the rate for the pur-
chase from the QF must be based on those ener-
gy costs that the utility can thereby avoid. Similar-
ly, if a QF offers energy of sufficient reliability and
with sufficient legally enforceable guarantees of
deliverability to permit the purchasing utility to
build a smaller less expensive plant, avoid the
need to construct a generating unit, or reduce
firm power purchases from the grid, then the pur-
chase rates must be based on both the avoided
capacity and energy costs (75). In each case, it
is the incremental costs, and not the average or
embedded system costs, that are used to deter-
mine avoided costs.

One way of figuring the avoided cost is to cal-
culate the difference between: 1) the total capaci-
ty and energy costs that would be incurred by
a utility to meet a specified demand, and 2) the
cost the utility would incur if it purchased energy
or capacity or both from a QF to meet part of
its demand and supplied its remaining needs from
its own facilities. In this case, the avoided costs
are the excess of the total capacity and energy
cost of the system developed in accordance with
the utility’s optimal capacity expansion plan ex-
cluding the QF, over the same total capacity and
energy cost of the system including the QF (75).
The FERC rules require utilities to furnish data
concerning present and anticipated future system
costs of energy and capacity to enable potential
cogenerators to estimate avoided costs.

The FERC rules outlined three primary consid-
erations in determining avoided costs. The first
is the availability of capacity or energy from a
QF during system daily and seasonal peakloads.
If a QF can provide electricity during peak periods
when the utility is running its most expensive gen-
erating units, the electricity from the QF will have
a higher value to the utility than power supplied
during off-peak periods when only lower cost
units are running. The relevant factors in deter-
mining the QF’s availability include:

® The utility’s ability to dispatch the cogener-
ator will enhance its ability to respond to
changes in demand and thereby enhance
the value of the cogenerated power (see dis-
cussion of interconnection in ch. 4).

® The expected or demonstrated reliability of
the cogenerator (i.e., whether it may go out
of service during the period when the utili-
ty needs its power to meet system demand)
will determine whether the utility can avoid
the construction or purchase of alternative
capacity.

® The terms of any contractor other legally en-
forceable obligation (including its duration,
termination notice requirements, and sanc-
tions for noncompliance) also will provide
a measure of the QF’s reliability.

e |f maintenance of the QF can be scheduled
during the periods of low demand on the
utility system or during periods when the
utility’s own capacity will be adequate to
handle existing demand, it will enable the
utility to avoid the expenses associated with
providing an equivalent amount of capaci-
ty on peak.

® |f the QF can provide capacity and energy
during system emergencies, and can
separate its load from its generation during
such an emergency, it may increase overall
system reliability and thereby enhance the
value of the cogenerated power.

® The aggregate or collective value of capaci-
ty from a number of small QFs may be suffi-
cient to enable a purchasing utility to defer
or avoid scheduled capacity additions when
none of the QFs alone would provide the
equivalent of firm power to the utility.

® The leadtimes associated with capacity ad-
ditions from QFs maybe less than the lead-
time required for a utility powerplant, and
thus the QF might provide savings in the utili-
ty’s total power production costs by permit-
ting utilities to avoid the excess capacity
associated with adding large generating units
or by providing greater flexibility in accom-
modating changes in demand (see ch. 6)
(72).

The second consideration in a State regulatory
commission’s determination of avoided costs
under the FERC rules is the relationship of energy
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or capacity from a QF to the purchasing utili-
ty’s need for such energy or capacity. If an elec-
tric utility has sufficient capacity to meet its de-
mand, and is not planning to add new capacity,
then the availability of capacity from a cogen-
erator will not immediately enable the utility to
avoid any capacity costs. However, a utility with
excess capacity may plan to build new plants in
order to increase system efficiency or reduce oil
and gas use. If purchases from a QF allow the
utility to defer or avoid these capacity additions,
the rate for such purchases should reflect these
avoided capacity costs as adjusted for the lower
energy costs the utility would have incurred if it
had added the new capacity (75), That is, if defer-
ring new construction may actually increase
power costs, the qualifying facility may be cred-
ited only with the net of the deferred and in-
creased costs.

Third, the utilities and State commissions must
take into account any costs or savings from
transmission line losses. Power produced by a
QF maybe nearer to or farther from the service
area than the utility-generated power it supplants.
Because all power is subject to transmission losses
as a function of distance, the rate for energy pro-
vided by the QF is to be net of line losses or gains.

In general, avoided costs are determined on
a case-by-case basis. However, for small QFs, in-
dividualized rates may have very high transac-
tion costs. Therefore, the FERC rules require
utilities to implement standardized tariffs for
facilities of 100-kW electrical capacity or less, and
permit the use of such tariffs for larger units. These
tariffs must be based on the purchasing utility’s
avoided cost, as described above, but may dif-
ferentiate among QFs on the basis of the supply
characteristics of the particular technology (72).

The net avoided cost concept leads to the pos-
sibility that, despite their inherent efficiencies,
QFs may at times produce power that is more
expensive than power produced by the utility
(e.g., when the utility is under a low load situa-
tion and operating only baseload plants). Thus,
if the utility has to reduce its baseload plant out-
put in order to accommodate power purchases
from a QF, it may also have to utilize higher cost
peaking units when load increases or supplies

from qualifying facilities drop, due to the longer
startup times of baseload plants. A strict applica-
tion of the avoided cost rules under such cir-
cumstances would mean a negative avoided cost
that would have to be reimbursed by the QF. To
avoid the anomalous result of forcing a cogen-
erator to pay a utility for purchasing cogenerated
power, the FERC rules provide that an electric
utility is not required to purchase power from a
QF when such a purchase would result in net in-
creased operating costs to the utility. A utility that
wants to cease purchasing from a QF due to these
operational circumstances must notify each af-
fected QF in time for the QF to stop delivering
energy or capacity. If the utility fails to provide
adequate notice of alight loading period, it must
reimburse the QF for energy and/or capacity as
if the light loading had not occurred. The ex-
istence of a light loading period is subject to
verification by the PSC (75).

The FERC rules for purchase power rates do not
preclude negotiated agreements between cogen-
erators and electric utilities on terms that differ
from the PURPA provisions. However, a QF that
needs a long-term contract to provide certainty
in return on investment can still obtain a purchase
rate based on the utility’s avoided costs, either
by establishing a fixed contract price for energy
and capacity at the avoided costs at the time of
the contract or arranging to receive the avoided
costs determined at the time of power delivery
(75).

Finally, the FERC rules do not preclude States
enacting laws or regulations that provide for pur-
chase power rates that are higher than those that
would obtain under PURPA. However, the States
cannot require rates at less than full avoided costs
because such lower rates would fail to provide
the requisite encouragement to cogeneration and
small power production (75).

As mentioned previously, the FERC rules for
purchase power rates were challenged by the
American Electric Power Service Corp. (AEP) and
several other electric utilities, who argued that
FERC’S requirement that purchase power rates
equal the utility’s full avoided costs forecloses the
sharing of any of the benefits of the purchase with
the utility’s other customers, and thus contra-
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venes the PURPA section 210 requirement that
such rates be “just and reasonable to the elec-
tric consumers of the electric utility and in the
public interest.” The U.S. Court of Appeals for
the District of Columbia Circuit held that Con-
gress, in the statute, had clearly distinguished be-
tween a “just and reasonable” rate and one
based on the full avoided cost, and that, although
“the two may coincide,” FERC had not adequate-
ly justified its adoption of a uniform full avoided
cost standard (1).

In the preamble to its final rule on purchase
power rates, FERC states that:

The Commission interprets its mandate under
section 21 O(a) to prescribe “such rules as it deter-
mines necessary to encourage cogeneration and
small power production . .. " to mean that the
total costs to the utility and the rates to its other
customers should not be greater than they would
have been had the utility not made the purchase
from the qualifying facility (75).

FERC considered several alternative standards
that would have set the purchase rate at less than
full avoided cost, including rate standards based
on a fixed percentage of avoided costs and on
a “split-the-savings” approach. The commission
noted that these pricing mechanisms would trans-
fer to the utility’s ratepayers a portion of the sav-
ings represented by the difference between the
QF’s costs and those of the utility, and thus would
provide an incentive for the utility to purchase
cogenerated power (75). The same argument was
made by California utilities in opposing purchase
power payments based on full avoided costs, but
rejected by the Public Utilities Commission (see
discussion of PURPA implementation, below)

(l0).

However, FERC argued that, in most instances,
the resulting rate reductions would be insignifi-
cant for individual ratepayers, while if the full sav-
ings were allocated to the QF they would pro-
vide a significant incentive to cogenerate. Further-
more, FERC felt that a “split-the-savings” ap-
proach would require a determination of the
costs of power production in a QF—exactly the
sort of cost-of-service regulation from which QFs
are exempt under PURPA. FERC also argued that
a fixed percentage standard would lead QFs to

stop producing additional units of energy when
their costs exceeded the price to be paid by the
utility, and thus could force the utility to operate
less efficient generating units or consume more
premium fuels (1).

Based on these considerations, FERC deter-
mined that only a rate for purchases that equals
the utility’s full avoided costs for energy and
capacity would simultaneously satisfy the stat-
utory requirements that the rate be just and
reasonable to ratepayers, in the public interest,
and not discriminate against QFs, and fulfill the
statutory mandate to encourage cogeneration.

The Court of Appeals ruled that FERC had ap-
propriately rejected the split-the-savings approach
because that would “veer toward the public utili-
ties-style rate setting that Congress wanted to
avoid” (1). However, the court recognized that
other alternatives to the full avoided cost stand-
ard might allocate benefits between cogenerators
and utilities more evenly without requiring an in-
quiry into the QF’'s production costs, and that
FERC should take a harder look at these alter-
native approaches. In particular, the court stated
that FERC should reconsider the percentage of
avoided cost approach to determine whether it
would disproportionately discourage cogenera-
tion. The court argued that the “bare unquan-
tified possibility that a rule permitting rates at less
than full cost might be insufficient to encourage
the last kilowatthour of cogeneration” is incon-
sistent with the clear intent of PURPA, which
seeks to strike a balance among the interests of
cogenerators, electricity consumers, and the
public (I).

The court also outlined several additional ways
that the avoided cost standard could disadvan-
tage utility ratepayers, and specified that FERC
should address these in its subsequent rulemak-
ing. First, the commission should take into ac-
count, if possible, elements of utilities’ avoided
costs that cogenerators would not also have to
pay (e.g., where the utility is subject to higher
pollution control standards than a cogenerator,
when a utility pays taxes at a higher rate than
cogenerators). Second, FERC should consider a
utility’s capacity situation. If a utility has excess
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capacity, cogeneration stimulated by full avoided
cost payments may result in higher rates for the

utility’s remaining customers (without increasing

the utility’s total costs) due to the fixed cost
declining demand situation, in which the cogen-
erator reduces the number of customer-pur-
chased kilowatt-hours over which the utility can
spread a share of the fixed costs of the extra
capacity (see ch. 6). Third, the full avoided cost
standard precludes consideration of competitive
market forces, that might encourage utilities to
purchase a substantial amount of cogenerated
power at a price lower than the statutory ceiling

(1).

As a result of all of the above considerations,
the court held that FERC had not adequately
justified its decision to prohibit any purchase
power rates below full avoided costs, and vacated
the FERC rate regulations and remanded the mat-
ter to the commission. However, the court em-
phasized that its holding:

... should not be read as requiring FERC to es-

tablish different standards for a variety of cogen-
eration cases and methods. A general rule is ac-
ceptable, but the Commission must justify and
explain it fully, particularly in its balancing of the

interests of cogenerators, the public interest, and
“electric consumers” (l).

As noted above, the U.S. Supreme Court has
agreed to review the appeals court decision.

The purchasing utility normally will be the one
with which a cogenerator is directly intercon-
nected (i.e., the “local” electric utility). In some
instances, however, either the cogenerator or its
local utility may prefer that a second, more dis-
tant electric utility purchase the cogenerator’s
energy and/or capacity. For example, if the local
utility has no generating capacity, its avoided cost
will be the price of bulk purchased power, which
ordinarily is based on the average embedded ca-
pacity cost and the average energy cost on the
supplying utility’s system. But if the QF's output
were purchased by the supplying utility direct-
ly, that output usually would replace the highest
cost energy on the supplying utility’s system at
the time of the purchase, and the QF's capacity
may enable the supplying utility to avoid adding
new generating plants. Thus, the avoided costs

of the supplying utility may be higher than those
of the local nongenerating utility.

Similarly, if the local utility has excess gener-
ating capacity and/or relatively inexpensive coal
or other alternate-fueled baseload generation, its
avoided energy costs could be quite low and it
may not have any avoided capacity costs. A
neighboring utility, however, may have excess
load or expensive oil-fired baseload plants, and
thus relatively high avoided costs.

For circumstances such as these, the FERC rules
provide that a utility that receives energy or
capacity from a QF may, with the consent of the
QF, transmit that energy or capacity to a second
utility. However, if the QF does not consent to
transmission to another utility, the local utility re-
tains the purchase obligation. Similarly, if the
local utility does not agree to transmit the QF’s
energy or capacity, it retains the purchase obliga-
tion. Because the transmission can only occur
with the consent of the utility to which the energy
or capacity is first delivered, this rule does not
constitute forced wheeling of power (75).

The FERC rule on transmission of cogenerated
power to other utilities specifies that any electric
utility to which such energy or capacity is deliv-
ered must purchase that energy or capacity under
the same obligations and at the same rates as if
the purchase were made directly from the QF.
As discussed above, these rates should take into
account any transmission losses or gains. If the
electricity from the QF actually travels across the
transmitting utility’s system, the amount of energy
delivered will be less than that transmitted, due
to line losses, and the purchase rate should reflect
these losses. Alternatively, the transmission can
be fictionalized (as in simultaneous purchases and
sales—see below). For instance, energy and/or
capacity from a cogenerator may displace bulk
power that would have been purchased by a non-
generating utility, as in the example cited above.
In this case, the energy from the QF may replace
a greater amount of energy than would have
been purchased from the supplying utility (since
the power from the latter is subject to greater line
losses than the power from the QF), and the pur-
chase rate should reflect the net transmission gain
(72).
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obligation to Sell.—Section 210(a) of PURPA
also requires that each electric utility offer to sell
electric energy to QFs. The FERC regulations in-
terpret this obligation as requiring utilities to pro-
vide four classes of service to QFs: supplemen-
tary power, which is energy or capacity used by
a QF in addition to that which it generates itself;
interruptible power, which is energy or capaci-
ty that is subject to interruption by the utility
under specified conditions, and is normally pro-
vided at a lower rate than non interruptible serv-
ice if it enables the utility to reduce peakloads;
maintenance power, which is energy or capaci-
ty supplied during scheduled outages of the QF-
presumably during periods when the utility’s
other load is low; and backup power, for
unsceduled outages (e.g., during equipment fail-
ure). A utility may avoid providing any of these
four classes of service only if it convinces the PSC
that compliance would impair its ability to render
adequate service or would place an undue bur-
den on the electric utility (73).

PURPA requires that rates for sales of these
four classes of service be “just and reasonable
and in the public interest, ” and that they not
discriminate against QFs. The FERC regulations
implementing this requirement contemplate the
formulation of rates based on traditional cost-of-
service concepts (see discussion of rate regula-
tion in the previous section), and specify that rates
for sales to QFs shall be deemed nondiscrimina-
tory to the extent that they apply to a utility’s non-
cogenerating customers with similar load or other
cost-related characteristics (73).

Thus, the FERC rules provide that rates for sales
of power to QFs must reflect the probability that
the facility will (or will not) contribute to the need
for and use of utility capacity. If the utility must
reserve capacity to provide service to a cogener-
ator, the costs associated with that capacity may
be recovered from the cogenerator if the utility
normally would assess these costs to noncogen-
erating customers. If the utility can demonstrate,
based on accurate data and consistent system-
wide costing principles, that the rate that would
be charged to a comparable non-cogenerating
customer is not appropriate, the utility may
establish separate rates for QFs according to these
data and costing principles. However, any such

separate rates must still be nondiscriminatory, so
that the cogenerator is not “singled out to lose
any interclass or intraclass subsidies to which it
might have been entitled had it not generated
part of its electric energy needs itself” (73).

The FERC regulations also specify that rates for
sales of backup and maintenance power may not
be based, without adequate supporting data, on
the assumption that all QFs will experience forced
outages or other reductions in output either
simultaneously or during the system peak. Thus,
QFs are to be credited for either interclass or in-
traclass diversity to the same extent as non-
cogenerating customers, because such diversity
will mean that utilities supplying backup or
maintenance power to QFs probably will not
need to reserve capacity on a one-to-one basis.
In addition, rates for backup and maintenance
power must take into account the extent to which
a QF can usefully coordinate maintenance with
the utility (74).

Simultaneous Purchase and Sale.—The FERC
regulations specify that a utility must offer to pur-
chase all of a cogenerator’s electric power out-
put at avoided cost rates regardless of whether
that utility simultaneously sells power to the QF
at standard retail rates (72). In effect, this rule
separates the electricity production and con-
sumption aspects of QFs, and thus equalizes the
treatment of facilities which consume all the
power they generate with that of cogenerators
which sell some or all of their power (75).

AEP, et al., challenged this rule on the grounds
that it misconstrued the statutory terms “pur-
chase” and “sale,” because it requires utilities
to treat cogenerators as if they have engaged in
a purchase and sale when in fact none might have
occurred. The Court of Appeals disagreed, hold-
ing that FERC'S rule is consistent with PURPA. The
court noted that the narrower construction of the
statute urged by AEP would result—anomalous-
ly—-in discriminatorily different treatment for
cogenerators that use some or all of their power
onsite and those that sell all their electric output.
With such a narrow construction, cogeneration
could be uneconomical because utility retail rates
usually are lower than the utility’s incremental
energy and capacity costs and the cost of cogen-
erating.
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AEP also argued that FERC did not adequately
consider and explain its decision to require utili-
ties to engage in the simultaneous transaction fic-
tion. The court found that FERC had considered
the impact of this rule on all interested parties
and thus that the rule had been adequately jus-
tified (1).

Obligation to Operate in Parallel.—The FERC
rules also require each electric utility to offer to
operate in parallel with a QF, provided that the
QF meets the State standards for protection of
system reliability (71). By operating in parallel,
a QF can automatically export any electric power
that is not consumed by its own load. Thus, the
same customer circuits can be served simultane-
ously by customer- and utility-generated elec-
tricity.

Obligation to Interconnect. -In their regula-
tions implementing section 210 of PURPA, FERC
argued that electric utilities’ obligation to inter-
connect with QFs is subsumed within the pur-
chase and sale obligations of section 210(a).
Moreover, FERC noted that it has ample authority
to require utilities to interconnect with QFs under
the general mandate of section 210 that the com-
mission prescribe “such rules as it determines
necessary to encourage cogeneration and small
power production” (75). Consequently, the FERC
rules specified that “any electric utility shall make
such interconnections with any qualifying facili-
ty as may be necessary to accomplish purchases
or sales” (71).

AEP, et al., challenged this rule on the grounds
that it was inconsistent with sections 202 and 204
of PURPA (which became sec. 210 and 212 of
the Federal Power Act), as well as with PURPA
section 210 itself. Section 202(a)(l) provides:

Upon application of any electric utility, Federal
power marketing agency, qualifying cogenerator,
or qualifying small power producer, the Commis-
sion may issue an order requiring—

(A) the physical connection of any cogen-
eration facility, any small power produc-
tion facility, or the transmission facilities
of any electric utility, with the facilities
of such applicant.

In issuing an order under section 202(a)(l), the
Commission must issue notice to each affected

party and afford an opportunity for a full eviden-
tiary hearing under the Administrative Procedure
Act.

Section 202(c) states that FERC may not issue
an order under 202(a)(l) unless FERC determines
that the order:

(1) is in the public interest,
(2) would—
(A) encourage overall conservation of energy
or capital,
(B) optimize the efficiency of use of facilities
and resources, or
(C) improve the reliability of any electric utili-
ty system or Federal power marketing
agency to which the order applies, and
(3) meets the requirements of section [204].

The requirements of section 204 are that FERC
determine that an order issued under section
202(a)():

() is not likely to result in a reasonably ascer-
tainable uncompensated economic loss for
any electric utility, qualifying cogenerator, or
qualifying small power producer . . . affected
by the order;

(2) will not place an undue burden on an electric
utility, qualifying cogenerator, or qualifying
small power producer . . . affected by the
order;

(3) will not unreasonably impair the reliability of
any electric utility affected by the order; and

(4) will not impair the ability of any electric utili-
ty affected by the order to render adequate
service to its customers.

Finally, while section 21 O(e) of PURPA authorizes
FERC to exempt QFs from provisions of the Fed-
eral Power Act, it specifically excludes sections
202 and 204 from such exemption.

In the AEP case, FERC argued that compliance
with sections 202 and 204 of PURPA would im-
pose an undue burden on cogenerators and thus
would be contrary to the entire thrust of sections
201 and 210. in particular, FERC noted that in
enacting sections 201 and 210, Congress had
already determined that QFs serve the purpose
of the act to optimize the efficiency of use of
facilities and resources by electric utilities, and
thus it would be both redundant and unduly bur-
densome to require QFs to meet all the re-
guirements of sections 202 and 204 in order to
sell power to the grid.
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However, the U.S. Court of Appeals agreed
with AEP, holding that FERC’S rule requiring in-
terconnection was inconsistent with PURPA. The
court noted that FERC, in promulgating an inter-
connection rule that is consistent:

need not impose substantial administrative
burdens on those facilities, but rather can adopt
streamlined procedures. If the Commission be-
lieves that even streamlined procedures are too
burdensome, the necessary amendment must
come from Congress (1).

In its petition for rehearing of the AEP decision,
FERC emphasized the basic intent of PURPA to
encourage cogeneration, and argued that, with-
out the interconnection requirement, the obliga-
tion to purchase and sell is meaningless. FERC
also contended that PURPA section 210 is inde-
pendent of, and does not amend, the Federal
Power Act, and thus the interconnection require-
ment must be read into PURPA and the section
202 and 204 provisions interpreted as an alter-
native means of obtaining interconnection.

If the AEP decision is upheld by the Supreme
Court, then QFs who cannot get a utility to agree
to interconnect will have to apply for a FERC
order under the procedures outlined in section
202(a)(l), and thus meet the evidentiary re-
guirements of sections 202 and 204. However,
the requirements of sections 202(c) and 204
would be very difficult and expensive for a QF
to meet. Even in well-understood situations, the
expenses and delays associated with evidentiary
hearings under the Administrative Procedure Act
will deter all but those who have a pressing need
for an administrative order. But the multiple
stringent legislative tests of sections 202(c) and
204 are couched in new, broad language that will
have to be construed, first, by FERC and then,
in all likelihood, by the courts. Thus, these pro-
visions pose a substantial deterrent to cogener-
ators that cannot get an electric utility to volun-
tarily interconnect with them-exactly the prob-
lem PURPA was intended to remedy. Options for
resolving this issue are discussed in chapter 7.

Under the FERC regulations implementing
PURPA, a QF must reimburse any electric utility
that purchases energy or capacity from the facility

for interconnection costs. These costs are defined

in the regulations as:

... the reasonable costs of connection, switch-
ing, metering, transmission, distribution, safety
provisions, and administrative costs incurred by
the electric utility and directly related to the in-
stallation and maintenance of the physical facil-
ities necessary to permit interconnected opera-
tions with a qualifying facility, to the extent that
such costs are in excess of the corresponding
costs which the electric utility would have in-
curred if it had not engaged in interconnected
operations, but instead generated an equivalent
amount of electric energy itself or purchased an
equivalent amount of electric energy or capaci-
ty from other sources (68).

Interconnection costs must be assessed on a non-
discriminatory basis with respect to noncogen-
erating customers with similar load characteris-
tics, and may not duplicate any costs included
in the avoided costs (74). Standard or class
charges for interconnection may be included in
purchase power tariffs for QFs with a design
capacity of 100 kW or less, and PSCS may also
determine interconnection costs for larger facil-
ities on either a class or individual basis.

State regulatory commissions have the authori-
ty to ensure that utility requirements for system
safety equipment and other interconnection re-
quirements and their associated costs are reason-
able. In practice, utility interconnection re-
quirements vary widely (see ch. 4) and few PSCS
have addressed the interconnection question
directly.

OTHER PURPA BENEFITS

Qualifying cogenerators are exempt from reg-
ulation as a public utility or a utility holding com-
pany under the Federal Power Act and PUHCA,
and from State laws regulating the rates, struc-
ture, and financing of utilities. However, if a reg-
ulated electric utility owns more than a 50-per-
cent equity interest in a qualifying cogenerator,
the cogenerator will be subject to the traditional
jurisdiction of ratemaking authorities to the ex-
tent of utility ownership. In addition, qualifying
cogenerators may be eligible for an exemption
from the FUA prohibitions on oil and gas use and
from the incremental pricing provisions of NGPA.



86 ¢ Industrial and Commercial Cogeneration

IMPLEMENTATION OF SECTION 210

The FERC regulations on section 210 of PURPA
required State public utility commissions (PUCS)
to begin implementation of the regulations by
March 1981. Since that time, a wide range of draft

and final rules have been issued by the States,
and utilities have published a variety of tariffs for
cogenerated power (see table 19). The State PUCS
have taken full advantage of the procedural lati-
tude allowed by the FERC rules, using rulemak-
ing, adjudication, and dispute resolution to es-

Table 19.—Rates for Power Purchased From QFs by State-Regulated Utilities

Utilty

Energy payments (cents/kWh)

Capacity payments
($/kW-yr)

Comments

Alabama
Alabama Power Co.

Arkansas
Arkansas Power & Light Co.

California
Pacific Gas & Electric Co.

Southern California Edison

San Diego Gas & Electric Co.

Connecticut
Connecticut Light & Power Co. and
Hartford Electric Light Co.

Idaho

Utah Power & Light Co.

Washington Water Power Co.

Idaho Power Co.

Illinois

Illinois Power

Commonwealth Edison

Central lllinois Light Co.

2.59 on-peak, June-October
2.17 off-peak, June-October
2.14 on-peak, November-May
2.05 off-peak, November-May

Reverse metering currently used

6.58 on-peak
6.219 mid-peak
5.553 off-peak
6.030 non-TOD
6.6 on-peak
6.0 mid-peak
5.8 off-peak
6.0 non-TOD
8.333 on-peak
7.069 mid-peak
6.225 off-peak
6.850 non-TOD

Firm power

6.7 on-peak (114.5% of fossil fuels cost)
5.4 off-peak (90.5% of fossil fuels coat)
Nonflrm power

6.6 on-peak (110% of fossil fuels cost)
5.2 off-peak (86.5% of fossil fuels cost)

Firm power 1,2
Non.firm power 2.6

Firm power 1 6

Nonfirm power 2.4
Firm power 1.639

Nonflrm power
1.41-3.86 (varies each month,
2.4 average)

2.42 on-peak summer
1.55 off-peak summer
2.65 on-peak winter
1.88 off-peak winter
Non-TOO:

1.89 summer

2.18 winter

5.31 on-peak summer
2.90 off-peak summer
5.17 on-peak winter
3.37 off-peak winter
34 kV or greater

2.3 on-peak

2.1 off-paak

12kV 1034 KV:

2.4 on-peak

2.2 off-peak

Less than 12 kV:

2.5 on-peak

2.3 off-peak

$0.75-$1.50/kW-month

25% of full value

$0.70-$2.00/kW-month

88-268 Increasing with
contract length

4-35 years.

96-280 Increasing with
contract length

4-35 years.

0.3cents/kWh

116-318 Increasing with
contract length

4-35 years.

Nuclear 24%, coal 58%, oil 1%, gas 3%, hydro 14%.
Off peak purchase rates are offered for utilities without
time-of-day metering. Rates are for facllities less than
100 kw.

Nuclear 17%, coal 9%, oil 44%, gas 10%, hydro 20°A
Comments on proposed rates were due by

June 1, 1981.

Nuclear 4%, oil 67%'., gas 1%, hydro 25%, other 3%.
Rates are for February-April 1981.

Rates are for February-April 1961.

Rates are for February-April 1981.

Nuclear 38%, oil 80°/0, hydro 2%.

Purchase rates are temporarily In effect pending ap-
proval of utllity proposals. Percentage is tied to
monthly fuel adjustment. Firm power rates are for
facilities greater than 100 kW. Off-peak purchase
rates are offered for facilities without time-of-day
metering. No size restrictions apply to non-flrm
facilities.

Oil 1%, gas 3%, hydro 96%

The Idaho PUC has ordered UP&L to add some capac-
ity credit to the non-flrm energy payment.

Rates are for facilities less than 100 kW.

The Idaho PUC has ordered IPC to add some capacity
credit to the non-flrm energy payment.

Nuclear 19%, coal 57%, oil 23°/0, < 1% gas,
<1 % hydro, 1 % other.

1,000 kW or less.
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Table 19.—Rates for Power Purchased From QFs by State-Regulated Utilities-Continued

utility

Capaclty payments

Energy payments (Cents/kWh) ($/kW-yr) Commenta

Interstate Power Co.

Central lllinois Public Service

South Beloit Water, Gas &
Electric Co.
Union Electric

Indiana

Indiana & Michigan Eiectric Co.

Indianapolis Power & Light

Northern Indiana Public
Service Co.

Public Service Co. of Indiana
Southern Indiana Gee & Electric

Richmond Power & Light
Kansas

Kansas Power & Light
Massachusetts

Boston Edison

Commonwealth Electric

Eastern Edison

Massachusetts Electric

Cambridge Electric

Nantucket Electrlc
Manchester Electric
Fitchburg Gas & Eiectrtc

Western Massachusetts Electric

Michigan

Statewide purchase rate includes:
Consumers Power Co. and
Detroit Edison
Minnesota

2.45 on-peak, June-September
2.05 off-peak, June-September
2.19 on-peak, October-May

2.05 off-peak, October-May

1.978 on-peak summer (3 months)
1.620 off-peak summer

1.884 on-peak winter (3 months)
1.861 off-peak winter

1.805 on-peak (rest of year)

1.565 off-peak

2.30 on-peak

1.70 off-peak

Non, JOD:

1. DNT summer

1.53 winter

TOO:

2.41 on-peak summer

1.36 off-peak summer

1.50 summer, weekends and holidays
1.86 on-peak winter

1.35 off-peak winter

1.35 winter, weekends end holidays

1086 on-peak

0.81 off-peak
Non.TOD: 0.81

1.14 general rate
Seaaonal:

1.19 on-peak summer
1.07 off-peak summer
1.28 on-peak winter
1.08 off-peak winter
2.62 on-peak summer
2.29 off-peak summer
2.61 on-peak winter
2.29 off-peak winter
Norr. TOD seasonal:
1. 86 summer

1.83 winter

1.33

1.49 on-peak summer
1.02 off-peak summer
1.15 on-peak winter
1.00 off-peak winter
0.914

1.60

Nuclear O%, coal 89%, oil 8%, gas < 1%, hydro 1%,
other 2%.

coal 35%, Ol 11%, gas 55%.

Rate is for a cogenerator on-line since the 1920’s.
Nuclear 9%, coal 0%, oil 72%, gas <1%, hydro 18°/0,
other 1%.

6.971 on-peak
4.047 off-peak
5.543 flat
7.16 on-peak
6.15 off-peak
6.51 flat
8.792 on-peak
5.161 off-peak
5.995 fiat
5.51 on-peak
4.79 off-peak
5.08 fiat

7.22 on-peak
5.91 off-peak
6.34 fiat

7.44

4.748

6.081 on-peak
3.313 off-peak
4,940 flat
5.813 on-peak
4.238 off-peak
4.979 flat

Interim rates. Energy rates wlll be reset every 3 months
when fuel adjustment is figured. QFs of 30 kW or less
can use reverse metering.

Nuclear 14°/0, coal 47%., oii 230/o, gee 4%, hydro 11 O/,
other 1'/0.
25 This rate was established prior to PURPA compliance.
New purchase rates implemented in March or
April of 1982.
Nuclear 21%, coal 55°/0, oil 19%, gas 1%, hydro 2%,
other 2%.
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Table 19.—Rates for Power Purchased From QFs by State” Regulated Utillties—Continued

utility Energy payments (cents./kWh)

Capacity paymenta
($/kW-yr)

Comments

Northern States Power Co, Firm power

2.08-3.07 increasing with contract length

5-25 years.

TOD metering service:

2.150n-peak
1.39 off-peak
Nonfirm power : 1. 35

Occasional power 1. 66

Mont ana
Montana Power 2.7842

Montana-Dakota Nonfirm power
2.21 on-peak

1.57 off-peak

Non firm, non-TOD: 1.91

Firm power:

1.97-3.08 (depending on contract length)

Pacific Power & Light 1.34-1.88
Nebraska
Omaha Public Power District IO%&etering:
. on-peak summer

1.00 off-peak all year

1.20 on-peak winter
Standard rate: 1.10

Nevada

Idaho Power 1.71 (February)-
4.16 (August)

Sierra Pacific 4.09

Nevada Power Co.

1.943 off-peak, October 1981

3,528 on-peak, November 1981
2.331 off-peak, November 1981
4.311 on-peak, December 1981

2,630 off-peak, December 1981

New Hampshire .

Statewide rate Firm power 8.2

Nonfirm power 7.7

New Jersey

Jersey Central Power and Light Co. Approximate only:
6.0-7.50n-peak
2.0-5.0 off-peak

Atlantic City Electric Co. Temporary rate: 2.5

New York

Statewide minimum rate includes: 6.00 minimum
Long island Lighting Co.,
Niagara Mohawk Power Co.,
New York State Electric &
Gas CO.,
Consolidated Edison,
Orange & Rockland Utilities, Inc.,
Central Hudson Gas & Electric
Corp. and others
North Carolina

3.802 on-peak, October 1961

77.24 (25-yesr contract
only)

3.75-7.37 per kW-month

116.00-263.00 (1981)

6.1cents/kWh
8.55 on-peak
October 1981
0.07 off-peak
October 1961
0.14 on-peak
November 1981
0.00 off-peak
November 1981
0.14 on-peak
December 1981
0.00 off-peak
December 1981

(Note: North Caroiina capacity payments are given as cents/kWh not $/kW-yr as shown above.)

Carolina Light & Power Co. 2.60-5.55 on-peak

2.074.04 off-peak

Duke Power Co. 2.38-5.20 on-peak

1.78-3.91 off-peak
Virginia Electric & Power CO.

2.82-5.77 all others
Nanthahala Power & Light Co. 2.05
North Dakota
(Note: proposed rates—not yet finished.)
Northern States Power Co. 2.15 on-peak
1.39 off-peak

4.23-9.30 on-peak summer
3.59-4.30 peak non-summer

1.49-2.39 summer
month

1.29-2.08 non-summer
months

1.11-1.88 on-peak
months

0.68=1.00 off-peak
months

1.61-2.50 summer
1.42-2.25 non-summer

2.50

2.06-3.07 (cents/kWh)

Temporary rate schedule in effect until further studies
are completed. These rates are intended to comply
with PURPA requirements and are restricted to facili-
ties less than 100 kW. Capacity credits are included
in firm power purchase rates. Non-firm power rates
take effect in the event that a firm producer does not
provide dependable generation. Occasional power is
limited to 500 kWh/month.

Nuclear 0%, coal 32%, oil 5%, gas 1%, hydro 61 O/,
other 1%.

Non-firm rates for QFs of 100 kW or less.

Nuclear 26°/0, coal 48°/0, oil 130A, gas 9%., hydro 30A,
other 3%.
Rates apply to facilities of 100 kW or less.

Nuclear O°/., coal 540/, oil 5%, gee 23%, hydro 18%.
Energy payments vary monthly. Capacity payments vary
by length of contract.

Energy payments and capacity payments vary monthly.

coal 30%, il 47 %, hydro 23%.

Granite State Electric Utility is not required to pay the
firm power rate due to excess capacity.

Nuclear 14%, coal 13%, oil 690/, gas 1%, hydro 3%.

Actual rates are determined by averaging marginal
energy rates for previous 3-month on-peak and off-
peak hours. The rate appiies to facilities between
10 and 1,000 kw.

This October 1980 rate was greater than average
energy costs. The utility has proposed that buyback
rates may be set at time of interconnection.
Nuclear 13%, coal 8%, oil 83%, hydro 15%°, gas and
other 1%.

Nuclear 110/0, coal 71%, oil 6%, hydro 12%.

Rates increase with contract length.

Rates increase with contract length.

Rates increase with contract length.

NP&L purchases power from TVA.
Coal 82%, oil 4%, hydro 14%.

Rates apply to facilities less than 100 kW. Capacity
payments increase with length of contract 5-25 years.
Facilities larger than 100 kW treated case-by-case.
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Table 19.—Rates for Power Purchased From QFs by State-Regulated Utilities—Continued

Utllity

Energy payments (cents/kWh)

Capacity payments
($/kW-yr)

Comments

Okiahoma

Statewide rate schedule includes:

Oklahoma Gas & Electrlc Co.
Public Service Co.
Oregon
Rhode Island
New England Power Co.

Blackstone Valley Electric Co.

Newport Electric Co.

South Carolina
Carolina Power & Light Co.

Duke Power Co.

Utah

Utah Power & Light Co.

C.P. National
Vermont
Statewide rate schedule

Wisconsin
Wisconsin Power & Light Co.

Madison Gas & Electric Co.

Wisconsin Electrlc Co.

Northern States Power Co.

Lake Superior District Power Co.

Wisconsin Public Service Corp.

Wyoming

(Note: All of the Wyoming purchase

Utah Power & Light Co.

Cheyenne Light, Fuel and
Power Co.

Tri-County Electric Association

Montana-Dakota Utilities Co.

0.66-3.05 depending on firmness of
capacity

Reverse metering currently used

5.5247 on-peak
4.5339 off-peak
4.9643 average
Primary:
6.412 on-peak
4.642 off-peak
5.511 average
Secondary:
6.726 on-peak
4.965 off-peak
5.723 average
4.473 on-peak
4.093 off-peak
4.317 average

2.60 on-peak
2.07 off-peak
1.96 on-peak
1.49 off-peak

2.2 (temporary rate)

2.2 (temporary rate)

7.8 standard rate
TOD rates:
9.0 on-peak
6.6 off-peak

1.60 on-peak

1.75 off-peak (includes capacity)

2.75 on-peak summer

1.50 off-peak summer

2.22 on-peak winter

1.50 off-peak winter

Firm power:

3.65 on-peak summer

1.45 off-peak summer

3.45 on-peak winter

1.45 off-peak winter

Non firm power:

2.90 on-peak

1.45 off-peak

For 20 kW or less:

1.81 on-peak

1.14 off-peak

For 21-500 kW after 1986:
on-peak

1.14 off-peak

1.90

1.65 on-peak
1.32 off-peak

rates are “experimental.”)
Non-firm power: 2.2

Firm power 2.6

053

1.07

0.405

46.68 summer

40.20 non-summer
60.00 (Based on
integrated capacity
during peak months
June-September,
December-March).

2.6cents/kWh

2.66cents/kWh

$4/kW/month

S4/kW-month

S$6.02/kW-month

To be determined
according to character-
istics of each facillty.

Available on demonstra-
tion of demand
reduction.

Available on demonstra-
tion of capacity dis-
placement or demand
reduction potential.

Nuclear O%, coal 20%, oil 3%, gee 65°/0, hydro 80A,
other 40/o.

Formulae have been established to treat purchase rates
for various types of small power producers. Both
energy and capacity components are considered.
Nuclear 12%, coal 00/, oil 70A, gas 1%, hydro 78°/0,
other 2%.

Nuclear O%, coal O%, oil 99%, gas O%, hydro 1 %.

Nuclear 29%, coal 300/, oil 210/0, hydro 19°/0, gas and
other 1%.
Rates are for facilities less than 5 MW.

Coal 86%, oil 2%, gas 2%, hydro 10%.

Purchase rates are for facilities less than 1,000 kW
(100 kW for hydro). Larger facilities are considered
case-by-case (up to 3.5cents/kWh).

Nuclear 57%, coal 3%, oil 16°/0, hydro 24%.

Avoided costs are higher than would be expected from
Vermont's capacity mix due to dispatch and account-
ing practices of NEPOOL.

Nuclear 17%, coal 59%, oil 170/., gas 20/., hydro 5°/0.
Purchase rates are for facilities less than 200 kW.
Larger facilities are treated case-by-case.

Purchase rates are for facilities less than 200 kW.
Larger facilities are treated case-by-case.

Prior to 1966 the rates for 20 kW and less apply to
21-500 kW. No capacity credits will be paid until after
1966. Facilities greater than 500 kW are treated
case-by-case.

Purchase rates are for facilities between 6 and 200 kW.
Smaller facilities receive no payments. Larger facili-
ties are considered case-by-case.

Coal 93%, hydro 6%, oil and gas 10/..

Purchase rates are for facilities less than 100 kW.

This is a non-generating utility which has based its
avoided costs on wholesale supply rates.

SOURCE: Reiner H. J. H. Lock and Jack C. Van

659 (November-December 1961).

0-8B3-7 QL3

98-946

Kuiken, “Cogeneratlon and Small Power Production: State Implementation of Section 210 of PURPA,” 3 Solar L Rep.



tablish rates and operating criteria. These pro-
cedures have resulted in a wide diversity in State
approaches to PURPA as well as in the rates es-
tablished thereunder. A comprehensive survey
of State implementation actions and cogenera-
tion potential is beyond the scope of this assess-
ment. Moreover, the status of these actions is
uncertain due to the Court of Appeals case dis-
cussed above. Therefore, this section will present
case studies based on the implementation of title
nin three areas: California, where cogeneration
has a potentially large market and the State gov-
ernment is actively promoting its use; lllinois,
where cogeneration’s technical potential could
be significant but the market will be limited by
the electric utilities’ large construction budget;
and New England, where existing excess capaci-
ty, extensive pooling agreements, and planned
conservation measures will influence cogenera-
tion’s market potential. It should be emphasized
that these case studies do not typify the range of
State and utility actions on PURPA. Rather, they
represent examples of three kinds of planning
situations that will affect PURPA’S implementa-
tion. The same case study areas are used in the
analysis of cogeneration’s potential impacts on
utility planning and regulation in chapter 6.

California.—The dominant factor in California
utilities’ capacity planning is not demand growth,
but the need to reduce their dependence on oil.
Planning and construction of new coal and nu-
clear baseload facilities was limited during the
1970's as demand growth declined, and cancella-
tions and postponements of coal and nuclear ca-
pacity left the State’s utilities heavily dependent
on oil and natural gas. The California Energy
Commission’s (CEC) 1981 final report on electrici-
ty projects an annual energy growth rate (meas-
ured in GWh) of less than 1.5 percent through
1992, but a capacity growth rate of approximately
2.5 percent per year (5). The capacity growth rate
is higher because it includes a projected 30-per-
cent reserve margin (in case the energy growth
rate is higher than 1.5 percent), the replacement
of retired powerplants and expired purchase
power contracts, and the reduction of utility oil
and gas consumption Statewide to one-half the
1979 level by 1992.

The CEC report identifies three priorities that
should be sufficient (according to the report) to
provide the needed energy and capacity for the
1980-92 period: 1) additional conservation and
power pooling; 2) geothermal and renewable re-
sources (biomass, wind, solar, small hydro, and
existing reservoirs); and 3) cogeneration and in-
terstate electricity transfers. CEC estimates that
cogeneration could provide up to 3,000 MW of
generating capacity by 1992. Their estimate is
bracketed by the California utilities’ long-range
resource plans, which project 1,900 MW of co-
generation capacity by 1992, and the Natural
Resources Defense Council estimate of 4,300
MW by 1995 (5).

State regulators in California had taken a num-
ber of regulatory actions favoring cogeneration
even before the FERC rules implementing PURPA
section 210 became final. The California Public
Utilities Commission (CPUC) investigated the role
of cogeneration in utility resource planning (see
fig. 13) and, in 1979, ordered Pacific Gas& Elec-
tric (PG&E), in particular, and all of the State’s
electric utilities in general, to adopt a specific
timetable for bringing cogeneration capacity into
the electrical system. Under the CPUC order,
PG&E was expected to bring 2000 MW of cogen-
eration into the resource base by 1985, principal-
ly through contracts tied to the avoided cost of
oil-fired utility capacity that is displaced (8). In
a companion decision (this time in a PG&E gen-
eral rate case), CPUC imposed a rate-of-return
penalty on the company’s electric division for fail-
ure to implement cogeneration projects aggres-
sively. The penalty, which represented over $7
million in annual revenues, or 0.2 percent in
return on equity, was to be restored if PG&E
brought 600 MW of cogeneration capacity under
contract by 1982 (7). Although PG&E was not able
to meet this goal, the CPUC staff recommended,
late in 1981, that the penalty be discontinued
because the utility’s performance in encourag-
ing cogeneration has been adequate (41).

PG&E planners argue that the CPUC goals of
2,000 MW by 1985 are unrealistic. In a major
planning study, PG&E estimated the cogenera-
tion market potential in their service area to be
between 204 and 903 MW of capacity additions
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Flgure 13.—Statewide Utility Resource Plan Additions 1981=82:
Renewable/lnnovative Technologies
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by 1990 (beyond the 472 MW already operating),
and their long range resource plan projects 190
MW additional cogeneration capacity by 1985,
and 600 MW by 1992. PG&E’s anaiysis suggests
that industry would have to commit approximate-
ly 12.5 percent of their total annual capital ex-
penditures to cogeneration in order to meet the
CEC goal of 2,000 MW under contract by 1985
(42).

The California regulatory climate is unique. In
no other State has the public utility commission
participated so actively in capacity and resource
planning. Encouraging cogeneration is an explicit
policy expressed in price signals to the utility and
from the utility to the potential cogenerator. De-
spite these attitudes that favor cogeneration de-
velopment, however, there remain significant
questions and uncertainties about the amount of
cogeneration capacity that can be counted on,
and thus about the other types of capacity addi-
tions that may be needed.

one major difficulty in assessing the extent of
future cogeneration development in California
lies in the special nature of the market, namely,
the potential for large enhanced oil recovery
cogeneration projects. The heavy oilfields in Kern
County, Calif., require steam injection or other
advanced techniques for economic production.
Converting existing steam boilers in these fields
to cogeneration would involve projects with 200
to 300 MW of generating capacity. CEC has stud-
ied at least six of these projects, and one con-
tract has been signed for 66 MW. Aggregate co-
generation potential in the California oilfields has
been estimated by various sources to be between
700 and 10,000 MW or more, depending on the
price of oil and the cogeneration technology
employed (5,6,31 ,59).

In January 1982, CPUC issued their final deci-
sion on rates and other standards for cogenera-
tion and small power production pursuant to the
FERC rules implementing sections 201 and 210
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of PURPA. In general, this decision, known as
OIR-2, requires utilities to file standard offers ap-
plicable to QFs larger than 100 kw and tariffs for
smaller facilities. Both the standard offers and the
tariffs are complete packages that include prices
for power purchases and sales, requirements for
interconnection, and other relevant factors. Once
a utility’s tariff and standard offer terms are ap-
proved by CPUC, purchases can be made under
them without further administrative review, and
the utility can recover its expenses for such pur-
chases through an energy cost adjustment clause
in the same manner as it recoups other purchase
power expenses (10).

Under OIR-2, utilities must file an array of
standard offers based on different terms and con-
ditions in order to provide QFs larger than 100
kw with a sufficiently wide choice of options to
meet their particular needs, and thus to minimize
the use of nonstandard contracts that would have
to be reviewed individually by CPUC. In general,
these include standard offers for energy and
capacity delivered by a QF both “as-available”
and under a firm contract, and for energy and
capacity prices based on both the utility’s short-
run and longrun marginal cost.

Standard offers for “as-available” energy and
capacity are based on the utility’s avoided cost
at the time of delivery, which is the cost the utility
would have to incur to produce an equivalent
amount of power at that time, or the utility’'s
shortrun marginal cost. The energy component
of this standard offer is defined as the highest
variable operating cost per unit of electricity pro-
duced at a given time, and equals the product
of: 1) the purchase price of oil used as the mar-
ginal fuel over the last 3 months, and 2) the
forecast incremental heat rates* of the plants ac-
tually used by the utility to follow load. The as-
available energy price also includes an aggregate
adjustment for transmission and distribution costs
and line losses or savings. In OIR-2, CPUC de-
cided that it was not reasonable to treat these
costs on an individual basis except for facilities
larger than 1 MW at remote sites.

*Heat rate is a measure of thermal efficiency expressed in Btu
input per net kilowatthour output (see ch. 4). The marginal, or in-
cremental, heat rate is calculated as the additional (or saved) Btu
to produce (or not produce) the next kilowatthour.

The as-available capacity payment equals a
marginal shortage cost that reflects the effects of
the added increment of production on reserve
margins and reliability, and is determined based
on the 1982 estimated cost of peaking capacity
(represented by a combustion turbine). This
capacity payment is in cents/kWh varying by time
of delivery, and is available only for energy
delivered through a meter to the utility. Thus,
simultaneous purchase and sale QFs will receive
the capacity value for all the electricity they
generate because their entire output is metered
at the generator before any goes to the QF's load
or the utility. Other QFs will only receive the
capacity value of the electricity actually delivered
to the utility (10).

Standard offers for energy and capacity
delivered under long-term contracts can be
based on either the utility’s shortrun or longrun
marginal cost. For shortrun marginal costs, energy
prices can be contracted for up to 5 years based
on a forecast of the utility’s variable operating cost
(described above). The QF must commit to de-
liver all the electricity it produces to the utility
over the contract period. These contractual ener-
gy payments can be combined with either as-
available capacity payments or with firm capacity
payments based on shortrun marginal costs (1 O).

Firm capacity is equivalent to an increase in
supply with corresponding standards, termination
provisions, and sanctions regarding dispatch-
ability, reliability, availability, and other factors
specified in the FERC rules. The value of each of
these factors is calculated based on the same per-
formance standards utilities impose on their own
generating plants. If a QF exceeds utility stand-
ards, its capacity value should be increased cor-
respondingly. The sum of each of these factors
determines the overall capacity value, which is
to be offered on both a $/kW/yr and a cents/kWh
basis (10).

Alternatively, QFs can choose a contract
period of up to 25 years with a firm pricing struc-
ture for energy and capacity based on the utili-
ty’s longrun marginal costs. This standard offer
option was included due to concerns that short-
run marginal costs would be too volatile to pro-
vide financial certainty and would not adequately
reflect a QF's value in the utility’s long-range



Ch. 3—Context for Cogeneration ¢ 93

resource plans. The longrun marginal costs are
estimated based on the fixed costs associated with
the utility’s resource plan and the corresponding
system projected marginal operating costs (10).

Standard tariffs for QFs smaller than 100 kW
provide for purchase power payments in
cents/kWh calculated in the same manner as the
as-available rates for larger facilities (described
above). These tariffs may be time-differentiated,
but if a small QF chooses not to buy a time-of-
use meter, the utility may offer capacity payments
that aggregate over 1 year to 50 percent of the
capacity provided by facilities with such meters

(I10).

Both standard offers and tariffs also provide for
sales of supplementary, backup, maintenance,
and interruptible power to QFs. The first three
normally are provided under the regular rate
schedules applicable to all customers of the same
class. However, the demand charges associated
with such rates are substantially lower for QFs
than for other customers, and may be waived if
the facility maintains an 85-percent on-peak
capacity factor. Interruptible rates apply to QFs
to the extent their generation is used to serve their
own load (10).

Finally, CPUC allows nonstandard offers (those
that vary from the terms described above) when
they are necessary to shift some of a project’s risk
from the QF to the ratepayers (e.g., in the case
of debt guarantees, levelized payments, or pay-
ment floors). in return for accepting such risks,
ratepayers are afforded some reduction on
avoided cost payments. In general, the reason-
ableness of nonstandard offers will be determined
during the annual review of energy cost adjust-
ment clauses or other normal rate proceedings.
However, during the first 2 years of OIR-2’S im-
plementation CPUC will provide advance review
of those nonstandard offers about which a utili-
ty has significant questions (10).

It is not clear how the California Public Utilities
Commission would revise OIR-2 in the event that
the FERC regulations implementing PURPA are
revised to require payments for QF power at less
than the utility’s full avoided cost. The utilities
have argued that full avoided cost payments
based on their highest variable operating cost,

as determined by the price of oil used on the
margin, does not reflect the utilities’ actual fuel
mix, and thus does not allow ratepayers to share
the benefits of QF generation at a cost potential-
ly below the utility’s marginal cost, nor does it
compensate utilities or their shareholders for the
potentially higher risks of reliance on QF energy
and capacity. In issuing OIR-2, CPUC considered
arguments by the patties that full avoided cost
payments disadvantage ratepayers (the same ar-
gument accepted by the U.S. Court of Appeals
against the FERC rules, as discussed previously).
However, CPUC found that only full avoided cost
payments would parallel the prices that would
be established in a competitive market, and thus
give consumers an efficient price signal and “en-
courage the fullest possible efficient development
of QF resources that can effectively and econom-
ically compete with utility resources” (1 O).

On the other hand, CPUC did explicitly rec-
ognize that payments at less than the full avoided
cost are appropriate when some of the risk of in-
vesting in QFs is transferred to the ratepayers.
CPUC also requested comments from interested
parties on whether utilities should receive a
percentage of the avoided cost (e.g., one-half of
1 percent) as a brokerage fee for serving as in-
termediaries between QFs and electricity con-
sumers. However, in such a scheme, the full
avoided cost would still be passed on to rate-
payers through the energy cost adjustment clause

(10).

Itis instructive to contrast the California
cogeneration planning situation with roughly
analogous efforts in New York by the Consoli-
dated Edison Co. (ConEd). The potential cogen-
eration market in ConEd’s service territory may
be large, but the principal ConEd customers likely
to cogenerate are large commercial buildings.
Their primary economic motive would be to
avoid high electricity bills, and they are less like-
ly to sell excess power to the utility than Califor-
nia projects. Given the large number and homo-
geneity of ConEd’s potential cogenerators, it is
possible to analyze the market systematically.

Con Ed constructed a model of the cogenera-
tion investment decision that calculates the costs
and benefits of investing in cogeneration and
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measures the internal rate of return from such in-
vestments. Where this return, on an aftertax basis,
would be 15 percent or better over a 10-year
horizon, Con Ed assumed the investment would
be made. In order to estimate market size, this
model was applied to the load data describing
ConEd’s 4500 largest customers. Depending on
input assumptions, Con Ed found a high range of
up to 750 potential cogenerators with a combined
peakload of 1,483 MW, and an expected out-
come or base case of 395 cogenerators with a
combined peakload of 1,086 MW. ConEd has
used this model to characterize the sensitivity of
market size to the policies that would reduce their
“loss exposure” to cogeneration (48).

ConEd’s loss exposure stems from a fixed-
cost/declining demand problem. Because de-
mand is not expected to grow, cogenerators leav-
ing the system will shift a burden of fixed costs
onto the other remaining customers. This would
not be a problem if there were enough new kWh
sales or customers to replace the cogenerators
leaving the system, but ConEd does not anticipate
such growth. Situations such as the fixed-cost/
declining demand problem, in which cogenera-
tion has a potential to operate to the financial
detriment of utilities, are discussed in more detail
in chapter 6.

If State regulators are asked to protect utility
sales from loss exposure, the utilities must
demonstrate that the problem is real and substan-
tial in magnitude. ConEd’s cogeneration model
purports to make such a demonstration. How-
ever, the New York Public Service Commission
(NYPSC) argued that the model results were ex-
tremely sensitive to input assumptions, and asked
Con Ed to run the model using slightly higher costs
for cogenerators but holding utility rates constant.
The result was an extremely small market poten-
tial, with only 27 customers (130 MW of peak-
load) leaving the system (48). At this level of loss,
there is no substantial economic threat to Con Ed.
The NYPSC staff argued further that the actual
market may be either smaller or larger than this
estimate, and until market penetration is more
certain, no policy changes are needed to protect
ConEd’s sales from loss exposure.

This loss exposure problem has not arisen in
California. Thus, while CPUC is creating a climate

favorable to large-scale cogeneration develop-
ment, it also is encouraging or ordering utilities
to aggressively pursue conservation plans, in-
cluding developing investment/finance plans for
residential weatherization and solar water heating
retrofit (9).

Illinois.—Electric utilities in Illinois currently are
engaged in a massive construction program that
began before the 1973 escalation in oil prices.
The largest companies, Commonwealth Edison
(CWE) and lllinois Power (1P) are most heavily in-
volved in new construction. CWE has six nuclear
units at various stages of completion, while 1P,
a company roughly one-fifth the size of CWE, has
one.

The financial burden of this construction has
become increasingly onerous as utility kwh sales
growth has lagged behind expectations. In the
case of CWE, the strain has appeared in the rapid
decline of their bond rating. In June 1980, Stand-
ard and Poor’s lowered the rating on CWE deben-
tures and pollution control bonds to BBB, the
lowest rating acceptable to institutional investors.
The rapid downgrading threatens to limit the
market for CWE debt securities, because investors
may not want to risk the possibility of further
rating cuts (35).

Moreover, in order to finance their $1 billion
per year construction program, CWE needs more
cash income. In 1979, CWE reported $297 mil-
lion in net income to stockholders, but $222
million of this was for AFUDC. Thus, 75 percent
of net income did not represent cash (compared
to an industrywide 1979 average of 38 percent)
(13). To improve CWE'’S cash flow (as well as that
of 1P), the lllinois Commerce Commission (ICC)
has allowed some portion of construction work
in progress (CWIP) to be included in the rate
base. At the end of 1980, CWE had a balance of
$4.14 billion in their CWIP account, while IP had
$920 million (24).

Planning under these conditions leaves relative-
ly few options for the utility and the State
regulators. ICC has initiated investigations into
electric load forecasting and reserve margin/
reliability issues, but the only feasible option is
delaying part of the CWE construction program.
With this option, the tradeoff is between extra
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fuel savings and avoided escalation of costs from
completing construction, versus delayed fixed
charges by postponing it. The relative value of
these factors depends on the projected growth
rate in KWh sales. Lower sales growth means
smaller fuel savings and a decreased value of
completing construction. In its study of delaying
two of CWE’S nuclear units, the ICC staff found
that even with zero growth in kWh sales, it was
better to complete construction without delay
(65).

In contrast to the California regulatory system,
ICC has not developed an independent forecast-
ing capability. Instead it has channeled its ad-
ministrative resources into financial analysis and
production cost modeling to allow independent
regulatory assessment of the costs and benefits
of construction delays (albeit with many engineer-
ing assumptions determined by utility data). The
production cost modeling will provide a basis for
establishing purchased power rates as required
by PURPA section 210. By contrast, the Califor-
nia agencies have devoted relatively few re-
sources to financial and production cost model-
ing, but instead have concentrated on demand
forecasting (35).

Given the lack of flexibility in any of the con-
struction commitments of CWE and 1P, ICC has
chosen to avoid conflict over future demand
growth expectations. The sensitivity of ICC to the
financial strains of the utilities makes it unlikely
that any effort will be directed toward demand
reduction policies (35). The more relevant ques-
tion in this jurisdiction is the extent to which ICC
can shelter the utilities from the damaging finan-
cial impacts of competition either from conser-
vation measures or from cogeneration and small
power production.

ICC established purchase power rates for QFs
based on a time-of-day rate structure that reflects
avoided costs both on-peak and off-peak as well
as seasonal adjustments. These rates vary depend-
ing on the utility’s fuel mix. Thus CWE—which
is roughly 40 percent coal, 30 percent oil, and
30 percent nuclear—offers energy payments on-
peak that are only slightly lower than those of-
fered by PG&E (see table 19). However, the other
major lllinois utilities, which have 85 to 98 per-

cent coal-fired capacity, have much lower
avoided costs. None of the lllinois utilities is of-
fering capacity payments to QFs, due to the cur-
rent excess capacity situation in that State (39).

The future avoided cost path for CWE depends
critically on the growth rate of kwh sales. High
growth will require continued reliance on oil and
gas for a significant fraction of annual energy re-
guirements, but at an average annual rate of 2
percent or less the primary avoidable fuel will be
coal. Average avoided fuel cost estimates for CWE
during 1981-88 are shown in figure 14 for growth
rates of zero and 2 percent. Figure 14 illustrates
a situation of declining avoided costs; other CWE
calculations indicate a more conventional out-
come, with increasing avoided costs over time
(35). While the declining cost outcome is by no
means certain to occur, it represents a risk to the

Figure 14.—CWE Average Avoided Cost Paths:
Baseline Construction~
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P/arm/rig and Regulation (contractor report to OTA, February 1981).
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potential investor in cogeneration if economic
feasibility depends on sales of excess power to
the utility.

New England .—Electric power planning in
New England is dominated by the influence of
the New England Power Pool (NEPOOL), a re-
gional pool that fully integrates both operations
and planning, and by the fragmented nature of
the regional utility industry. Most New England
utilities are small by national standards, and even
the larger New England systems are associations
of small companies. Under these conditions it
would be impossible for any individual company
to achieve the economies of scale offered by large
baseload units without undue risk and extra cost.
By cooperating in joint venture projects, how-
ever, the New England utilities are able to over-
come the regional fragmentation and to capture
economies of scale. From a regional perspective
this has been a significant political achievement
(35).

The New England utilities also can purchase
capacity from NEPOOL for minimal cost due to
the substantial excess capacity on the system (the
NEPOOL reserve margin in 1979 was 38.6 per-
cent or 5890 MW above the 15,278 MW winter
peakload) (17). A NEPOOL member can meet his
capacity responsibility by paying a “deficiency
charge” of $22/kW annually to the pool. If the
deficiency is above 2 percent, then an additional
$14/kW is required for this capacity (57). Even
allowing for some escalation in these charges, this
is a much lower opportunity cost of capacity than
that estimated for potentially capacity short
regions such as California. PG&E, for example,
is currently offering over $60/kW/yr for short-term
capacity contracts in the early 1980’s (54).

The principal problem facing NEPOOL and the
New England utilities is reducing oil dependence
in face of the deteriorating financial condition of,
and increasing opposition to, the region’s
planned nuclear power projects. With the sub-
stantial generation reserves in NEPOOL, approval
of new projects is more difficult politically. The
extreme regulatory risk is that completed projects
will not be entered into the rate base on the
grounds that they are unnecessary. Such a rul-
ing has recently been made in Missouri (43).

Given the relatively large number of jurisdictions
in New England, the requirements for political
consensus on large-scale projects is severe. Bar-
ring such consensus, the economy of scale capac-
ity expansion strategy will fail (35).

Within this planning context, the New England
States have adopted a variety of means of im-
plementing PURPA, including two statewide ap-
proaches (New Hampshire and Vermont), and
one based on the cost differences between a
generating utility and its nongenerating sub-
sidiaries (Massachusetts). Although most State
regulatory commissions have adopted standard
purchase power rates based on each individual
utility’s capacity mix and operating characteris-
tics, nothing in PURPA precludes statewide or
even regional rates if they are appropriate and
they further PURPA’S goals of encouraging co-
generation and small power production and pro-
moting the efficient use of utility facilities and
resources. Statewide or regional rates may be
perceived as advantageous when, as in New
England, the operations of utilities are closely in-
tegrated so that they effectively form a single
power system. In this case, a rate that reflects the
avoided costs of the system rather than of in-
dividual utilities may provide a better signal of
the value of QF power throughout the State or
region (38,75).

The New Hampshire PUC established a state-
wide rate for utility purchases of QF power that
uses, as a substitute for individual utility’s avoided
costs, the operating and maintenance costs of
“the most recently constructed and most efficient
oil generating station” (Newington) of the State’s
largest utility (Public Service of New Hampshire)
(38). Newington’s running costs were deemed to
be a “reasonable proxy” for statewide full
avoided costs because the other utilities in New
Hampshire also rely primarily on oil for electricity
generation from units with operating costs at least
as high as Newington’s.

The New Hampshire purchase rate can be
raised to reflect the avoided costs of less efficient
units when the load exceeds Newington’s capaci-
ty or when Newington is not operating. However,
the rate cannot be lower. That is, the PUC es-
tablished a lifetime guaranteed minimum (or
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“floor”) rate for all QFs that begin operation prior
to the completion of Seabrook | (a large nuclear
unit). The guaranteed minimum encourages oil-
displacing QFs to come on-line as soon as possi-
ble rather than waiting to see how avoided costs
will be affected by the completion of Seabrook,
and provides assurance that QFs will have a
steady income stream despite the volatility in oil
prices. If avoided costs do drop after Seabrook
lis completed, QFs that come on-line before then
will be subsidized through the guaranteed min-
imum, but such subsidies are authorized under
the New Hampshire Limited Electrical Energy
Producers Act, the State’s “mini -PURPA.” Thus,
the primary question surrounding the guaranteed
minimum rate is whether future PUCS will be
bound by the decision of the present PUC or will
discontinue the guarantee (38).

The Vermont Public Service Board based their
statewide purchase rate on the estimated avoided
costs of NEPOOL, as determined by the average
of the actual operating costs of three of the
region’s most efficient oil-fired baseload plants.
The result was similar to that achieved in New
Hampshire (see table 19). The Vermont rates will
ensure that QFs are not paid more than the cost
of oil-fired units in operation at any time, and will
enable the State’s utilities to readily market QF
power either through NEPOOL or elsewhere. The
rates are subject to annual revision, but cannot
be decreased by more than 10 percent in any
year without a strong factual showing that a
greater reduction is justified (38). This procedure
does not provide as much protection against
changes in avoided costs as the New Hampshire
guaranteed minimum, but it does limit the rate
of decrease if NEPOOL’S avoided costs drop sud-
denly (e.g., if a new, more efficient baseload plant
comes on-line) and it conforms to the traditional
ratemaking practice of not subjecting consumers
to sudden, drastic changes in rates. As in New
Hampshire, the Vermont rate guarantee could
result in some subsidization of QFs, but probably
will average out over time and thus be within the
limits on such subsidies anticipated in the FERC
regulations.

A third approach was necessary in Massachu-
setts to accommodate “all-requirements” con-
tracts among the corporate members of the New

England Electric System, a public utility holding
company whose subsidiaries include a wholesale
generation and transmission company (New
England Power) and two retail distribution com-
panies that have "all-requirements” contracts
with New England Power (a third distribution sub
sidiary purchases at least 75 percent of its elec-
tricity needs from New England Power). Under
the FERC rules implementing PURPA, avoided
cost calculations are supposed to be based on
the supplying utility’s costs if the power is actually
wheeled, and otherwise on the nongenerating
utility’s cost of purchased power. The Massachu-
setts Department of Public Utilities (DPU) peti-
tioned FERC for avoided cost rates based on the
supplying utility’s costs, when the two utilities are
corporate affiliates, regardless of whether the
power actually is wheeled. DPU argued that such
rates would reflect “the true avoided costs of pro-
ducing that power by the appropriate utility sys-
tem,” rather than an intracorporate transfer price
that might be kept artificially low (38). Although
FERC has not issued a decision on the DPU peti-
tion, this approach does not seem to be pre-
cluded by the FERC rules so long as it encourages
QF generation. However, if this approach re-
guired DPU to look at the reasonableness of the
wholesale rates between two corporate affiliates,
it could infringe on Federal jurisdiction over such
rates under the Federal Power Act (38).

The basis for setting purchase power rates in
New England is likely to be tied to oil costs for
at least the next 10 years. There is, however, more
than one way to reflect oil dependence in PURPA
rates. The New Hampshire decision, for exam-
ple, is based on projected rather than actual oil
costs. Presumably such a procedure is intended
to correct the accounting lags that occur when
actual costs are used and prices are rising rapid-
ly. The California rates discussed above achieve
a similar result by indexing rates to the average
oil cost in the previous quarter (8,1 O). The Califor-
nia approach will match rates more closely with
avoided costs and eliminate the uncertainty of
projecting oil prices, but also will result in lower
payments.

Given the current excess capacity in New
England, any capacity payments made to cogen-
erators will be limited by NEPOOL deficiency
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charges. For example, the New Hampshire and
Connecticut capacity payments of 5 mills/kWh
(the difference between the payments for firm
and nonfirm power) correspond roughly to the
NEPOOL deficiency charge of $22/kW, where
this capacity would be required 4,400 hr/yr

($22/kW / 4,400 hrs = 0.5 cents/kWh) (34).

The introduction of QF power into NEPOOL
interchanges raises the question of whether
NEPOOL billing procedures might reimburse the
Vermont utilities on a basis other than full
avoided cost. NEPOOL has a complex “split-the-
savings” formula that allocates 50 percent of the
saving to cover NEPOOL overhead and appor-
tions the remaining 50 percent among utilities
based on their volume of business with NEPOOL
over a certain period. Due to the relatively low
volume of business Vermont utilities do with
NEPOOL and the large difference between the
utilities’ incremental cost and NEPOOL'S decre-
mental cost, in most cases Vermont utilities will
not receive the full NEPOOL avoided cost for QF
power they supply to the pool. If the utilities must
pay QFs the full NEPOOL avoided cost, but re-
cover less than that from the pool, the utilities
must either absorb the difference as a loss or pass
it on to their ratepayers. The most obvious solu-
tion is for NEPOOL to recognize QFs as “sources
of power” to utilities under the pool agreement.
This is the approach adopted by New England
Power in several recent contractual arrangements
which identify dispatchability as the main oper-
ative distinction: a purchased power resource that
can be dispatched by the utility or NEPOOL is
a generation resource. Anything else is a negative
load (38).

Alternatively, NEPOOL could change its bill-
ing practices to accommodate full avoided cost
rates by treating QF power as its marginal power
rather than mixing it in with other power fur-
nished by a utility. In this case, NEPOOL would,
in effect, directly purchase QF power at its full
avoided cost and the utility would merely serve
as a conduit. Thus, this approach is similar to the
FERC provisions for wheeling power through a
local utility to a more distant utility.

FUTURE AVOIDED COST PATHS

Given the wide regional variation in the eco-
nomic and regulatory environment of electric
utilities, uniform implementation of PURPA sec-
tion 210 pricing incentives is unlikely. The pat-
tern of avoided costs over time will depend on
existing regional fuel mix and reserve margin, as
well as on regulatory policy toward rates and
capacity expansion. Figure 15 illustrates several
generic paths for average utility avoided costs.
A given company will start off on the left-hand
side of this figure with its fuel base dominated
by oil, coal, or nuclear steam generation. As cur-
rent construction is completed and fuel costs con-
tinue to increase, the fuel base and its value will
change. The basis of PURPA payments, avoided
costs, also depends on future demand growth.
To the extent that supply and demand are out
of equilibrium, there will be cost implications for
cogenerators and small power producers. One
possibility of this kind is the potential for perma-

Figure 15.-Generic Paths for Average Avoided
Costs (mills/kWh)
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SOURCE: Edward Kahn and Michael Merritt, Dispersed Electricity Generation:
Pianning and Regulation (contractor report to OTA, February 1981).
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nent excess capacity; e.g., if State regulators
authorize construction of central station plants
to displace oil. Resulting reserve margins maybe
so great as to preclude PURPA payments for ca-
pacity. To examine the potential variety of out-
comes, it is-helpful to trace out various pathways
through figure 15.

Starting at the upper left with the shortrun
marginal cost (SRMC) of oil, several develop-
ments are possible. At some point, this shortrun
marginal cost curve will intersect the longrun
marginal cost (LRMC) curve. If the utility must
continue to displace large amounts of oil at this
point, the avoided cost will continue to increase
at the oil price escalation rate. Two other alter-
natives are possible. The utility fuel mix may be
in equilibrium when SRMC (oil) = LRMC. In this
case avoided cost becomes longrun marginal
cost, which is likely to rise much more slowly
than oil prices. The third alternative is permanent
excess capacity. This could occur in any number
of ways; all that is required is for construction
commitments to exceed long-term demand. In
this scenario avoided costs level out over time
and converge ultimately to the shortrun marginal
cost of coal or nuclear plants (35).

Starting out from a fuel base of excess coal or
nuclear capacity, a utility’s average avoided costs
also will eventually reach equilibrium with long-
run marginal cost. This may not occur very
smoothly, as figure 15 indicates. At some time
excess capacity will be exhausted and new facil-
ities will be necessary. At this point the avoided
cost will take a major step upward. Addition of
new facilities in such circumstances would pose
the practical problem of allocating the longrun
marginal cost to capacity and energy for the pur-
pose of designing rate schedules for purchased
power (35).

Regulation of Fuel Use

Cogenerators’ fuel choice may be influenced
by the FUA prohibitions on oil and gas use and
by the allocation and pricing rules of NGPA, as
well as by environmental requirements and tax
incentives (see following sections).

The Fuel Use Act.-A cogenerator may be sub-
ject to the FUA prohibitions if it has a fuel heat

input rate of 100 million Btu per hour (MMBtu/hr)
or greater (or if the combination of units at any
one site exceeds 250 MMBtu/hr), and if it comes
within the statutory definition of either a power-
plant or a major fuel-burning installation. Under
FUA, a powerplant includes “any stationary elec-
tric generating unit, consisting of a boiler, a gas
turbine, or a combined-cycle unit that produces
electric power for purposes of sale or exchange,”
but does not include cogeneration facilities if less
than half of the annual electric output is sold or
exchanged for resale. A major fuel-burning in-
stallation is defined as “a stationary unit consisting
of a boiler, gas turbine unit, combined-cycle unit
or internal combustion engine.” However, the
prohibition against the use of oil and gas in new
major fuel-burning installations applies only to
boilers.

Cogenerators can seek any of four different ex-
emptions from FUA. The one most likely to be
used is the cogeneration exemption. If this does
not apply, the permanent exemption for the use
of a fuel mixture or the temporary exemptions
for the future use of synthetic fuels or for public
interest considerations may be available.

FUA allows a permanent exemption for cogen-
erators if the “economic and other benefits of
cogeneration are unobtainable unless petroleum
or natural gas, or both, are used in such facilities.”
The Department of Energy (DOE) interprets the
phrase “economic and other benefits” to mean
that the oil or gas to be consumed by the cogen-
erator will be less than that which would other-
wise be consumed by conventional separate elec-
tric and thermal energy systems. Alternatively, if
the cogenerator can show that the exemption
would be in the public interest (e.g., a technically
innovative facility, or one that would help to
maintain employment in an urban area), DOE will
not require a demonstration of oil/gas savings
(72). The regulations to implement the cogenera-
tion exemption are in the process of being revised
in order to simplify the procedures for calculating
oil and gas savings. Therefore, it is uncertain how
difficult it will be to meet the exemption re-
guirements, and thus how FUA will affect the
market penetration of cogeneration (67).

Although the permanent exemption for cogen-
eration is likely to be the preferred route for
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potential cogenerators subject to the FUA pro-
hibitions, several other exemptions may be ap-
plicable in certain circumstances. First, a perma-
nent exemption is available to petitioners who
propose to use a mixture of natural gas or
petroleum and an alternate fuel. Under this mix-
tures exemption, the amount of oil or gas to be
used cannot exceed the minimum percentage of
the total annual Btu heat input of the primary
energy source needed to maintain operational
reliability of the unit consistent with maintaining
a reasonable level of fuel efficiency. Second, a
temporary exemption is available to petitioners
who plan to use a synthetic fuel (derived from
coal or another fuel) by the end of the exemp-
tion period. Third, a temporary public interest
exemption may be obtained when the petitioner
is unable to comply with FUA immediately (but
will be able to comply by the end of the exemp-
tion). One of the cases where this public interest
exemption may be granted is for the use of oil
or gas in an existing facility during the ongoing
construction of an alternate fuel-fired unit (77).

NGPA grants an exemption from its incremen-
tal pricing provisions to qualifying cogeneration
facilities under section 201 of PURPA. However,
a similar exemption also is available to small in-
dustrial boilers and to utilities. Thus, the poten-
tially lower gas prices should not affect the rel-
ative competitiveness of gas-fired cogeneration
significantly. Moreover, plants burning intrastate
gas may not realize any savings because the fuel
price is often at the same level as the incremen-
tal price. In addition, deregulation could largely
remove incremental pricing. These uncertainties
mean that NGPA probably will not be a major
factor in cogeneration investment decisions (58).

Environmental Regulation

Federal, State, and local requirements for en-
vironmental and safety regulation will affect
cogeneration, although not to the same degree
as they do central station powerplants. The prin-
cipal effects will result from permitting re-
guirements and from the multiple jurisdictional
responsibility for such permitting, which could
increase the cost and leadtimes for deployment
of cogenerators and impose additional burdens
on State agencies.

THE CLEAN AIR ACT

As discussed in chapter 6, cogeneration can
have significant impacts on air quality, especial-
ly in urban areas. Depending on a cogenerator’s
size and location, it may be subject to one or
more of the Clean Air Act provisions, including
new source performance standards (NSPS) and
programs for meeting and maintaining the Na-
tional Ambient Air Quality Standards (NAAQS)
in nonattainment and prevention of significant
deterioration (PSD) areas.

At present, NSPS exist for two types of sources
that might be used for cogeneration, and have
been proposed for a third. NSPS have been im-
plemented for electric utility steam units of
greater than 250-MMBtu/hr heat input. However,
cogeneration facilities in this category are exempt
from NSPS if they sell annually less than either
25 MW or one-third of their potential capacity.
The other promulgated NSPS is for gas turbines
of greater than 10 MMBtu/hr heat input at peak-
loads, but units in the 10-to 100-MMBtu/hr range
are exempt until October 1982 and, in addition,
have higher allowable nitrogen oxide (NO,)
emission limits than units above 100 MM Btu/hr.
NSPS have been proposed for NO,emissions
from both gasoline and diesel stationary engines.
As proposed, they would apply to all diesel
engines with greater than 560 cubic inch dis-
placement per cylinder. Finally, the Environmen-
tal Protection Agency is considering an NSPS for
small fossil fuel boilers. The agency is reported-
ly considering lower limits in the range of 50 to
100 MMBtu/hr heat input. However, regulations
have not yet been proposed. Thus, only the NSPS
for gas turbines and the proposed standards for
stationary internal combustion engines seem like-
ly to affect cogeneration systems, and then only
if they are larger than the prescribed limits.

PSD regulations would apply to fossil fuel
boilers of greater than 250-MMBtu/hr heat input
that emit more than 100 tons per year (tpy) of
any pollutant, and also to any stationary source
that emits more than 250 tpy of any pollutant
(assuming that controls are in place). A PSD per-
mit is only issued following a review of project
plans, and an assessment of project impacts on
air quality based on modeling data and up to 1
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year of monitoring. These modeling and monitor-
ing requirements can be expensive. For instance,
one estimate suggests that the requisite model-
ing and other PSD requirements add from
$35,000 to $80,000 to the installation costs of a

3-MW diesel cogenerator in New York City (1 2).

The application of the nonattainment area re-
quirements to cogenerators also depends on sys-
tem size; here the trigger is the capability of emit-
ting 100 tpy of a pollutant. Sources with higher
emissions must meet the lowest achievable emis-
sion rate (LAER), secure emissions offsets, and
demonstrate companywide compliance with the
Clean Air Act. Smaller sources must use reason-
ably available control technology and are sub-
ject to the general requirement for “reasonable
further progress” toward the NAAQS in nonat-
tainment regions.

OTHER FEDERAL REQUIREMENTS

In addition to the potentially extensive permit-
ting requirements for cogenerators under the
Clean Air Act, facilities with any cooling water
discharges may also need National Pollutant Dis-
charge Elimination System (NPDES) permits
under the Clean Water Act. The NPDES permit
generally specifies the applicable technological
controls or effluent limitations required to achieve
the water quality standards for the receiving
waters. These permits are only likely to be re-
qguired for large industrial cogenerators.

Because the only major Federal permit or au-
thorization requirements for cogenerators are
those under the Clean Air and Water Acts, they
are not likely to be subject to the NEPA process
or to the other environmental requirements ap-
plicable to central station powerplants. However,
operating cogeneration facilities can come under
the purview of OSHA, especially with regard to
noise standards and the general OSHA record-
keeping requirements. Any restrictions imposed
should not be sufficiently burdensome to dis-
courage the deployment of cogenerators.

STATE REGULATION*
State governments are required to implement
the Federal permit processes under the Clean Air

*Except where noted otherwise, the discussion in this section is
drawn from Energy and Resource Consultants, Inc. (22).

and Water Acts. States may or may not have other
environmental or safety regulations beyond those
mandated by Federal law, and State implemen-
tation of the Federal requirements may vary wide-
ly, depending on their orientation toward regula-
tion as well as on the regional environmental
quality. A survey of all State requirements for en-
vironmental and safety regulation of cogenerators
is beyond the scope of this report. However,
some general trends are noted below with a spe-
cific comparison of a State with more rigorous
requirements (California) and one that has few
requirements beyond those mandated by Federal
law (Colorado).

Colorado.—The permitting process in Colorado
closely tracks the requirements of Federal laws
(described in the previous section). One Colorado
environmental law deserving some explicit atten-
tion is the Colorado Air Quality Control Act
(CAQCA), which deviates from the Federal re-
quirements in three ways. First, CAQCA requires
essentially all new or modified sources to file an
Air Pollution Emission Notice (APEN). Second, all
new or modified sources must apply for an emis-
sion permit which is required for both nonattain-
ment and PSD areas, and which applies to vir-
tually all fossil fuel facilities except small stationary
internal combustion engines and gas burners with
less than 750,000-Btu/hr heat input. Third,
CAQCA'’S significance levels for nonattainment
areas are considerably lower than those specified
under the Federal program (e.g., 10 tpy of par-
ticulate or sulfur dioxide (S0,) rather than the
40 tpy under Federal regulations). Otherwise, the
permitting procedures under the Colorado Act
are essentially the same as those under the Fed-
eral requirements.

The length and complexity of the permitting
process for cogeneration in Colorado will depend
on the choice of site. Important site-specific fac-
tors may include whether Federal or State lands
are involved, impacts on surface waters, and am-
bient air quality levels. Permitting agencies should
be contacted simultaneously in order to reduce
the time required for licensing and decrease the
amount of paperwork.

For this assessment, the Colorado permitting
process was applied to two hypothetical cogen-
eration facilities: a large cogeneration unit con-
sisting of a new coal-fired boiler of 200-MMBtu/hr
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heat input, with steam turbine topping capabili-
ty, located in an urban area and not selling any
excess electricity to the grid; and a small cogen-
eration unit, represented by a commercial firm’s
retrofitting a 15-MMBtu/hr diesel engine to supply
a maximum of 2-MW electrical output with ex-
cess power available to the grid during times of
peak demand.

Large Cogeneration Project-Air Permits: Much
of the front range area in Colorado is nonattain-
ment for particulate; however, with only min-
imal control, the 200-MMBtu/hr boiler will not
emit over 100 tpy of particulate and thus would
not be subject to the strict nonattainment area
requirements. Because the entire State is in at-
tainment for SO,the plant would require a PSD
permit only if it emits more than 250 tpy. Assum-
ing a 70 percent load factor and the use of coal
with a 1 percent sulfur content, the uncontrolled
S0,emissions could approach 1,000 tpy, which
would not meet the SO,emission rate of less than
1.2 Ib/MMBtu for an emission permit under the
new fuel burning equipment regulations. Thus,
the sponsors for this hypothetical project must
choose between achieving a 75-percent reduc-
tion in SO,emissions or going through the PSD
permit process. Note that under the bubble con-
cept for PSD, the source may have some emis-
sion credits from the existing boiler.

Large Cogeneration Project— Water Permits: If
the boiler's cooling system were to result in
discharge to surface waters, a waste discharge
permit would be required, as part of the State im-
plementation of the NPDES program. Although
existing sources can negotiate a compliance
schedule for achieving discharge limits, new
sources must meet those limits from the start.

Small Cogeneration Facility: The small
cogenerator will have to file an APEN and apply
for an emission permit. A 15-MMBtu/hr diesel unit
does not qualify as a major source under either
the PSD or new source review programs for par-
ticulate or S0,, and at present no NO,standard
has been promulgated for diesels. However, it
will be subject to the (as yet undefined) minor
source requirements for particulate because it
is located in a nonattainment area.

There is little experience with which to judge
the impacts of the Colorado permitting process
on cogeneration facilities. There are only three
cogeneration units in the State, and none is in-
terconnected with the utility grid. Colorado has
no special laws, procedures, or exemptions that
might suggest a State “policy” toward dispersed
generating technologies. Rather the existing reg-
ulations derive principally from Federal man-
dates, which (except for PURPA and the cogen-
eration exemption under FUA) make no special
recognition of dispersed facilities. Thus, the
regulatory obstacles to dispersed facilities in Col-
orado are not severe. Most of the required per-
mits and approvals can be secured in less than
6 months and at modest expense, and, further-
more, have cost and time requirements commen-
surate with the project size. The only regulatory
obstacles would likely be the nonattainment area
and PSD requirements for large cogeneration
units, and the time the developers will have to
spend determining what permits will be necessary
for their facilities. At present, there is no central
clearinghouse dispensing information on the per-
mitting process.

California.— Regulation of cogeneration in
California is complex, but highly organized. The
increased complexity arises in two ways: first, due
to the large number of agencies and commissions
with regulatory responsibility in California; and
second, due to the regionalism of major regula-
tory programs, notably air, water, and coastal
zones. For example, the California Air Resources
Board (CARB) administers the Clean Air Act in
California. Yet 46 local and regional air pollution
control districts (APCDS) are responsible for con-
trolling pollution from stationary sources through
permitting, enforcement, and the adoption of
control standards (often more stringent than those
required by CARB). Similarly, although the State
Water Resources Control Board administers the
Clean Water Act in California, most decisions
regarding permits and enforcement are made by
nine regional boards and their staffs.

The high degree of organization of the permit-
ting process in California stems from the role

played by the Office of Permit Assistance (located
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in the Governor’'s Office of Planning and Re-
search), which helps project sponsors identify and
meet regulatory requirements. The office screens
permit applications and acts as an intermediary
between projects and agencies. Another unit with
the Office of Planning and Research, the State
Clearing House, attempts to coordinate the prep-
aration of, and comments upon, environmental
statements—either environmental impact reports
under the California Environmental Quality Act
(CEQA), or joint statements under CEQA and
NEPA.

The permitting process in California centers
around the requirement for an environmental im-
pact report (EIR) under CEQA. If the lead agen-
cy decides that an EIR is required, one is prepared
by that agency in consultation with all other per-
mitting agencies, who must propose definite
measures to mitigate any significant impacts iden-
tified in the EIR. The entire process is subject to
a schedule, defined by statute, such that all deci-
sions on a project must be complete within 18
months of the date the initial application was ac-
cepted by the lead agency.

The permitting process in California was ana-
lyzed for the same hypothetical large and small
cogeneration facilities as discussed for Colorado,
above.

Large Cogeneration Project—Air Permits: Every
source of air pollution in California requires a
two-stage permit. The first stage is an authority
to construct based on a review of project plans,
and the second stage, following construction, is
a permit to operate based on a performance test.
The authority to construct and permit to operate
require compliance with the emission limitations
set by the local APCD. New source review rules
also will apply if the source triggers any nonat-
tainment area requirements. Although the basic
nonattainment area rules (such as LAER, emission
offsets, and companywide compliance) apply
across all APCDS, each APCD determines the trig-
ger levels, in terms of pounds of emissions per
day, for nonattainment areas. Although concep-
tually straightforward, the regulations generated
by 46 APCDS for several classes of sources and
half a dozen individual pollutants are volumi-
nous.

Most APCD trigger levels for new source review
in nonattainment areas are more stringent than
the Federal requirements. Much of California is
in attainment for So,, but the industrial areas are
generally nonattainment for TSP and NO,. As-
suming that the 200-MMBtu/hr coal boiler has
NO,emissions of 0.7 Ib/MMBtu, it would emit
140 Ib/hr of NO,, thus triggering the LAER re-
guirement. In addition, an EIR under CEQA may
be required. In any event, a final decision by the
APCD whether to issue an authority to construct
must be made within 1 year.

Large Cogeneration Project—Water Permits:
California’s waste discharge requirement program
predates the Clean Water Act but encompasses
the same sources as the NPDES and section 401
programs. For a point source discharge to sur-
face waters, the State waste discharge require-
ment serves as an NPDES permit. Similarly, re-
quests for a section 401 Water Quality Certificate
will result in either a waste discharge requirement
if the proposed project would affect water quality,
or a letter to the effect that no certificate is re-
guired because no impacts are anticipated. All
permitting is done by the regional boards in ac-
cordance with general standards and criteria
developed in their water pollution control plans
and, in the case of sources subject to NPDES,
using the various Federal technological standards.
The waste discharge requirement applies to all
point source discharges and additionally to any
discharges onto land or to a private pond, and
would thus be required for most large cogenera-
tion projects.

Srnall Cogeneration Facility: in addition to an
authority to construct, the small cogenerator may
need to meet nonattainment area requirements
for NO,. A 15-MMBtu/hr heat input cogenerator
with emissions of 3.5 Ib/MMBtu would result in
over so Ib/hr of NO,emitted. These would be
offset (under the bubble concept) by the emis-
sion level of the diesel engine before the retrofit
(if any); so the net increase mayor may not ex-
ceed the applicable trigger level.

The differences between environmental regula-
tion in California and Colorado primarily result
from the environmental review process man-
dated by CEQA, and California’s aggressive but
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helpful approach to regulating energy develop-
ment. The guidelines under CEQA and NEPA for
conducting environmental review are quite sim-
ilar; in fact, many projects will prepare statements
acceptable under both guidelines even if CEQA
alone is thought to apply. However, the impact
of CEQA in California, as compared to NEPA in
Colorado, is greater because the environmental
review process can be triggered by State, coun-
ty, and municipal actions, whereas NEPA is trig-
gered only by Federal action. Thus, many more
projects may need to prepare environmental re-
views in California than in Colorado. This puts
more projects into the public arena, but should
not result in delays so long as the statutory sched-
ules for permitting are followed.

On the other hand, there are several initiatives
in California that encourage cogeneration and
may help shorten part of the permitting process.
First, new State legislation makes it easier for 50
MW or smaller cogenerators to obtain air quali-
ty permits. Under this legislation, cogenerators
will receive an emissions credit equal to the emis-
sions that would have come from a powerplant
generating the same amount of electricity. In ad-
dition, the statute requires CARB and the APCDS
to develop a procedure to determine the avail-
ability and magnitude of the offsets which result
when cogeneration facilities displace power-
plants. Thus, in effect, the statute shifts the burden
of acquiring nonattainment area offsets from the
potential cogenerator to the APCD (1 1).

As a further aid to cogeneration, two special
administrative offices have been established to
assist prospective cogenerators with regulatory
requirements: the Cogeneration Desk of the Of-
fice of Permit Assistance, and the Project Evalua-
tion Branch of the Stationary Source Control Divi-
sion in CARB. Both of these offices are designed
to provide assistance in obtaining permits and
meeting air quality requirements. Moreover, the
Governor’s Task Force on Cogeneration (which
includes directors from CARB, the Office of Plan-
ning and Research, the California Energy Com-
mission, and the public Utilities Commission) is
actively seeking ways to encourage cogeneration
in the State. Each of these agencies has special
personnel available to assist potential cogener-
ators with all aspects of their project, including

legal and technological problems. The ex-
periences of recent California cogeneration proj-
ects suggest that environmental and other regu-
latory requirements are not a major obstacle,
especially for smaller facilities. However, poten-
tial cogenerators may perceive the permitting
process to be onerous, and the principal task for
State agencies is likely to be convincing poten-
tial cogenerators that the regulatory requirements
are not insurmountable.

Financing and Ownership

The basic aspects of financing electric utility
capacity additions (reviewed in the previous sec-
tion) are applicable to cogenerators. A number
of other elements special to cogeneration are
discussed below, including the tax and financ-
ing aspects of cogeneration and considerations
related to the different ownership categories:
private investors, IOUS, tax-exempt entities, and
rural electric cooperatives. *

General Considerations

General considerations related to financing and
ownership of cogeneration technologies include
the ownership and purchase and sale terms of
PURPA (discussed above), the utility financing
provisions of the National Energy Conservation
Policy Act (NECPA) of 1978 (as amended by the
Energy Security Act of 1980), tax incentives of the
National Energy Act, the Windfall Profits Tax Act,
and the Economic Recovery Tax Act, aspects of
project financing and lease relationships, and
capital recovery factors.

The most important sections of the Energy
Security Act for the purposes of this assessment
are contained in title IV—Renewable Energy ini-
tiatives, and title V—Solar Energy and Energy Con-
servation. Title IV establishes incentives for the
use of renewable energy resources including
wind, solar, ocean, organic wastes, and hydro-
power; only those provisions related to the use
of organic wastes as fuel are applicable to cogen-
erators. Funding of $10 million in fiscal year 1981
was established to promote renewable energy re-

*Except where noted otherwise, the analysis in this section is from

L. W. Bergman & Co. (37).
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sources under a 3-year pilot energy efficiency
program.

Title V set up a Solar Energy and Energy Con-
servation Bank in the Department of Housing and
Urban Development to make payments to finan-
cial institutions in order to reduce either the prin-
cipal or interest obligations of owners’ or tenants’
loans for energy conserving improvements to res-
idential, multifamily, agricultural, and commer-
cial buildings. For commercial buildings, the eligi-
ble improvements specifically include cogenera-
tion equipment. Direct grants to owners and
tenants of residential or multifamily buildings also
were authorized but were limited to lower in-
come people. No investment tax credits (only
energy credits) were allowed for any projects in-
stalled under loans from the Solar Bank, and ex-
penditures were to have been made after January
1, 1980. The bank was intended to continue op-
erations through September 30, 1987, but the
fiscal year 1981 budget eliminated all funding for
the Bank and its future is, at best, highly
uncertain.

The Energy Security Act also amended NECPA
to permit utilities to supply, install, and finance
conservation improvements or alternate energy
systems (including cogenerators) as long as inde-
pendent contractors and local financial institu-
tions are used and no unfair competitive prac-
tices are undertaken by the utility. Utilities are
eligible to qualify as lenders and receive subsidies
to pass on to customers. Local governments and
certain nonprofit organizations are eligible bor-
rowers.

In addition to the regular investment tax credit
of 10 percent on most capital investments, several
energy incentives have been passed in recent
years. Under section 48(1) of the Internal Rev-
enue Code a number of “energy properties” are
defined and set aside for special treatment under
the investment tax credit (see section on “Taxa-
tion,” above). Property is not eligible for these
special incentives to the extent that it uses sub-
sidized energy financing (including industrial
development bonds), or is used by a tax-exempt
organization or governmental unit other than a
cooperative. public utility property (that for which
the rate of return is fixed by regulation) is ex-
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cluded from these energy incentives even if it
utilizes solar, wind, biomass, or other alternative
sources of energy such as synthetic liquid or
gaseous fuels derived from coal.

The methods of project finance are particularly
appropriate to the financing of distributed elec-
tricity generation. project financing looks to the
cash flow associated with the project as a source
of funds with which to repay the loan, and to the
assets of the project as collateral. For successful
project financing, a project should be structured
with as little recourse as possible to the sponsor,
yet with sufficient credit support (through guar-
antees or undertakings of the sponsor or third par-
ty) to satisfy lenders. In addition, a market for the
energy output (electrical or thermal) must be as-
sured (preferably through contractual agree-
ments), the property financed must be valuable
as collateral, the project must be insured, and all
Government approvals must be available (47).
With the adoption of PURPA, a source of reve-
nues (rates for power purchases) has become
available for small-scale energy project finance.

However, the uncertainty surrounding future
rates for power purchases (due to the 1982 Court
of Appeals decision discussed previously and the
pending Supreme Court review of that decision)
has chilled the interest of potential financial
backers of cogeneration and small power proj-
ects. The revenue stream from utility purchases
of cogenerated power is used to secure the proj-
ect financing. Because the future level of that
revenue stream is in doubt, bankers and other
investors are reluctant to commit funds until the
issue is resolved.

Leasing is a form of project finance because
fixed payments are used to amortize capital
equipment. Two types of lessors may be involved
in project financing: sponsors of a project who
lease to the project company, and third-patty
leasing companies that are in the finance busi-
ness. The third-party lessors may have more at-
tractive rates because they utilize the tax benefits
of owning the equipment.

The Economic Recovery Tax Act of 1981
substantially changed the tax treatment of leas-
ing to make it very attractive for projects like



106 . Industrial and Commmercial Cogeneration

cogeneration. If a cogenerator is unable to take
advantage of tax credits (e.g., already has a low
tax liability), the tax advantages can be transferred
to another party under the safe harbor leasing
provisions of ERTA. In essence, these provisions
allow the property to be sold for tax purposes
only to a corporation in a higher tax bracket. The
corporation would give the cogenerator a cash
payment (e.g., 25 percent of the property’s value)
and a note for the remainder of the purchase
price, and then lease the equipment back to the
cogenerator. Payments due under the note would
be matched exactly by the lease payments. Thus,
no money actually changes hands after the in-
itial cash payment, and with the exception of the
tax difference between lease payments (which are
expensed in full) and income from the note
(which reflects only its interest component), the
transaction is extremely advantageous to both
parties (33).

The capital recovery factor, as used in this sec-
tion, is the cost per kilowatthour which the owner
of a cogenerator must receive to recover its
capital in a given period of time. Table 20 com-
pares capital recovery factors for four classes of
ownership that reflect different income tax struc-
tures: a nonutility investor with a 50-percent
marginal tax rate; a utility with a 50-percent
marginal tax rate; a utility with a 10-percent
marginal tax rate that is unable to take advantage
of investment tax credits because it already has
an excess of such credits; and a nontax-paying
entity. In all cases the capital recovery factors are
greatest for utilities in the high tax brackets and
lowest for nontaxable entities.

One way for an investor to get around high
capital recovery factors is to use long-term bond
financing. With high leverage, the equity investor

is able to recover his investment in a shorter
period of time because the bond holder is will-
ing to wait to recover his capital. However, high
leverage increases the risk to the equity investor
and therefore also increases the required return
on equity. Thus, depending on the terms of debt
and equity markets, debt financing can make
these investments more attractive. It is also im-
portant to note that utilities are more comfortable
with longer capital payback periods than nonutili-
ty equity investors, and that nonprofit entities
have a different set of criteria for evaluating
investments.

Industrial, Commercial, and Private
investor Ownership

Industrial, commercial, vendor, and private
ownership share (for the most part) a common
tax status and will be discussed together. As noted
previously, energy tax credits, coupled with
regular investment tax incentives and the PURPA
benefits, encourage private firms to enter small
power production. The ability to obtain up to
25-percent investment tax credits offers an enor-
mous boost to cash flow early in the project’s life.
These tax credits can be further magnified, in rela-
tion to invested equity, by debt leverage by a fac-
tor of 4. PURPA provides a guaranteed market
for the power output and it encourages the de-
velopment of contractual relationships between
cogenerators and utilities. In project finance, such
contracts are preferable to operating under a tariff
structure because contractual relationships are
less subject to arbitrary cancellation or alteration
of the terms of delivery.

While the incremental investment tax credit for
cogeneration is limited (particularly if the cogen-
erator uses oil or gas), industrial companies have

Table 20.—Capltal Recovery Factors for Cogeneration®
(cents per year per kllowatthour, In 1980 cents)

Nonutility ~ High tax rate  Low tax rate  Nontax paying
investor utility utility utility
Syear......... ... ... 3fcents 4 Jcents 3 0cents 28cents
10year......... ... ... 1.6 1.9 15
15year................... 11 12 0.99 0.93
20year................... 0.77 0.91 0.74 0.70

1980 capital cOSt $700/kw; usage 5,000 hrslyr; depreciation lifetime 20 years.

SOURCE: L. W. Bergman &Co., Financing and Ownership of Dispersed E/ectriclty Generating Technologiésontractor report
to the Office of Technology Assessment, February 19S1).
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some experience with cogeneration and now
have the added advantage of PURPA’S purchase
and sale requirements. Continued Federal and
State Government support of simultaneous pur-
chase and sale at full avoided costs is viewed by
some as the single most important factor in over-
coming industry indecision to cogenerate (27).

Existing and potential industrial cogeneration
participants include industrial parks, integrated
pulp and papermills, other process industries
(e.g., chemicals, petroleum refining, steel, food
processing, textiles), and heavy oil recovery proj-
ects (see analysis of industrial cogeneration in ch.
6).

Financing options for industrial cogeneration
may be quite varied depending on the size and
financial strength of the industrial firm. These op-
tions include:

* retained earnings;

* debt issues (including bonds, bank loans, and
private placements with insurance compa-
nies, pension funds, and similar institutions);

* equity issues;

* joint ventures with other industrial firms (see
case 1) or with utilities;

+ joint partnership with equity investors such
as insurance companies (who may be both
lenders and equity investors) and tax shelter
syndicates (see case 2);

* leasing arrangements with third parties and
vendors, including leveraged leases and safe
harbor leases (under ERTA); and

* joint ventures and operating relationships
with tax-exempt entities such as municipali-
ties and public power companies. Tax-
exempt parties can raise lower cost debt
while transferring tax ownership and tax
benefits to the private parties.

The incentive to commercial firms to invest in
cogeneration will rest heavily on a comparison
between the cost of cogenerated electricity (es-
pecially the fuel cost) and the price the commer-
cial cogenerator pays for its electricity and heat
(comparative basis). Because of their smaller size,
commercial firms often do not have financial
resources equivalent to those of industrial firms
and will be less interested in large scale projects
unless they can be cooperatively owned (50).




708 . Industrial and Commercial Cogeneration

Sources of financing for commercial cogenera-
tion would be similar to those for industrial
cogeneration with the following qualifications:

. banks will be a more important source of
funds than for industrial firms;

. there will be a greater dependence on out-
side developers and financial packages;

. joint venture funding will be very useful for
regional malls, large buildings, and commer-
cial parks; and

. vendors and third-party lessors will be quite
important, particularly for diesel cogenera-
tion (see case 3).

Private investors may be interested in cogen-
eration because of the unusual tax incentives
available and the possibility of an above invest-
ment return in unusually promising situations.
Joint venture relationships will be most advan-
tageous to private investors, including tax shelter
syndicates that provide the equity portion of a
leveraged lease and shift tax ownership among
the partners. Vendors might provide financing
and traditional lease arrangements, particularly
in the case of diesel cogenerators, or third par-

ties could take advantage of ERTA’s-safe harbor
leasing provisions.

Where the owner (industrial, commercial, pri-
vate investor) is a single entity and no outside
joint ventures are involved, project financing via
equity, secured or unsecured bank loans, debt,
or lease arrangements is straightforvvard. Certain
assurances or guarantees will be needed, how-
ever, in structuring the financing. These might
include:

® contractual arrangements with a utility for
electricity purchases under a take-or-pay con-
tract;

® contractual arrangements with the thermal
energy purchaser; or

® trustee relationships between the lender and
revenue source with excess revenues over
fixed charges remitted to the project owner.

Finally, some IOUS may also have financial as-
sistance programs for industrial, commercial, and
other private investors in cogeneration. For ex-
ample, Southern California Gas Co. offers, fund-
ing assistance of up to $100,000 or 20 percent
of the capital cost (excluding installation labor)
for their cogenerating customers. Southern Cali-
fornia Gas will co-fund upto$10,000 for the fea-
sibility study (or 10 percent of the study’s cost,
whichever is less). If the feasibility study is
positive, then the company will co-fund up to
$40,000 (or 50 percent) of the cost of the design
phase of the project, leaving $50,000 for installa-
tion and startup (62).

Investor-Owned Utility Ownership

Because almost all electric IOUS are in the busi-
ness of generating electricity, they are logical
potential owners of dispersed generation facilities.
The small size, shorter leadtimes, and lower cap-
ital requirements of cogeneration systems may
provide short-term advantages to utilities in plan-
ning for uncertain demand growth. However, the
PURPA limitations on utility ownership discour-
age utility investment in cogeneration. Moreover,
most large utilities do not see dispersed generat-
ing facilities—including cogeneration—as having
the ability to replace future central generating sta-
tions, and the low-earned utility rates of return
in recent years may not be high enough to en-
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courage utility investment in technologies with
uncertain electricity output.

Full (100 percent) utility ownership may be
very advantageous if a utility faces revenue losses
due to industrial or commercial cogeneration (see
ch. 6). For instance, Arkansas Power & Light
(AP&L) estimates that if their 35 industrial custom-
ers who are prime cogeneration candidates had
cogenerated in 1981, AP&L’s estimated revenue
loss for that year would have been almost $40
million. However, if AP&L developed and owned
the cogeneration systems for those 35 industrial
customers, not only would they retain that indus-
trial market for electricity, but they would have
an additional revenue stream from steam sales—
potentially $500 million in the mid-1980's (44).
Moreover, if potential industrial or commercial
cogenerators are unable to burn coal (e.g., due
to space or environmental limitations), or are un-
willing to assume the risk of advanced technol-
ogies (e.g., gasification), utility ownership with
electricity and steam distribution can centralize
the burden of using alternate fuels. However, the
full incremental ITC is not available for utility-
owned cogenerators nor are PURPA benefits
available if an IOU owns more than 50 percent
of the cogeneration facility. (The potential advan-
tages and disadvantages of full utility ownership
are discussed in detail in ch. 7.)

Alternatively, a utility may decide to participate
in a joint venture for a cogeneration facility (see
cases 4 and 5) in order to structure the owner-
ship in such a way that the investment tax credit
and other tax benefits are diverted to the nonutili-
ty participants. in addition, financing can be
structured so that any debt related to the facility
(with the exception of relatively small amounts
for working capital) will not appear on the utili-
ty’s balance sheet. This structuring would be ap-
propriate for utility-financed industrial cogenera-
tion or biomass projects.

Tax= Exempt Entities

The key advantage enjoyed by municipalities
in issuing debt is the tax-free status of the interest
paid on their obligations, which results in a lower
interest rate than that paid on taxable securities.
The current spread in yields between new AAA

long-term 10U bonds and AAA municipal general
obligation bonds is around 375 basis points (100
basis points equals 1 percentage point); between
the same utility bonds and revenue bonds the
spread is around 330 basis points.

Section 103 of the Internal Revenue Code sets
out the provisions for a security to receive tax-
exempt interest treatment. Section 103(a) ex-
empts the interest on an obligation of a State or
political subdivision (which would include gen-
eral obligation bonds). Section 103(b), however,
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denies tax-free status for industrial development
bonds (IDBs) except for specific exemptions. In
order for IDBs to qualify for tax-exemption, more
than 25 percent of the proceeds of an obligation
must be used by a nonexempt person for business
purposes; a major portion of the principal or in-
terest must be secured by business property; and,
in the case of a take-or-pay contract with an elec-
tric facility, the contract must be with a nonex-
empt person and in exchange for payments total-
ing more than 25 percent of the total output debt
service. Moreover, the facilities financed by tax-
exempt IDBs must be for general public use and
for specified activities including:

® solid waste disposal facilities for the local fur-
nishing of electric energy;

® air or water pollution control facilities; and

® acquisition or development of land for in-
dustrial parks, including development for
water, sewer, power, or transportation pur-
poses.

Under the Windfall Profits Tax, solid waste-to-
energy facilities are eligible for tax-exempt financ-
ing with IDBs if over half of the fuel is derived
from solid waste, and the facility is owned by a
governmental authority, although year-to-year
management contracts with business corpora-
tions are allowed.

Perhaps the most important exemption for tax-
free financing is the small issue exemption, under
which up to $1 million in IDBs (or $10 million
provided total capital expenditures do not exceed
$10 million) can be issued for any trade or busi-
ness for the acquisition of land or property sub-
ject to depreciation. However, if all of the pro-
ceeds of a bond issue are used to finance a proj-
ect for which an Urban Development Action
Grant (UDAG) has been made, then the capital
expenditure can be $20 million, of which $10
million must come from sources other than tax-
exempt obligations. Renewable energy proper-
ty is eligible for a special exemption if the bonds
used to finance it are general obligations.

Cogeneration is not eligible for special energy
tax incentives if over 25-percent fueled from oil
or gas. As the technology becomes available,
coal-fired cogeneration plants will qualify for
special tax incentives and be economically attrac-

tive. In the meantime, the best financing strategy
for municipalities to foster cogeneration develop-
ment using available technologies may be to max-
imize the use of tax-exempt financing (see case 6).

Industrial parks also are an excellent applica-
tion in which municipalities can foster the devel-
opment of cogeneration. Tax-exempt IDBs can
be issued without limit under a specific exemp-
tion for the acquisition of land for industrial parks
and its upgrading including water, sewage, drain-
age, communication, and power facilities prior
to use. Cogeneration facilities (including steam
distribution lines) presumably would fall into this
specific exemption. The requirements encourage
joint ventures between the exempt entity and
businesses, but the funds must be used by the
nonexempt entity in a trade or business and
payments secured by an interest in property used
in a trade or business. Moreover, some State laws
prohibit municipalities from entering into cor-
porate relationships with the private sector, but
independent public bonding authorities usually
can be established to get around such prohibi-
tions.

Any number of lessor-lessee relationships also
are possible between a municipality and a cor-
poration. An important aim of the financing struc-
ture would be to allow the corporation to pick
up the lo-percent investment tax credit (see case
7).
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Finally, an innovative financing option for
municipal utilities and other local government
agencies that has attracted a lot of attention in
California is the municipal solar utility (MSU). As
originally conceived, an MSU would reduce the
capital and maintenance costs of solar hot water
systems (or other alternative energy or conser-
vation measures) by: 1) only charging customers
for their installation; 2) spreading that charge over

the lifetime of the system in the monthly electric
bills; and 3) providing continued maintenance
(28). More recently, the MSU concept has been
expanded to include programs such as brokerage
of different financial and service packages,
dedicated deposits of city funds in local banks
for low interest alternative energy loans, or
technical assistance and other community out-
reach programs (60).

Rural Electric Cooperative Ownership

Rural electric cooperatives are finding it more
difficult to purchase additional electricity from
their traditional sources (IOUS and Federal power
authorities) and consequently are being forced
to build or participate in new generating capaci-
ty. Within this context, dispersed facilities (in-
cluding cogeneration) may be advantageous due
to the shorter construction times, greater plan-
ning flexibility, and lower capital costs. In addi-
tion, alternate energy projects are more readily
financed at favorable terms. Such financing in-
cludes 35-year loans for feasibility studies under
the REA insured loan program, and is designed
to help overcome the lack of engineering exper-
tise and other resource constraints faced by small
distribution co-ops that wish to add generating
capacity. As with other electric utilities, co-ops
will prefer projects that provide most of their ad-
ditional capacity during peak demand periods
and whose electricity output is not intermittent
(e.g., biomass, hydroelectric, and industrial
cogeneration projects).

For a project with 100-percent co-op owner-
ship, all the benefits accrue to the cooperative’s
members (e.g., no taxes are paid and no profits
are distributed to investors). Capital is raised
through an REA guaranteed loan, which means
that the cost of capital will be lower than for a
private investor because the U.S. Government
has guaranteed the loan. Other financing options
for cooperatives include joint ventures with local
governments or with industrial concerns (see case
8).
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Chapter 4

Characterization of the Technologies for Cogeneration

INTRODUCTION

Cogeneration systems recapture otherwise
wasted thermal energy, usually from a heat en-
gine producing electricity (such as a steam tur-
bine, gas turbine, or diesel engine), and use it for
space conditioning, industrial processes, or as an
energy source for another system component
(31). This “cascading” of energy use is what dis-
tinguishes cogeneration systems from conven-
tional separate electric and thermal energy sys-
tems (e.g., a powerplant and an industrial boiler),
or from simple heat recovery strategies. The auto-
mobile engine is a familiar cogeneration system
that provides mechanical shaft power to move
the car, produces electricity with the alternator
to run the electrical system, and recirculates the
engine’s otherwise wasted heat to provide com-
fort conditioning in the winter.

This chapter characterizes the technical fea-
tures of cogeneration systems, including an over-
view of the general fuel use and energy produc-
tion considerations common to all cogenerators,
a description of the operating characteristics and
costs of both commercially available and promis-
ing future cogeneration technologies, and a dis-
cussion of ancillary systems such as those for
interconnecting cogenerators with the utility grid,
for improving cogenerators’ fuel flexibility, and
for storing the electric or thermal energy. A more
detailed characterization of cogeneration tech-
nologies may be found in volume nof this report.

The principal technical advantage of cogenera-
tion systems is their ability to improve the effi-
ciency of fuel use in the production of electric
and thermal energy. Less fuel is required to pro-
duce a given amount of electric and thermal en-
ergy in a single cogeneration unit than is needed
to generate the same quantities of both types of
energy in separate, conventional technologies
(e.g., turbine-generator sets and steam boilers).
This is because waste heat from the turbine-gen-
erator set, which uses a substantial quantity of
the fuel used to fire the turbine, becomes useful
thermal energy in a cogeneration system (e.g.,
process steam) rather than being “wasted. ” To

be sure, this usually requires some reduction in
the amount of electricity produced compared to
a stand-alone turbine generator, but this “sacri-
fice” usually is acceptable to gain the 10- to
30-percent increase in overall fuel efficiency
offered by cogeneration (31 ). To see more clearly
how this gain is achieved, box A provides a de-
tailed look at the thermodynamics of cogenera-
tion.

The relative efficiency of cogenerators and con-
ventional powerplants is shown in figure 16. In
a conventional steam plant (which generally uses
a Rankine cycle), energy must be added to the
feedwater in the boiler in sufficient amounts to
raise it up to point A in figure 16 (steam for power
generation). However, due to inherent inefficien-
cies in the Rankine cycle turbine, the condens-
ing turbines that drive the generators can only
utilize the amount of energy between points A
and C in the figure (steam at the boiling point)
to generate electricity. Thus, the large amount
of energy from the boiler feedwater level to point
C is lost as the steam is condensed by cooling
water, carrying off the heat, and rejecting it to
the environment.

In the cogeneration plant in figure 16, the en-
ergy from A to B (steam) is used to generate elec-
tricity, the energy from B to D (water at boiling
point) is used as process steam, and only the en-
ergy from D down to the feedwater level is re-
jected to the environment. Thus, the cogenerator
allows use of some of the energy that the conven-
tional powerplant otherwise would waste. Level
B is determined by the temperature required for
the process steam.

Different types of cogenerators have differing
fuel use characteristics and produce different pro-
portions of electricity and steam. The electricity-
to-steam (E/S) ratio refers to the relative propor-
tions of electric and thermal energy produced by
a cogenerator. The E/S ratio is measured in kilo-
watthours per million Btu (kWh/MMBtu) of steam
(or useful thermal energy), and varies among the
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Figure 16.—Comparlson of Energy Utilization In a Cogeneratlon System
and a Conventlonal Powerplant
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different types of cogeneration technologies (see
table 23).

The total heat rate refers to the total amount
of fuel (measured in Btu) required to produce 1
kwh of electricity, with no credit given for the
use of “waste heat.” The net heat rate (also
measured in Btu/kWh) credits the thermal out-
put and denotes the fuel required to produce
electricity, beyond what would be needed to pro-
duce a given quantity of thermal energy in a sep-
arate facility (e.g., a boiler). In a central power-
plant, where no heat is recovered, an average
total heat rate is 10,500 Btu/kWh (60). Cogenera-
tors have a net heat rate of about 4,300 to 7,500
Btu/kWh depending on the characteristics of the
thermal energy produced. Thus, depending on
the cogenerator type and how completely the
thermal output is utilized, electricity can be pro-
duced by a cogenerator with about one-half to

three-fourths the fuel used in central power gen-
eration (45,60). Fuel use efficiency for a cogener-
ator gives credit to the thermal output; hence it
is the ratio of electric output plus heat recovered
in Btu to fuel input in Btu.

Table 21 presents a numerical example of heat
rates and fuel efficiency-based on modern steam
turbines—that compares: 1) an ideal engine ex-
hausting to a low temperature, 2) a real engine
exhausting to a low temperature (typical of a util-
ity powerplant), 3) a real engine exhausting at a
higher temperature with the heat wasted (some-
thing that is best to avoid), and 4) a real engine
exhausting at a higher temperature with the heat
utilized (as with a cogenerator). it is noted that,
in the example in table 21, the fuel use efficiency
varies from 35 percent for the utility powerplant
to 75 percent for the cogenerator.

Table 23.—Summary of Cogeneration Technologies

Part-load
Full-load (at 50°/0 load)
Average annual electric electrlc Total Net heat  Electriclty-to-
Fuels used availability efficiency efficiency heat rate rate steam ratio
Technology Unit size (present/possible In future) (percent) (percent) (percent) (Btu/kWh) (Btu/kWh) (kWh/MMBtu)
A. Steam turbine 500 kW-100 MW Natural gas, distillate, 90-95 14-28 12-25 12,200-24,000 4,500-6,000 30-75
topping residual, coal, wood,
solid waste/coal- or bio-
mass-derived gases and
liquida.
B. Open-cycle gas 100 kw-100 MW  Natural gas, distillate, 90-95 24-35 19-29 9,750-14,200 5,5004,500 140-225
turbine topping treated resldual/coal- or
biomass-derived gases
and liquids.
G. Glosed-cycle gas 500 kW-100 MW Externally fired—can use 90-95 30-35 30-35 9,750-11,400  5,400- 6,500 150-230
turbine topping most fuels.
D. Comblned gas 4 MW-100 MW Natural gas, distlllate, 77-65 34-40 25-30 8,000-10,000  5,000- 6,000 175-320
turbine/steam resldual/coal- or blomass-
turbine topping dertved gases and liquids.
E. Diesel topping 75 KW-30 MW Natural gas, distillate, 60-90 33-40 32-39 6,300-10,300  6,000-7,500 350-700
treated residual/coal- or
biomass-derived gases
and liquids, slurry or
powdered coals.
F. Rankine cycle
bottoming:
Steam 500 kW-10 MW  Waste heat. 90 10-20 Comparable  17,000-34,100 NA NA
to full load
Organic 2 kW-2 MW Waste heat. 80-90 10-20 Comparable  17,000-34,100 NA NA
to full load
G. Fuel cell topping 40 kW-25 MW Hydrogen, distlllate/coal. 90-92 37-45 3745 7,500-9,300  4,300-5,500 240-300
H. Stirling engine 3-100 kW Externally fired—can use Not known- 35-41 34-40 8,300-9,750 5,500-6,500 340-500
topping (expect most fuels. expected to be
1.5 MW by similar to gas tur-

1990)

bines and diesels,
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Table 23.—Summary of Cogeneration Technologies—Continued

Operation and maintenance cost construction

Total installed Annual fixed cost Variable cost leadtime Expected lifetime
Technology cost ($/kW)" ($/kW) (millions/kWh) (years)’ (years) Commercial status Cogeneration applicability
A. Steam turbine 550-1,600 1.6-11.5 3.0-8.8 1-3 25-35 Mature technology —com- This Is the most commonly
topping mercially available In large used cogeneration tech-
quantities. nology. Generally used in
industry and utility appli-
cations. Best suited for
where electric/thermal
ratio is low,

B. Open-cycle gas 320-700 0.29-0.34 2.5-3.0 0.75-2 20 natural gas Mature technology —com- Potential for use in residen-

turbine topping 15 distillate mercially available in large tial, commercial, and
quantities. industrial sectors if fuel
is available and cost
effective.

C. Closed-cycle gas 450-900 5 percent of Included in 2-5 20 Not commercial in the Best suited to larger scale
turbine topping acquisition fixed cost United States; is well de- utility and industrial ap-

cost per year veloped in several Euro- plications. Potential for
pean countries. coal use is excellent,

D. Combined gas 430-600 5.0-5.5 3.0-5.1 2-3 15-25 Commercially available; Most attractive where
turbine/steam advanced systems by power requirements are
turbine topping 1965. high and process heat re-

quirements are lower,
Used in large industrial
applications such as
Steel, chemical, and
petroleum refining
industries.

E, Diesel topping 350-600 6.0-8.0 5.0-10.0 0.75-2.5 15-25 Mature technology —com- Reliable and available, can
mercially available in large be used in hospitals,
quantities. apartment complexes,

shopping centers, hotels,
Industrial centers if fuel is
available and cost effec-
tive, and if can meet envi-
ronmental requirements.

F. Rankine cycle
bottoming:

Steam 550-1,100 1,6 3.7-6.9 13 20 Commercially available Industrial and utility use
almost exclusively. Al-
though efficiency is low,
since it runs on waste
heat no additional fuel
is consumed. Can reduce
overall fuel use.

Organic 600-1,500 2.8 4.9-75 12 20 Some units are commercially Same benefits/limitations
available but technology as steam Rankine bottom-
is still in its infancy. ing except that it can use

lower-grade waste heat.
Organic Rankine bottom-
ing is one of the few
engines that can use
waste heat in the 2000
600"F range.

G. Fuel cell topping 520-840° 0.26-33 1.0-3.0 1-2 10-15 Still in development and Modular nature, low emis-
experimental stage. phos- sions, excellent part-load
phoric acid expected by characteristics allow for
1965, molten carbonate by utility load following as
1990. well as applications in

commercial and industrial
sectors.

H. Stirling engine 420-960° 5.0 8.0 25 20 Reasonably mature technol-  High efficiency and fuel

topping

ogy up to 100-kW capacity
but not readily available.
Larger sizes being
developed.

flexibility contribute to a
large range of applica-
tions Could be used in
residential, commercial,
and industrial applica-
tions. Industrial use
depends on development
of large Stirling engines.

“NA” means not applicable.

2,960 dollars.

bDepends on system size and heat source. . .
cCost estimates assume successful development and commercial-scale production, and are not guaranteed.

SOURCE: Office of Technology Assessment from material in ch. 4.
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COGENERATION TECHNOLOGIES

Most cogeneration systems can be described
either as “topping” systems or “bottoming” sys-
tems, depending on whether the electrical or
thermal energy is produced first. * In a topping
system—the most common cogeneration mode—
electricity is produced first. The thermal energy
that is exhausted is captured and used for such
purposes as industrial processes, space heating
and cooling, water heating, or even producing
more electricity (18). Topping systems would be
used in residential/commercial and most indus-
trial cogeneration applications.

In a bottoming system, high-temperature ther-
mal energy is produced first for applications such
as steel reheat furnaces, glass kilns, or aluminum-
remelt furnaces. Heat is extracted from the hot
exhaust waste stream and transferred to a work-
ing fluid, generally through a waste heat recovery
boiler. The fluid is vaporized and used to drive
a turbine (Rankine cycle) to produce electrical
energy (18). Bottoming cycles are used mostly in
industries where high-temperature waste heat is
available, and thus are limited to a few industrial
processes. Further, they tend to have a higher
capital cost than topping systems.

The cogeneration systems described below are:
1) steam turbine topping, 2) open-cycle gas tur-
bine topping, 3) closed-cycle gas turbine topping,
4) combined-cycle (gas/steam turbine) topping
systems, 5) diesel topping, 6) Rankine cycle
(steam and organic) bottoming, 7) fuel cell top-
ping, and 8) Stirling engine topping. A fuel cell,
being a chemical device, is the only technology
that is not a heat engine although it is considered
a topping cycle cogeneration system.

These technologies include small systems (75
kW to 10 megawatts (MW)) that might be used
to supply electricity and heat for a single building
or a building complex such as a shopping center;
intermediate size cogenerators of several to tens
of megawatts for industrial applications; and large

*Operating and efficiency standards for topping and bottoming
cycle cogenerators promulgated by the Federal Energy Regulatory
Commission under the Public Utility Regulatory Policies Act are
discussed in ch. 3.

centralized systems that could supply electricity
to the utility grid and distribute steam to nearby
industries or to district heating systems. Poten-
tial cogeneration applications in industry, com-
mercial buildings, and rural areas are discussed
in detail in chapter 5.

The steam turbine, open-cycle gas turbine,
combined-cycle, diesel, and steam Rankine bot-
toming cogenerators represent commercially
available technologies although advanced models
with improved efficiency, lower cost, and greater
fuel flexibility are under development. The
closed-cycle gas turbine is available in other
countries and could be introduced in the United
States at any time. Organic Rankine bottoming
cycles, fuel cells, and Stirling engines are not
commercially available in the United States, but
are sufficiently well developed to be considered
“near term” cogeneration technologies (available
within 5 to 15 years). As with all predictions of
commercial readiness for developing technolo-
gies, however, care must be exercised and ac-
tual progress observed closely—as noted from the
long and difficult history of Stirling engines.

The general operating and performance char-
acteristics and costs of these cogeneration tech-
nologies are summarized below and in table 23.
Detailed technology descriptions may be found
in volume II.

Steam Turbines

Historically, steam turbines have been the pri-
mary cogeneration technology, providing me-
chanical and electric power and steam for a vari-
ety of industrial processes. A schematic of a steam
turbine in a cogeneration application is shown
in figure 17. The system consists of a boiler and
a back pressure turbine. Mechanical energy is
produced as the high-pressure steam from the
boiler drives the turbine. The mechanical energy
is then converted to electricity by turning a gen-
erator rotor attached to the turbine. The steam,
which leaves the turbine at a reduced pressure
and temperature (300° to 700° F), can be used
in many industrial applications (see ch. 5).
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Figure 17.—Steam Turbine Topping System in a Cogeneration Configuration

SOURCE: Thermo Electron Corp., Analysis of Cogeneration Syste
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Thermo Electron Corp., TE5486-103-80, December 1979).

The technical and operating characteristics of
steam turbines present both advantages and dis-
advantages relative to other types of cogenera-
tors. Steam turbine engines are available in a wide
range of sizes, from 500 kW to well over 550
MW, although 100 MW is probably a reasonable
ceiling for most industrial applications. Currently,
steam turbine boilers can accommodate a wider
variety of fuels than other available cogeneration
systems (including oil, natural or synthesis gas,
coal, wood, solid waste, and industrial byprod-
ucts), although individual boilers can only be de-
signed to accommodate two fuel sources at one
time (i.e., dual-fueled boilers can be built to use
oil or gas, coal or oil, gas or coal). Steam turbine
cogenerators also have extremely high unit relia-
bility, availability, and service lifetime. With re-
spect to reliability, steam turbines have a maxi-
mum forced outage rate of around 5 percent.
Their unit availability also is quite high (90 to 95
percent) because scheduled maintenance re-
quirements are relatively low. The expected serv-

ice lifetime of steam turbine cogenerators is from
25 to 35 years.

A final technical advantage of steam turbine co-
generators is their high overall fuel efficiency,
which ranges from 65 to 85 percent, and general-
ly is not affected by turbine inlet temperatures
or by part-load operation (when less than the
maximum possible amount of electricity is being
produced). However, steam turbines’ efficiency
of electricity generation increases with increas-
ing inlet temperature and pressure ratio, and with
size up to about 30 MW.

On the other hand, steam turbine cogenerators
have relatively long installation leadtimes—12 to
18 months for smaller systems and up to 3 years
for larger units—from the time equipment is or-
dered until operation begins. This is due primarily
to the time required to certify and install high-
-pressure boilers. For coal burning systems, the
installation of fuel handling equipment can add
significantly to the leadtime.
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Steam turbines also have relatively low ratios
of electric-to-thermal power production (E/S ratio)
because they have a relatively low upper temper-
ature limit. It is this temperature which, in com-
bination with the desired steam temperature, de-
termines the amount of electricity that can be
generated. Of the 85 percent useful energy ob-
tainable in steam turbine cogeneration systems,
typically 14 percent would be electric power and
71 percent process heat. However, the E/S ratio
will vary according to the amount of high-pres-
sure steam that is directed from the boiler for
process heat. Thus, an increase in process steam
temperature corresponds to a decline in electric
power production and an increase in heat pro-
duction. Overall fuel utilization (power plus heat)
remains relatively constant at a variety of process
temperatures. All that changes is the proportion
of total fuel use devoted to electric generation
and process heat. Research and development
(R&D) efforts are underway on advanced steam
turbine models that would operate at higher tem-
peratures and pressures and thus would be more
efficient generators of electricity.

The costs of steam turbine cogenerators vary
depending on the size of the system, the kind of
fuel it uses, and its combustion source (e.g., boil-
er, fluidized bed combustor, gasifier). Figure 18
presents total installed costs for steam turbine
systems. Coal-fired steam turbines with flue gas
desulfurization (FGD) (for environmental control
purposes) range in cost from $800 to $1 ,600/kW
installed capacity. These systems constitute the
most expensive steam turbine option, with costs
generally $200/kW greater than turbines with flu-
idized bed boilers, which would not need FGD
in order to meet air quality standards. Oil-fired
boilers for steam turbines constitute the least ex-
pensive option, with installed cost estimates rang-
ing from $550 to $800/kW—about $200 to $600/
kW below the expected costs for atmospheric
fluidized bed (AFB) boiler turbines. * Economies
of scale are evident for steam turbine cogenera-
tors larger than about 10 MW.

*It should be noted that estimates for steam turbine system costs
vary greatly according to the data source. The degree of accuracy
of the different estimates is difficult to verify without actual construc-
tion of the various systems.

Figure 18.—Estimated Steam Turbine Cogenerator
System Instaiied Costs With Different Heat Sources
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SOURCE: Off Ice of Technology Assessment.

The cost for advanced steam turbine prime
movers also differs according to the size of the
unit. For smaller units (less than 5 MW), advanced
steam turbine installed costs may be $150 to
$200/kW greater than the cost of current steam
turbines. For 10-MW units, the incremental cost
of advanced steam turbines is approximately $50
to $100/kW greater, while for 100-MW units, the
prices are approximately the same as currently
available systems (55).

Estimates for variable operation and mainte-
nance (O&M) costs for steam turbine topping
cycles (excluding fuel cost) vary from 3.0 to 8.8
milis/lkWh depending on the source of the esti-
mate. For a residual oil-fired steam turbine, in
general, a 4.0 mills/lkWh O&M cost appears to
be areasonable estimate. Estimates of O&M costs
for large steam turbines are 6.0 mills/lkWh with
FGD, 4.2 mills/lkWh without FGD, 5.2 mills/kWh
with AFBs, and 8.8 mills/kW/h with pressurized
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fluidized beds. Fixed annual O&M costs range
from $1.6 to $1 1.5/kWh of installed capacity.

Open= Cycle Combustion Turbines

Most combustion turbines are open-cycle sys-
tems in which air is drawn in from the atmos-
phere and exhaust gases are released to the at-
mosphere (i. e., the air or other working fluid is
not recirculated). Figure 19 provides system sche-

matics for both simple and regenerative open-
cycle gas turbines. Figure 20 presents the config-
u ration a simple open-cycle combustion turbine
with a heat recovery unit would take in a cogen-
eration application. For both simple and regener-
ative turbine types, air is compressed, then
heated in the combustion chamber to the re-
qguired turbine inlet temperature, and expanded
through the turbine. The primary difference be-
tween the simple and regenerative open-cycle

Figure 19.— Combustion Turbine
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SOURCE: Arthur D. Little, Inc., Distributed Energy Systems: A Review of Related Technologies (Washington, D. C.: U.S
Department of Energy, DOE/PE 03871-01, November 1979).
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Figure 20.-Schematic of a Simple Open-Cycie Combustion Turbine in a Cogeneration Application
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SOURCE: United Technologies Corp., Cogeneration Technology Alternative Study (CTAS) — Volumes I-VI (Cleveland, Ohio: National Aeronautics and Space Admin.
istration, Lewis Research Center, and Washington, D. C.: U.S. Department of Energy, DOE/NASA/O0W80/1 -6, January 1980).

turbines is that in the latter, the low-pressure hot
exhaust gases are used to preheat the high-pres-
sure compressor discharge air in a regenerator.
The waste heat boiler system recovers heat from
the hot gas produced by the turbine and gener-
ates high- and low-pressure thermal energy to be
utilized in industrial processes or for space condi-
tioning.

Simple open-cycle combustion turbine systems
with waste heat boilers currently are available in
size ranges from 100 kw to 100 MW. Regenera-
tive turbines are available in sizes from about 16
MW to 70 MW. Most combustion turbines burn
natural gas or diesel oil, and can be converted
from one to the other in about 1 day. Because
turbine blades in open-cycle systems are exposed
to the products of combustion, these products
must be free of impurities (e.g., sodium, potassi-
um, calcium, vanadium, iron, sulfur, and particu-
lates) that can cause corrosion, and the residual
solids must be small enough to avoid erosion of
the turbine blades. As a result, currently available
open-cycle combustion turbines cannot use solid
fuels (coal, biomass) directly (i.e., without first
liquefying or gasifying them), and cannot burn
residual oil or liquid or gaseous fuels from coal
or biomass without an auxiliary fuel cleaning
system (see discussion of fuel flexibility in the next
section).

Open-cycle combustion turbine cogenerators
have a shorter installation leadtime than steam
turbines—around 9 to 14 months for gas turbines
up to 7 MW, and as long as 2 years for larger
units. The reliability of combustion turbines and
their average annual availability should be com-
parable to that of steam turbines, although units
that burn liquid fuels or that are operated only
intermittently will require about three times more
maintenance—and thus will have a lower percent
availability—than those that use natural gas. On
the other hand, the expected useful service life
of open-cycle combustion turbines tends to be
lower than that of steam turbines—typically 15
to 20 years—and poor maintenance, the use of
liquid fuels, or intermittent operation can reduce
the service life substantially.

Open-cycle combustion turbine cogenerators
tend to have slightly lower overall fuel efficiency
than steam turbines, but the most efficient com-
bustion turbines can have a higher overall effi-
ciency than the least efficient steam turbines. on
the other hand, open-cycle combustion turbines
have much higher E/S ratios than steam turbines
(typically 140 to 225 kWh/MMBtu for combus-
tion turbines, as compared to 30 to 75 kWh/.
MMBtu for steam turbines), and a higher elec-
tric generating efficiency at both full- and part-
load operation (see table 23). Unlike steam tur-
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bines, however, combustion turbine cogenera-
tors’ electric efficiency is reduced significantly by
part-load operation. Moreover, the efficiency of
open-cycle combustion turbines varies with the
addition of a regenerator, because regenerative
cycles produce additional electricity at the ex-
pense of recoverable thermal energy and overall
efficiency. Therefore, for cogeneration applica-
tions, overall fuel efficiency will be higher with
simple open-cycle combustion turbines, but elec-
tric generating efficiency (both full- and part-
load) will be higher with regenerative open cy-
cles. As with steam turbines, the efficiency of
open-cycle combustion turbines tends to increase
with size up to about 30 MW, and remains rela-
tively constant in larger systems.

R&D on advanced combustion turbine cogen-
erators focuses on systems that operate at higher
turbine inlet temperatures in order to improve
operating efficiency, and on systems that can ac-
commodate a wider range of fuels. The primary
R&D considerations are:

¢ improved cooling of turbine blades,

® changes in turbine blade materials (possibly
to temperature resistant ceramic coatings) to
withstand higher inlet temperatures, and

® changes in turbine blade materials to im-
prove their anticorrosive properties in order
to allow the use of alternate fuels.

The installed costs for open-cycle combustion
turbine cogenerators are shown in figure 21, bro-
ken down by the cost of the prime mover versus
that for the total system. As can be seen in this
figure, total system installed costs range from
$320/kW installed capacity for very large (100-
MW) gas turbine cogenerators, to over $700/kW
for very small units. Economies of scale are ap-
parent in systems larger than about 20 to 30 MW.
In general, regenerative-cycle combustion tur-
bines cost about $15 to $100/kW more than sim-
ple cycles.

Estimated variable O&M costs for combustion
turbines are 2.5 mills/kWh. Operating expenses
for advanced combustion turbines probably will
be slightly higher—perhaps 2.8 to 3.0 mills’lkWh
depending on the fuel used. Annual fixed O&M
costs for combustion turbine topping cycles are

Figure 21.—Combustion Turbine Cogenerator Cost
Estimates for the Prime Mover and
Total Installed System
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SOURCE: Office of Technology Assessment.

low and tend to be about $0.29/kW for simple
cycles and $0.34/kW for regenerative cycles.

Closed-Cycle Combustion Turbines

In closed-cycle combustion turbine systems,
the working fluid (usually either helium or air)
circulates through a closed circuit, and is heated
to the required inlet temperature by a heat ex-
changer. This arrangement ensures that both the
working fluid and the turbine machinery are iso-
lated from both the combustion chamber (heat
source) and the products of combustion, and thus
erosion and corrosion problems in the turbine
are avoided. This external combustion design
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thus permits greater fuel flexibility than is possi-
ble in currently available open-cycle turbines.
Closed-cycle systems can burn coal, industrial or
municipal wastes, biomass, or liquid or gaseous
fuels derived from them. Nuclear or solar energy
may be used for these systems in the future. Fig-
ure 22 presents schematics of closed-cycle com-
bustion turbine systems with and without regen-
erators. In the regenerative closed cycle, heat
from the working fluid that is leaving the turbine
is used to preheat the working fluid that is leav-
ing the compressor. Closed-cycle combustion tur-
bine cogenerators have not been commercially
available in the United States in the past, but have
been successful in Europe and Japan and could
be introduced here at any time.

The actual configuration of closed-cycle com-
bustion turbine systems will vary according to the
heat source. Likely heat sources for these systems
include coal-fired AFB combustors and liquid-
fueled high-temperature furnaces. The installa-
tion leadtime for a 25-MW system with an AFB
is estimated to be 4.5 to 5 years, with an expected
service life of about 20 years.

In closed-cycle systems, any gas can serve as
the working fluid. Air has the advantage of reduc-
ing sealing requirements and mechanical compli-
cations. Heavy molecular weight gases (such as
argon) reduce the size of the turbomachinery but

increase that of the heat transfer components,
while light molecular weight gases (such as heli-
um) require more extensive turbomachinery and
minimize the size of heat transfer equipment. This
flexibility’ contrasts sharply with open-cycle com-
bustion turbine systems, which are limited to the
hot combustion gases as the working fluid.

Closed-cycle combustion turbines are thus
physically smaller than open cycles, but require
more piping and heat exchangers. In addition,
the small physical size of the turbomachinery lim-
its the power of closed-cycle turbines. Conse-
guently, systems with capacities below 500 kW
are not considered economically attractive. Elec-
tric capacity in currently operating closed-cycle
gas turbine systems (in Europe and japan) ranges
from 2 to 50 MW.

The average annual reliability and availability
of closed-cycle combustion turbines is expected
to be at least as good as that for open cycles once
sufficient operating experience has been accumu-
lated with the former. However, because the
closed-cycle configuration reduces wear and tear
on the turbine blades, closed-cycle systems may
require less maintenance (and thus have a higher
availability) than open cycles.

The overall fuel efficiency of closed-cycle com-
bustion turbine cogenerators also is expected to
be comparable to that of open cycles, as is the

Figure 22.—Closed-Cycle Gas Turbines With and Without Regeneration

SOURCE: United Technologies Corp., Cogeneration Technology Alternative Study (CTAS)— Volumes /-V/ (Cleveland, Ohio: National Aeronautics and Space Administra-
tion, Lewis Research Center, and Washington, D. C.: U.S. Department of Energy, DOE/NASA/OOW-8011 -6, January 1960).
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E/S ratio (see table 23). Similarly, use of a regen-
erator with a closed cycle will increase electric-
ity output but reduce the temperature of the re-
covered heat. Unlike open-cycle systems, how-
ever, part-load operation of a closed-cycle gas tur-
bine cogenerator does not reduce electric gener-
ating efficiency, and may actually increase it
when a regenerator is used. In this case a closed-
cycle system is much like a steam turbine in that
the working fluid and the combustion gases are
separate. This allows more control, which in turn
makes possible more constant part-load opera-
tion. The effect of part-load operation on overall
fuel efficiency will depend on the part-load effi-
ciency of the heat source (e.g., fluidized bed, hot
gas furnace). Finally, overall efficiency will tend
to increase slightly with system size up to about
25 MVV.

Detailed installed cost information for closed-
cycle combustion turbine cogenerators is limited
due to the lack of experience with these systems
in the United States. Figure 23 presents estimates
for various size systems showing a range for total
installed costs (exclusive of heat source) from
$450 to $900/kW. Economies of scale are signifi-
cant for larger systems (approximately 25 MW

Figure 23.—Closed-Cycle Gas Turbine Cogenerator
Installed Cost (exclusive of heat source)
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and above), primarily as a result of the low incre-
mental cost of fuel handling equipment with in-
creasing capacity.

The lack of U.S. operating experience with
closed-cycle combustion turbine cogenerators
precludes any definitive estimate of O&M costs.
A representative estimate for fixed plus variable
O&M costs in the literature surveyed is 5 percent
of installed cost per year of operation.

Combined Cycles

The term “combined cycle” is applied to sys-
tems with two interconnected cycles operating
at different temperatures. The higher temperature
(topping) cycle rejects heat that is recovered and
used in the lower temperature (bottoming) cy-
cle to produce additional power and improve
overall conversion efficiency. Currently available
combined-cycle cogenerators use a combustion
turbine topping cycle in combination with a
steam-bottoming cycle.

A schematic of such a combined-cycle plant
is shown in figure 24. The major components of
the system are the combustion turbine generator,
the heat recovery boiler, and the steam turbine.
Note that this system is like the combustion tur-
bine cogeneration systems discussed previously
except that steam from the heat recovery boiler
is used first to generate electricity and then ex-
hausted for process heat and ultimately waste
heat. In most combined-cycle systems, extra fuel
is burned in the heat recovery boiler to supple-
ment the heat in the combustion turbine exhaust,
The high percentage of oxygen (17 percent) in
the combustion turbine’s exhaust guarantees effi-
cient supplemental combustion under the heat
recovery boiler. Supplemental firing generally im-
proves thermal efficiency at part-load operation,
but makes combined-cycle plant operation con-
trol more complex and thus increases mainte-
nance costs.

Combined-cycle cogenerators typically are
available in sizes ranging from 22 to about 400
MW. However, smaller units have been installed,
and at least one company currently is develop-
ing small, prepackaged combined-cycle units in
the 4-to 11 -MW size range (50). Installation time
from the date the equipment is ordered ranges
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Figure 24.—Schematic of a Combined-Cycle Cogenerator

SOURCE: United Technologies Corp., Cogeneratlon Technology Alternat/ve Study (CTAS)- Volume I-VI(Cleveland, Ohio: Na-
tional Aeronautics and Space Administration, Lewis Research Center, and Washington, D. C.: US. Department of
Energy, DOE/NASA/0030-'60H -6, January 1980).

from 2 to 3 years. It is generally possible to have
a two-stage installation in which the combustion
turbine system can be operable within 12 to 18
months. The steam turbine can then be installed
while the combustion turbines are in operation.

Combined-cycle systems require less floor
space than separate combustion or steam tur-
bines producing comparable amounts of electric
power. Advanced combined-cycle systems
(which will consist of advanced combustion tur-
bines and current technology steam turbines) will
be even smaller. Reduced space requirements
should increase the potential cogeneration appli-
cations for combined-cycle systems.

Fuels employed by available combined-cycle
cogenerators are the same as those used by com-
mercial combustion turbines—natural gas, light
distillate oil, and other fuels that are free from
contaminants. Heavy fuels, such as residual oil,
heavy distillates, and coal-derived fuels that are
contaminated with trace metals can be used but
must be cleaned first. Advanced combined-cycle
systems will be able to incorporate fluidized bed
combustors that can burn coal (or almost any
other fuel). Systems utilizing indirect firing and
heat exchangers (i.e., closed cycles) also will be
able to run on a wider variety of fuels, because

the combustion turbine blades will be isolated
from the corrosive influence of fuel combustion.

The maintenance requirements for a com-
bined-cycle system are similar to those for the
separate turbines, and average annual availability
is lower than for either technology alone (77 to
85 percent). Reliability is around 80 to 85 per-
cent. Economic service life is between 15 and 25
years. However, as with open-cycle combustion
turbines, poor maintenance, lower quality fuels,
and intermittent operation will decrease the avail-
ability, reliability, and service life.

The electric generating efficiency of combined-
cycle cogenerators is greater than for simple com-
bustion turbine systems because of the additional
electricity generated by the steam turbine. Cur-
rent combined-cycle systems achieve electric
generating efficiencies of between 34 and 40 per-
cent, with 37 percent being typical. This in-
creased efficiency, however, is achieved at the
expense of total fuel use (additional fuel is used
for supplemental heating of the heat recovery
boiler). While available combustion turbines
equipped with waste heat boilers typically have
a fuel use efficiency of approximately 80 percent,
overall fuel efficiency for combined-cycle systems
usually is below 60 percent. The electric conver-
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sion efficiency of combined cycles increases with
capacity up to around 80 MW and remains con-
stant above that size.

As with open-cycle combustion turbines, part-
load operation reduces the efficiency of com-
bined cycles. As the gas turbine’'s generating effi-
ciency drops, more waste heat is supplied to the
steam turbine and its percentage of electric load
increases. However, the overall efficiency de-
clines because of the increasing amount of waste
heat from part-load operation that cannot be re-
covered.

Typical E/S ratios for combined cycles are 175
to 320 kWh/MMBtu—significantly higher than
those for steam turbine topping cycles, and com-
parable to or slightly higher than open-cycle com-
bustion turbines. However, as mentioned above,
as E/S ratio in a combined-cycle system increases
the overall fuel efficiency decreases.

Figure 25 presents estimates of total system in-
stalled costs for combined cycles. These costs
range from approximately $800/kW for a 4-MW
unit down to approximately $430/kW for 100-
MW units, Combustion turbines represent a larg-
er percentage of the prime mover installed costs
than do the steam turbines in these systems.

Figure 25.—Total Installed Costs for Combined-
Cycle Cogenerator Systems
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Maintenance costs for the combined-cycle sys-
tem are directly related to the type of fuel used.
The lowest maintenance costs are associated with
natural gas use, while using residual oil in the
combustion turbine will result in the highest
maintenance costs, primarily because of the ne-
cessity to clean the fuel. Variable O&M cost esti-
mates for combined-cycle systems range from 3.0
to 5.1 mills/kWh while annual fixed O&M costs
are from $5.0 to $5.5/kW installed capacity.

Diesels

The diesel engine is a reciprocating internal
combustion engine and is a fully developed and
mature technology. Cogeneration systems using
diesel engines are topping systems and are classi-
fied according to whether the diesel engine oper-
ates at high, medium, or low speed. Table 24
summarizes the engine speeds for each type of
diesel, its capacity range, and its usual applica-
tions. All three types have been used in electric
power generation—medium- and low-speed die-
sels by electric utilities for intermediate and peak-
load use, and high-speed diesels in the “total
energy systems” of the past.

A typical diesel engine topping cogenerator is
shown in figure 26. The major system compo-
nents include an engine, generator, heat recovery
unit, fuel handling equipment, and environmen-
tal controls. The engine is cooled with water and
the heated water used for process steam, heat,
or hot water applications. Exhaust gases can be
used in a similar manner.

Diesels usually burn natural gas, distillate oil,
or treated residual oil, and often have dual fuel

Table 24.-Diesel Engine Characteristics

Capacity
Type RPM (MW) Uses
High speed . ... 1,200-3,600 0.075-1.5 Smaller vehicles

Medium speed. .
Low speed . . ...

500-1,200
120-160

0.5-10 Marine, rail
2-30 Marine propul-
sion and indus-
trial use

SOURCES: Office of Technology Assessment from Peter G. Bos and James H
Williams, “Cogeneration’s Future in the Chemical Process Industries
(CP1),” Chemical Engineering, Feb. 26, 1979, pp. 104-110; “Electric
Power Generation,” McGraw-H/I/ Yearbook of Science and
Technology (New York: McGraw-Hill Book Co., 1980); Joel Fagenbaum,
“Cogeneration: An Energy Saver,” JEEE Spectrum, August 1980, pp
30-34; and Alan J. Streb, ‘‘Cogeneration—What's Ahead?” Energy
Engineering, April/May 1980, pp. 11.23.
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Figure 26.—Diesel Engine Cogenerator
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SOURCE: Resource Planning Associates, Cogeneration: Technical Concepts, Trends, Prospects (Washington, D. C.. U.S. Department of Energy, DOE-FFU-1703, September

capability. Two-stroke low-speed diesels also can
burn untreated low grade residual oil (58). Re-
search is underway on the use of coal-based fuels
in large (low-speed) diesels, including processed
solid or liquid coal-derived fuels, or direct coal
firing with either a coal/oil or coal/water slurry
medium or a dry powdered coal. Slurry-fired die-
sels may become operational in 5to 6 years and
commercially available in 8 to 10 years. However,
additional equipment may be required to con-
trol the increased particulate and sulfur dioxide
emissions resulting from burning coal or coal-
derived fuels. Whether coal burning diesels will
be economically competitive is yet unknown.

R&D on diesels also is directed toward increas-
ing the temperature of the cooling water so that
steam can be generated, and toward higher su-
percharge capability and higher charge air cool-
ing. Such advances could result in a 50-percent
increase in power output per cylinder (23). Ad-
vanced diesels will be ready for wide-scale cogen-
eration application between 1985 or 1990. “Adia-
batic” (or very low heat loss) diesels, which use
ceramic parts, also are under development. The
principal advantage of the adiabatic diesel would
be that all the waste heat would be in the exhaust
stream and would be available at high tempera-
ture (as with combustion turbines). This technol-
ogy could significantly improve the versatility of
the diesel as well as lead to greater overall fuel

use efficiency (61 ), but is not expected to be com-
mercially available until after 1990.

Installation leadtimes for presently available
diesel cogenerators range from 9 months for
smaller high-speed systems to 2.5 years for larger
low-speed units. Maintenance is performed on
typical low- and medium-speed diesels every
1,500 hours, and more frequently on high-speed
diesels. Average annual availability ranges from
80 to 90 percent. Expected service lifetimes vary
from 15 to 25 years depending on unit size, fuel
burned, and quality of maintenance.

E/S ratios for diesels are high—from 350 to 700
kWh/MMBtu. Low-speed diesels typically are de-
signed for peak efficiency at 75 percent of full
load. Part-load performance for current and ad-
vanced technology high-speed diesels is excel-
lent. Medium-speed diesels, whose rated capac-
ities overlap high-speed diesels at the small scale
and low-speed diesels at the large scale (see table
24) follow the same trends.

Total installed costs for current and advanced
diesel prime movers are given in figure 27. Costs
range from $350 to $800/kW for current units,
with large advanced systems being slightly higher
and smaller ones significantly higher.

Estimates for O&M costs for current and ad-
vanced diesels vary significantly depending on
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Figure 27.— Diesel Cogenerator Total Installed Costs
for Current and ‘Advanced Prime Movers
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the fuel, the unit’s size, and the level of emission
control. Fixed O&M costs vary from $6.0 to $8.0/
kW annually. Estimates for variable O&M costs
range from 1.5 mills/kWh for large low-speed
units to 16 mills/kWh for small high-speed units,

with 5.0 to 10.0 mills/kWh being a common
range.

Rankine Cycle Bottoming

All bottoming cogeneration systems are based
on the conventional Rankine cycle (which is the
same cycle used in steam turbine topping sys-
tems), and are classified according to whether
they use steam or organic working fluids. The
steam cycle (see fig. 28) uses steam produced in
a heat recovery boiler to drive a steam turbine
that generates electricity and high- and low-tem-
perature waste heat. This, of course, is just the
low-temperature end of the combined-cycle sys-
tems discussed before. The high-temperature heat
is condensed and either used in process applica-
tions or fed back into the boiler through a closed
loop. Low-temperature waste heat is lost to the
surrounding environment. An organic Rankine
cycle (see fig. 29) converts heat energy into
mechanical energy by alternately evaporating an
organic working fluid (such as toluene) at high
pressure and using this vapor to produce shaft
power by expanding it through a turbine. The va-
por is then recondensed for either process use
or reinfection into the heat recovery boiler.
Organic working fluids are used when only lower
temperature heat sources (200° to 600° F) are
available because these fluids vaporize at very
low temperatures.

Figure 28.—Steam Rankine Bottoming Cycle
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SOURCE: Thermo Electron Corp., Venture Analysis Case Study—Steam Rankine Recovery Cycle Producing Electric Power
From Waste Heat (waltham, Mass.: Thermo Electron Crop,, TE4231-1 17-78, December 1978).
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Figure 29.-Organic Rankine Bottoming Cycle

Exhaust

Mechanical inefficlency

Generator inefficiency

Source
'waste heat)
Electricity
Coolant in Coolant out
Turbine Generator
Vapern gensnatorn
Condenser
Feed pump
Regenerator

SOURCE: Reeource Planning Aesociates, Cogeneration: Technical Concepts Trends, Prospects(Waehington, D. C.: U.S. Department of Energy, DOE-FFU-1703, September

1978).

Rankine cycle engines have several characteris-
tics that make them particularly appealing to dis-
persed electricity generating systems. They are
one of the few engines that can effectively utilize
heat at temperatures in the 200° to 600° F range.
This allows the engines to use a variety of heat
sources including solar energy, industrial waste
heat streams, geothermal energy, and hot engine
exhausts. Rankine engines also can be designed
for use over a wide range of capacity levels, from
as low as 2 kW for onsite solar applications up
to 10 MW for waste heat applications.

The installation time required for organic and
steam bottoming cycles generally depends on the
size of the plant. For steam Rankine engines, in-
stallation times will be similar to those for com-
parably sized steam turbine topping cycles. Very
small organic Rankine units (less than 50 kW),
particularly those in commercial applications, will
require minimal installation time (4 to 8 months)
(2), while larger units are expected to take 1 to
2 years.

Maintenance requirements and reliability for
the steam Rankine bottoming cycle also should
be comparable to those of steam turbine topping
systems (i.e., average annual availability of about
90 percent). Organic Rankine bottoming cycles
are a relatively new technology, and information
on maintenance schedules and system reliability
is not readily available for these systems, but de-
velopers of this technology expect availability to
be from 80 to 90 percent. Expected service life-
time for both types of bottoming cycles is around
20 years.

Figure 30 shows organic Rankine cycle efficien-
cy as a function of boiler outlet temperature. Note
that operation for inlet temperatures below 150°
F (about 75°C) is possible. Depending on these
parameters, cycle efficiency will range from 5 to
30 percent, with 10 to 20 percent being repre-
sentative of actual operating conditions. How-
ever, because these organic Rankine cycle sys-
tems are bottoming systems that operate on the
waste heat these efficiencies are not significant
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Figure 30.—Organic Rankine Bottoming Cycle Efficiency—Variation
With Peak Cycle Temperature
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An analogous situation holds true for steam
Rankine bottoming cycles. Figure 31 indicates
typical energy balances for both condensing and
noncondensing steam Rankine systems. Although

as far as total fuel use is concerned, because the
addition of an organic Rankine bottoming cycle
will increase the power output of the system with-
out any increase in fuel consumption.

_{A) Noncondensing config

Furnace stack
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Figure 31 .—Typical Energy Balances for Steam Rankine Bottoming Systems
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figure 31 shows an electric generating efficiency
of only 6 percent for the condensing configura-
tion and 14. s percent for the noncondensing, it
must be remembered that additional electricity
is being generated from heat that normally would
have been wasted. Therefore, both configurations
will result in substantial fuel savings. Because the
noncondensing system produces steam as well
as electricity, and hence has a higher overall fuel
utilization efficiency, it saves about 150 percent
more fuel than the condensing system. The non-
condensing system would be used, therefore,
when heat requirements and fuel saving consider-
ations override the need for increased electric-
ity production.

Figures 32 and 33 present estimated installed
costs for condensing and noncondensing steam
Rankine bottoming systems and for organic sys-
tems. The costs of the steam systems are roughly
comparable to steam topping cycle cogenerators
because most of the components are the same
for both types of systems. Installed costs for
organic Rankine cycles are more uncertain be-

Figure 32.—Estimated installed Costs for
Condensing and Noncondensing Steam
Rankine Bottoming Systems
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Figure 33.—Estimated Installed Costs for Oraganic
Rankine Bottoming System

1,600

3

1,400

1,200

1,000

Cost ($/kW)

800 |~

D NSNS SCSNE YRR TR ALY A0 SO RS
0 02 04 06 08 1.0 1.2 14 16 1.8 2.0
Electric power output (MW)

SOURCE: Office of Technology Assessment.

cause mass production of the units has not yet
begun. However, available estimates suggest that
the organic Rankine cycles will have a higher in-
stalled cost than steam cycles, primarily due to
the special materials (e.g., stainless steel) needed
to prevent corrosion of system components and
the precautions that must be taken against leaks
of the organic working fluid.

Estimates of variable O&M costs for condens-
ing and noncondensing steam bottoming systems
up to 3 MW are presented in table 25. For larger
units, variable O&M costs are estimated to be be-

Table 25.-Estimates of Steam Bottoming Cycle
Operation and Maintenance Costs

Condensing Noncondensing
MW Mills/kWh MW Mills/kWh
05 6.86 05 6.17
1.0 4.57 1.0 5.03
15 4.17 15 4.17
20 3.87 2.0 371
3.0 371 3.0 371

SOURCE: Thermo Electron Corp., Venture Analysis Case Study—Steam Rankine
Recovery Cycle ProducingElectric Power FromWaste Heat (Waltham,
Mass.: Thermo Electron Corp., TE4231-117-78, December 1978).
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tween 3 and 5 percent of the installed cost. An-
nual fixed O&M costs are approximately $1 .60/
kw of installed capacity.

Fuel Cells

A fuel cell is an electrochemical device that
converts the chemical energy of a fuel into elec-
tricity with no intermediate combustion cycle (see
fig. 34). Hydrogen and oxygen react to produce
water in the presence of an electrolyte and, in
doing so, generate an electrochemical potential
that drives a current through an external circuit.
In addition, the reaction produces waste heat.
The hydrogen required for the ceil is obtained
from fossil fuels, usually methane, CH,. Because
methane occurs naturally only in natural gas, fuel
conversion is necessary if coal or biomass are the
ultimate sources of the hydrogen. Fuel cells may
be attractive for industrial and commercial cogen-
eration or for utility peaking applications because
of their modular construction, good electric load
following capabilities without a loss in efficiency,
automatic startup and shutdown, low pollutant
emissions, and quiet operation. An individual fuel
cell has an electric potential of slightly less than
1 volt (determined by the electrochemical poten-
tial of the hydrogen and oxygen reaction), but
single cells can be assembled in series to generate

practically any desired voltage, and these assem-
blies, in turn, can be connected in parallel to pro-
vide a variety of power levels (e.g., 40 kW to 25
MW). A fuel cell powerplant (see fig. 35) includes
the cell stack, an inverter (to convert direct cur-
rent to alternating current), and a fuel processor
(to remove impurities from the hydrocarbon fuel
and convert it to pure hydrogen). The recovered
thermal energy in a fuel cell cogenerator can be
either all hot water, or part steam and part hot
water depending on the pressure.

The only fuel cell technology currently operat-
ing commercially is based on a phosphoric acid
electrolyte operating at 350° F. In general, acid
systems are favored because they do not react
with carbon dioxide and may thus use air as the
source of oxygen. Phosphoric acid cells are pre-
ferred because water removal is relatively easy
to control in these systems. However, phosphoric
acid fuel cells depend on platinum catalysts. The
present demonstration fuel cell powerplants re-
quire a platinum catalyst loading of approximately
6.2 grams per kilowatt of electric power output
(27), which, at today’s prices, adds $65 to $75/kW
to the cost of the fuel cell. A production level of
750 to 1,000 MW of phosphoric acid fuel cells
per year (the level one developer suggests will
be achieved in the next 10 to 15 years) would

Figure 34.—Schematic Diagram of a Fuel Cell
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Figure 35.—Schematic of a Fuel Cell Powerplant

SOURCE: United Technologies Corp.,Cogeneratlon Technology Alternatlve Study (CTAS) — Volumi¥/ (Cleveland, Ohio:
National Aeronautics and Space Administration, Lewis Research Center, and WashIngton, D. C.: U.S. Department
of Energy, DOE/NASA/OO~OH-6, January 1980).

correspond to approximately 4.7 to 9.3 tonnes
of platinum annually, or around 35 to 70 percent
of domestic platinum production (including recy-
cling) in 1979, and 3.5to 7.5 percent of total U.S.
consumption in 1979 (9). Because of the small
amount of domestic platinum reserves, and lim-
ited U.S. refinery and recycling capacity, it is like-
ly that a significant increase in platinum demand
for fuel cells would be supplied from foreign
sources—primarily South Africa and the U.S.S.R.
—and could lead to increases in the price of plat-
inum. R&D efforts are underway to reduce the
platinum loading needed for fuel cells (developers
estimate future requirements to be about 1.9
grams per kilowatt), to synthesize catalysts that
do not depend on platinum, and to develop ad-
vanced cells based on molten salt electrolytes (9).

A second limitation of phosphoric acid fuel cells
is that hydrogen is the only fuel that can be oxi-
dized at acceptable power levels in the cell, and
a clean fuel (e.g., methane or naphtha—a light
petroleum distillate) is required to generate the
hydrogen. Advanced phosphoric acid cells may
be able to use desulfurized No. 2 fuel oil as the
source of hydrogen. Second generation molten
carbonate electrolyte fuel cells, using advanced
fuel conversion technology, would make less
stringent demands for a clean fuel, and possibly
could be integrated with coal gasifiers.

Developers of fuel cells estimate an installation
leadtime of 1 to 2 years for cogenerators based
on either the phosphoric acid or molten carbon-
ate cells (assuming mass production). useful serv-
ice lives are projected to be 10 to 15 years. Main-
tenance requirements are uncertain due to the
limited experience with demonstration plants, but
average annual availability is expected to be
around 90 percent.

The overall chemical reaction in a fuel cell de-
fines the maximum electric energy that it can pro-
duce. Because no thermomechanical work is in-
volved, the energy conversion efficiency is not
limited by the Carnot cycle. However, voltage
losses are associated with internal resistance,
mass transport limitations, and the kinetics of the
electrode reactions. Electric generating efficiency
ranges from 30 to 40 percent, depending on oper-
ating temperature and fuel quality (see fig. 36).
At half-load operation, electric generating effi-
ciency equals or even exceeds the efficiency at
full load. Thus, fuel cells could be installed for
load following duty without a loss in efficiency
in order to enable other types of generators to
operate at their most efficient rates. E/S ratios for
fuel cells are relatively high—from 240 to 300
kWh/MMBtu.

The installed costs for fuel cell powerplants are
currently too high to compete with other elec-
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Figure 36.-Representative Performance of Fuel Cell Powerplants
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tric power generating systems (e.g., a 4.8-MW
demonstration plant, being built in New York
City, will cost $60 million, or an equivalent of
$12,500/kW).” Fuel cell developers project that
total installed costs should range from $520 to
$840/kW of electrical capacity once the technol-
ogy is being produced on a large scale (see fig.
37). It is likely that between 500 and 1,500 MW
of fuel cells will have to be produced before the
“learning curve” price reaches a target level of
$350/kW for the fuel cell prime mover alone. As
shown in figure 37, the cost of a fuel cell prime
mover is not affected significantly by the capac-
ity rating. However, substantial economies of
scale are observed with the balance-of-plant costs
per kilowatt, including fuel handling costs and
electric and control system costs.

Estimates of variable O&M costs for both types
of fuel cells fall within the range of 1.0 to 3.0
mills/lkWh. Fixed annual O&M expenses may
range from $0.26 to $3.3/kW installed capacity,

Stirling Engines

Stirling engines are a potentially advantageous
alternative to diesel, combustion turbine, and
steam turbine cogenerators due to their poten-
tially higher thermal efficiency, greater fuel flex-
ibility, good part-load characteristics, low emis-
sions, and low noise and vibrations. Figure 38
shows a schematic of a Stirling cycle engine. Gas
(e.g., hydrogen, helium) entrapped by a piston
alternately is compressed and expanded to turn
a crankshaft. Because the pressure during the hot
expansion step is significantly greater than dur-
ing the cool compression step, there is a net work
output from the engine.

Historically, Stirling engines have been investi-
gated for their potential use in automobiles, so
developmental work has been directed toward
smaller engines, which currently are available in
a size range of 3 to 100 kw. A 350-kW Stirling

engine is under design, and developers expect
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Figure 37.—Future Estimates of Total Installed
Costs for Fuel Cell Powerplant Systems
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capacities UpP to 1 to 1.5 MW, with service life-
times of 20 years to be available by 1990. Al-
though installation leadtimes are hard to predict
at present, they could range from 2 to 5 years
if and when Stirling cycle cogeneration systems
become commercial.

Because Stirling engines are still in the develop-
ment stage, information about their maintenance
and reliability is not readily available, but devel-
opers project maintenance requirements (and
thus average annual availability) to be compar-
able to diesels and combustion turbines. Due to
the external combustion, closed-cycle configura-
tion of Stirling engines, its moving parts are not
exposed to the products of combustion, and the
wear and tear on the engine should be minimal.
However, Stirling engines do require a complex
system of piston rod seals and surface barriers to
contain the high-pressure hydrogen and prevent
oil from leaking into the working gas space. The
durability of the piston seals, which are exposed
to a pressure differential of several thousand
pounds per square inch, is a recognized reliability

Figure 38.-Schematic of a Stirling
Cycle Engine

o
=]

Heater

. Regenerator
Cylinder ——»

Displacer Cooler
piston

Compression __ ey
space

Power piston — ]

Interconnecting

ok duct
Buffer space e
{3
Connecting H E
rods s
{1
Crankshaft OMIEG
N\

SOURCE: Application of Solar Technology to Today’s Energy Needs,
Volurnes / and// (washington, D. C.: U.S. Congress, Office of
Technology Assessment, 1978).

issue, and the seal systems must be improved
before Stirling engines can be used widely.

A major advantage of the Stirling engine is that
its external combustion system enables it to use
a wide variety of fuels, including coal, coal-
derived gases and liquids, municipal solid wastes,
and possibly biomass-derived fuels such as wood
chips and biogas. In addition, Stirling engines can
change fuels without adjustment to the engine,
interruption of its operation, or loss of either pow-
er or efficiency. This flexibility will allow Stirling
engines to be used as components of solar energy
systems, as adjuncts to fluidized bed combustors
and nuclear reactor systems, etc.

A second advantage of Stirling engines, relative
to available cogenerators, is their greater efficien-
cy. The Stirling cycle is much closer to the Car-
not cycle than are the Rankine or combustion tur-
bine cycles, and Stirling engines have one of the
lowest percentages of waste heat, and thus one
of the highest overall fuel use fractions of any heat
engine. Figure 39 shows how waste heat available
from Stirling engines compares with waste heat
from other engine types. The overall efficiency
of Stirling engines is relatively independent of
system size; electric generating efficiency and
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Figure 39.—Waste Heat Availability From Different Engines
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energy losses remain constant—all that changes Figure 40.-Future Installed Costs for Stirling
is the composition of the waste heat (hot water Eng'”f Coﬁfzetra%%r_,vﬁ’v‘ilv‘éig?g”ts
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electric generating efficiency is similar to that of 1,200
diesel cogenerators (35 to 40 percent). However,
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temperature of Stirling cycles (e.g., through im- 1,050 =
proved metals or ceramic coatings in the heater
heads), efficiencies approaching so percent may
be obtained over a wide output range (a few kilo-
watts to several megawatts). Part-load perform-
ance of current Stirling engines is equivalent to
full-load efficiency, and thus is superior to that
of available prime movers. E/S ratios also are very
high-from 340 to 500 kWh/MMBtu.
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realize these costs. Thus, Stirling cycles could be
competitive with other cogenerators if their en-
gine efficiency reaches the target of 40 to 45 per-
cent. Otherwise, installed costs would have to
be reduced even further before Stirlings could be
considered competitive.

Due to the limited operating experience with
Stirling engines, no O&M cost data are available.
A preliminary estimate of variable O&M costs is
8.0 mills/kWh (higher than for most prime mov-
ers) (2), while annual fixed O&M costs are
estimated to be $5.0/kW.

USE OF ALTERNATIVE FUELS IN COGENERATION

Cogeneration’s ability to reduce the use of pre-
mium fuels (oil and natural gas) depends on its
fuel use flexibility. If cogenerators use nonpremi-
um fuels (e.g., coal, synthesis gas, biomass, indus-
trial or municipal waste) at the outset, or have
the capability to switch readily to such fuels, their
viability obviously will be enhanced. However,
of the available cogeneration technologies de-
scribed in this chapter, only steam turbines can
burn nonpremium fuels directly. Although R&D
efforts are underway to improve the fuel flexibility
of other available cogenerators (e.g., advanced
combustion turbines and diesels), these improve-
ments may not become commercial until the late
1980’s or early 1990's. Similarly, advanced prime
movers (such as Stirling engines) that can use
alternative fuels are not likely to be widely avail-
able for 5 to 10 years. As a result, many poten-
tial cogenerators are looking to alternative fuel
combustion or conversion systems that can be
used in conjunction with current cogeneration
technologies to increase fuel flexibility. Two types
of such systems—fluidized bed combustors and
gasifiers—are discussed below. The use of these
systems in industrial, commercial, and rural co-
generation applications is discussed in chapter 5.

Fluidized Bed Combustion Systems*

In fluidized bed combustion, coarse particles
of fuel (about 1/4 inch in diameter) are burned in
a bed of limestone or dolomite at temperatures
of 1,500° to 1,750° F. The fuel and limestone (or
other material) are injected into the bed through

*Unless otherwise noted, the material in this section is from ICF,
Inc. (26).

pipes that are arranged to distribute the fuel even-
ly throughout the bed area. Feeding is continuous
to ensure steady combustion conditions. The fuel
particles are kept in suspension and in turbulent
motion by the upward flow of air, which is in-
jected from the bed bottom and passed through
a grid plate designed to distribute the air uniform-
ly across the bed. During combustion, the system
resembles a violently burning liquid and the bed
of particles is considered to be “fluidized. ” This
fluidized state of the burning fuel produces ex-
tremely good heat transfer characteristics both
among the agitated particles and in the heat trans-
fer surfaces immersed in the bed. Residual materi-
als are drained from the bed continually to allow
for steady operating levels.

There are two major types of fluidized bed
combustors. In atmospheric fluidized beds
(AFBs), fuel combustion occurs at atmospheric
pressures. In pressurized fluidized bed (PFB)
systems, a pressurizing gas turbine elevates pres-
sures in the combustion chamber to 10 to 15 at-
mospheres. The pressurized system allows a more
compact boiler design and should produce fewer
emissions than AFBs. However, development of
the PFB is behind that of the AFB, and its avail-
ability will follow AFBs by several years.

AFBs are commercially available in sizes that
produce from 50,000 to 550,000 Ib of steam per
hour, which corresponds to 5- to 55-MW electric-
ity generating capacity (7). A 200-MW demonstra-
tion plant currently is under construction by the
Tennessee Valley Authority (TVA), and is ex-
pected to come on-line by 1987. TVA estimates
that a 800-to 1,000-MW plant could be built and
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in operation by 1991. Because of the lack of con-
struction and operating experience with fluidized
beds beyond a 10-MW capacity, however, poten-
tial users currently are reluctant to install larger
systems.

Only 10 PFB systems are either planned or in
operation around the world, the largest being a
30-MW unit currently operating in Great Britain.
No commercial vendor of pressurized systems
has been identified, and, as mentioned previous-
ly, the availability of pressurized systems is ex-
pected to be several years behind that of atmos-
pheric systems (7).

The space requirements for atmospheric and
pressurized fluidized beds are drastically different.
The pressurized combustion process allows for
a more compact boiler design, which significantly
reduces its space requirements. The area required
for a PFB system is approximately one-fifth that
of an AFB of equal thermal output capacity (23,
55). The smaller area occupied by PFBs will be
particularly important for applications where
space is limited or very expensive (e.g., in cities).

Fluidized beds can burn coal, wood, lignite,
municipal solid waste, or biomass. The primary
fuel used to generate electricity with fluidized
beds is coal, and all fluidized bed plants currently
in operation use coal as their fuel source. Large
(800-Mw) fluidized bed plants are now being de-
signed to use lllinois No. 6 coal, which has a rel-
atively high sulfur content (around 4 percent).
Fluidized bed boilers can burn such high sulfur
coal without flue gas desulfurization because a
large percentage of the sulfur (up to 90 percent)
is trapped by the limestone particles within the
fluidized bed. Flue gas from the fluidized beds
flows through cyclone separators that remove 95
percent of the solid matter in the gas streams.
Electrostatic precipitators remove the remaining
ash to the level required by emission standards.

The ability to burn high sulfur coal economical-
ly represents an important advantage of fluidized
bed boilers over the conventional coal combus-
tion systems. However, fuel handling require-
ments for fluidized beds are more complex than
they are for conventional coal boilers. Both the
coal (or other fuel) and the limestone with which
it burns must be pulverized to a size that can be

fluidized easily. Moreover, present fluidized beds
designed for a particular fuel will require substan-
tial modification of the fuel handling and injec-
tion equipment to convert to another fuel. Ad-
vanced fluidized bed boilers may be designed so
that they can accommodate different fuel types
more easily.

Due to the lack of experience in the operation
of fluidized bed boilers, information on their
maintenance and reliability is limited. Developers
expect the reliability of both fluidized bed types
to be similar to that of a coal-fired boiler. How-
ever, as experience with fluidized bed technol-
ogy increases, its maintenance requirements may
become less stringent than those for current tech-
nologies.

R&D for fluidized bed boilers is directed to-
wards overcoming the basic market barriers to
their use. Current R&D focuses on: 1) installing
larger demonstration plants; 2) determining the
reliability, economic, and environmental charac-
teristics of fluidized bed technology; and 3) dem-
onstrating satisfactory erosion and corrosion be-
havior in the bed.

Gasification

Gasifiers convert solid fuels into a fuel gas, com-
monly known as synthesis gas, whose fuel com-
ponents are principally carbon dioxide and hy-
drogen, with smaller quantities of various other
substances. * The gasification process consists of
heating or partially burning the solid fuel and, in
some cases, reacting the gas or solid with steam.
The resultant gas is a low- or medium-energy gas
that contains less than about 500 Btu per stand-
ard cubic foot (SCF). This gas is not suitable for
blending with natural gas (1,000 Btu/SCF), but it
can be transported economically over relatively
short distances (usually less than 100 miles) in
regional pipelines and used for most of the appli-
cations for which natural gas is used (e.g., as a
boiler fuel, for process heat, for cooking, for
space and hot water heating, or as a combustion
turbine fuel).

*The gas from air-blown gasifiers also contains considerable
amounts of nitrogen from the air used in the process.
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This section analyzes the gasification of three
solid fuels—coal, wood, and municipal solid
waste—to produce a fuel for open-cycle combus-
tion turbine and reciprocating internal combus-
tion engine cogenerators. These solid fuels are
analyzed because they are relatively abundant
and are suitable for gasification. Combustion tur-
bines and internal combustion engines are dis-
cussed because, of the commercially available
cogeneration technologies, these currently have
the least fuel flexibility, and because they require
a relatively small investment for equipment (an
important consideration for small, dispersed co-
generators). However, gasifiers also could be
used in conjunction with larger systems such as
steam turbines or combined cycles (see discus-
sion of industrial cogeneration applications in ch.
5). Differences in the gases from each solid fuel
are described first, followed by a consideration
of the implications of these differences for com-
bustion turbine and internal combustion engine
cogeneration systems.

Coal

Coal can be partially burned with air to pro-
duce a low-energy gas (50 to 150 Btu/SCF) or with
oxygen and steam to produce higher energy syn-
thesis gas (300 to 400 Btu/SCF). As described be-
low, the low-energy fuel gas is considerably less
efficient as a gas turbine fuel than the synthesis
gas, and it may be unsuitable as a fuel for inter-
nal combustion engines. However, a coal gasifier
that produces synthesis gas requires an oxygen
generator, which increases the system cost. Fur-
thermore, both low- and medium-Btu gas from
coal contains sulfur (hydrogen sulfide), ash, and
other impurities that may have to be cleaned from
the gas before it is used. Commercially available
low-temperature gasifiers also produce a gas that
contains some aromatic compounds and other
relatively large compounds that can result in par-
ticulate when the gas is burned. High-tempera-
ture gasifiers are being demonstrated, and the
technological obstacles to their production do not
appear to be severe.

Wood

Wood has a relatively high oxygen content and
can be gasified completely to synthesis gas (300

to 400 Btu/SCF) by heating it (pyrolysis) without
the need for an oxygen plant. Pyrolysis usually
requires a longer residence time in the gasifier
than air-blown gasification, which increases py-
rolysis equipment costs, but probably not enough
to offset the savings from eliminating the oxygen
plant. More rapid pyrolysis gasification is possi-
ble, but can result in the formation of consider-
able quantities of relatively large organic com-
pounds in the gas that would tend to form partic-
ulate when burned. Wood gasification also can
be accomplished with air being used to partially
burn the wood. If properly controlled and de-
signed, air-blown wood gasification can produce
a fuel gas containing over 200 Btu/SCF.

Because wood contains sodium and potassium
salts, the resultant fuel gas often contains these
elements as impurities, which can damage or re-
duce the life of certain turbine blades. Thus, as
with coal gas, wood gas may have to be cleaned
before it is used.

Municipal Solid Waste

Municipai solid waste (MSW) contains large
amounts of paper, plastic, metals, and other ma-
terials. The heavier materials can be separated
economically from the paper in MSW, but most
plastics cannot. Thus, for practical fuel purposes,
MSW is a mixture of paper and plastic.

Like wood, MSW can be pyrolyzed to synthesis
gas or partially burned to a lower energy gas in
an air-blown gasifier. However, because much
of the plastic in MSW contains chlorine (e.g.,
polychlorinated biphenyl plastics) the resultant
fuel gas will contain hydrogen chloride (in aque-
ous form, muriatic or hydrochloric acid), which
is extremely corrosive. Consequently, gasifiers
and other equipment in contact with the gas must
be constructed of expensive, acid resistant steel.
Ceramic-coated metals that can be used in MSW
gasifiers are under development. As a result of
the problems introduced by plastics, MSW fuel
gas currently is not economical. Furthermore, be-
cause paper is the only part of MSW that serves
as a good gasifier feedstock, MSW gasification
only partially solves waste disposal problems.



Ch. 4—Characterization of the Technologies for Cogeneration . 745

Combustion Turbines

As discussed in the previous section, reliable
and efficient operation of open-cycle combustion
turbines requires a high quality fuel that is rela-
tively free of particulate and metallic impurities.
None of the fuel gases described above fully sat-
isfies these criteria. Coal gas contains sulfur and
some heavy metal impurities, and low-tempera-
ture gasification of coal can produce a gas that
is high in particulate when burned. Wood gas
contains sodium and potassium and, in some
cases, may produce particulate when burned.
MSW has a much lower sodium and potassium
content, but contains corrosive hydrogen chlor-
ide. If untreated, all of these fuels can damage
commercially available turbines and reduce their
useful life. Consequently, extra equipment is
needed to purify these gases. The technical prob-
lems of turbine lifetime probably can be solved
if ceramic coatings for turbine blades are success-
fully developed. However, environmental con-
trols still would be required to prevent the release
of heavy metals (from coal) and particulate (from
all fuel types).

The energy content of the gas also can pose
problems for combustion turbines. Low-energy
gas (perhaps less than 150 to 200 Btu/SCF) can
lower the efficiency of combustion turbines.
Thus, wood and MSW gasifiers must be properly
designed and operated to ensure that the energy
content of the gas is greater than 200 Btu/SCF,
while coal gasifiers will require oxygen plants to
achieve a satisfactory energy content. Combustor
design for medium-Btu gas (250 to 500 Btu/SCF)
is well developed and use of this gas with gas tur-
bines presents no efficiency problems (47,48).

Although fuel quality must be high in order to
prevent damage to turbine blades in open-cycle
combustion turbine operation, the use of solid
fuels is not necessarily precluded. It is unlikely
that coal will be able to be used in this way but
recent developments indicate that pulverized
wood can be made acceptable. The Aerospace
Research Corp. in Roanoke, Va., is designing and
building a 3-MW combined-cycle system using
an open-cycle gas turbine fueled by pulverized
wood (62). The wood is dried to a 25-percent
moisture content, and the combustion gases are
cleaned using hot gas cleanup technology devel-

oped in the British pressurized fluidized bed com-
bustion program. Using these steps, it appears
that unacceptable damage to the turbine blades
can be avoided. A 17-MW system (also designed
by Aerospace Research Corp.) operates at an in-
let temperature of 980° C and an exhaust temper-
ature of 510" C.

While this system shows promise, its accept-
ance will depend on demonstrated reliability over
an extended period. If it is necessary to remove
the blades and repair or replace them more often
than currently anticipated, the O&M costs could
negate the potential economic benefits of using
wood directly. Reliability also will depend on
durable operation of the hot gas cleanup technol-
ogy and the burner assembly, which requires a
screen to filter out the larger wood particles.
These issues should be resolved by the demon-
stration unit under construction in Virginia.

Reciprocating Internal Combustion Engines

Reciprocating internal combustion engines suf-
fer from some of the same problems regarding
fuel gas quality as combustion turbines, but
metallic contamination and particulate are more
a pollution problem than a technical problem in
operating these engines. As mentioned above,
hydrogen chloride from MSW plastics can pose
a corrosion problem if it is not removed from the
fuel gas.

For proper operation of an internal combus-
tion engine, the fuel gas must be cooled to avoid
detonation of the fuel. This reduces the energy
content of the fuel and thereby increases costs.
For wood and MSW, the loss is about 50 percent,
but may be lower for medium-energy gas from
coal and higher for low-energy gas from coal. !f
the waste heat from cooling the gas can be used
onsite, this reduction in energy content does not
reduce the engine’s overall fuel efficiency, but
will reduce the electric generating efficiency.

Fuel gas that contains heavy organic com-
pounds can produce gums that increase the
maintenance requirements for reciprocating in-
ternal combustion engines. The formation of such
gums is the most common operating problem
with using fuel gas from relatively primitive wood
gasifiers in these engines, and the second most
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common problem with MSW gas (after hydrogen
chloride formation). With wood gas, internal
combustion engines that operate continuously
may require overhauling every 6 to 12 weeks
(1,000 to 2,000 hours of operation). Engines that

burn gas from moderate- to high-temperature
coal gasifiers are more likely to have maintenance
requirements similar to those of engines that burn
premium fuels (discussed in the previous section).

INTERCONNECTION

The analysis in this report assumes that the co-
generation technologies just described are inter-
connected with the centralized electric grid, so
that the cogenerator may supply power to the
grid and use backup power from the grid. How-
ever, interconnection with the grid may create
problems for the utility system’s operations or for
the cogeneration equipment itself. As discussed
in chapter 3, many State public utility commis-
sions already have jurisdiction over utility connec-
tions with customers. In most States, this includes
regulation of voltage levels and safety standards.
However, in the past the utilities and State com-
missions have had to be concerned only with reg-
ulating power flow in one direction—from utility
equipment to the customer. Because intercon-
nected cogeneration will involve power flows in
both directions, utilities’ and regulatory commis-
sions’ tasks in these areas will be more compli-
cated.

If cogenerated power is of a different quality
from that distributed on the grid, it may affect the
utility’s ability to regulate power supply and may
result in damage to both the utility’s and its cus-
tomers’ equipment. Moreover, large numbers of
utility-dispatched dispersed generators could
make central load dispatching more difficult. Util-
ities also are concerned about properly metering
the power consumption and production charac-
teristics of grid-connected cogeneration systems,
and about the effects of such systems on the safe-
ty of utility workers. Finally, all of the above con-
cerns raise questions about liability for employee
accidents or equipment damage that may result
from improper interconnection.

The Public Utility Regulatory Policies Act of
1978 (PURPA) authorizes the Federal Energy Reg-
ulatory Commission (FERC) to issue orders under
the Federal Power Act requiring the physical con-
nection of a qualifying cogenerator (or other small

power producer) with electric utility transmission
facilities and any action necessary to make that
connection effective (e.g., increasing the existing
transmission capacity or improving maintenance
and reliability) (see ch. 3). Under the FERC rules
implementing PURPA, utility rates for purchases
of power from and sales of power to cogenerators
must take into account the net increased costs
of interconnection (i.e., compared to those costs
the electric utility would have incurred had it
generated the power itself or purchased it from
the grid), including the reasonable costs of con-
nection, switching, metering, transmission, dis-
tribution, and safety provisions, as well as admin-
istrative costs incurred by the utility. Each qualify-
ing cogenerator must reimburse the utility for
these interconnection costs. The State regulatory
commissions are responsible for ensuring that in-
terconnection costs and requirements are reason-
able and nondiscriminatory, and for approving
reimbursement plans (e.g., amortizing the costs
over several years versus requiring one lump-sum
payment).

This section discusses the nature of potential
interconnection problems for cogeneration, de-
scribes some of the technologies that can be used
to resolve them, and reviews estimates of the cost
of meeting interconnection requirements. Where
data specific to cogeneration are not available,
analogies are drawn from the relevant literature
on wind or photovoltaic systems.

Power Quality

Utility customers expect electric power to meet
certain tolerances so that appliances, lights, and
motors will function efficiently and not be dam-
aged under normal operating conditions. Power
supplied to the grid by an interconnected cogen-
erator also is expected to be within certain toler-
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ances, so that the overall power quality of the
utility system remains satisfactory. Electric utilities
are concerned about three types of power qual-
ity: correcting the power factor to keep the volt-
age and current in phase, maintaining strict volt-
age levels, and minimizing harmonic distortion.

Power Factor Correction

Current and voltage are said to be “in phase”
if they have the same frequency and if their wave
forms coincide in time. The capacitive and induc-
tive properties of electrical circuits can cause the
voltage and current to be out of phase at particu-
lar places and particular times. Phase shifts are
expressed as the cosine of the fraction (in degrees)
of the full 360° cycle of the difference between
the voltage and current maximums, called power
factor. A power factor of 1.00 means that the cur-
rent and voltage signals are in phase. A power
factor different from 1.00 means that the voltage
and current are out of phase, and can be either
“leading” if the voltage maximum occurs before
the current maximum, or “lagging” if it occurs
after. Because the most useful power is delivered
when voltage and current are in phase, it is im-
portant that the power factor be as close to 1.00
as possible.

Phase shifts are one consideration in setting the
demand component of rate structures (see ch.
3). Thus, utilities typically will have one rate for
power with a power factor of 1.00 sold to other
utilities, another rate for power sold to industrial
customers which may have power factors much
less than 1.00 and that require the utility to in-
stall special monitoring devices, and another rate
for power sold to residential customers, where
power factor is not measured individually (1).

Utilities (and cogenerators) supply power with
two basic types of alternating current (AC) gener-
ators—induction generators and synchronous
generators (64). An AC generator produces elec-
tric power by the action of a rotating magnetic
field that induces a voltage in the windings of the
stationary part of the generator. The rotation is
caused by mechanical means (steam or combus-
tion turbine, diesel engine, etc.) and the magnetic
field is created by a current flowing in windings
on the rotor. For an induction generator, this cur-
rent is supplied by an external AC source, such

as the electric power grid. For a synchronous gen-
erator the rotor current comes from a separate
direct current source on the generator itself. As
a result, a synchronous generator can operate in-
dependently of the electric grid or any other AC
power source whereas induction generators can-
not. When a cogenerator feeds into a power grid,
induction generators can be advantageous be-
cause they are less expensive than synchronous
generators (22). There are other characteristics
of the two types of generators, however, which
can negate this cost advantage.

First, synchronous generators have power fac-
tors of approximately 1.00 but can be adjusted
to slightly leading or slightly lagging, while induc-
tion generators always have lagging power fac-
tors because they have more inductive than ca-
pacitive elements (15,35,64). Second, synchro-
nous generators are more efficient than induc-
tion generators. These two points can cause syn-
chronous generators to be preferred for units
above a certain power level (about 500 kW), al-
though the precise value depends on the situa-
tion (22). Third, care must be taken if there are
several cogeneration units on a circuit, as would
almost certainly be the case for a utility buying
cogenerated power. When a synchronous gener-
ator is connected to other generators (either syn-
chronous or induction), separate equipment is
needed to synchronize each additional generator
with the others. Such equipment is standard but
does add to the total system cost.

Most cogenerators that have been installed to
date have been larger synchronous machines be-
cause they can be used if the grid is disconnected
and they offer redundant capacity for those (usu-
ally higher demand) customers who need secure
power sources, such as hospitals and computer
centers (15). However, PURPA provides incen-
tives for all sizes of cogenerators, and thus those
customers that can use smaller generators and
do not need redundant capacity will have an eco-
nomic incentive to use an induction generator.
As the penetration of these induction cogenera-
tors increases, more inductive elements are
added to a particular distribution substation’s cir-
cuits, resulting in a more lagging power factor.
Unless the utility has a leading power factor, this
creates three potential problems for the utility:
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the capacity of both transformers and switching
equipment in the transmission and distribution
system may have to be increased to handle the
out-of-phase signals; the efficiency of the trans-
mission network may decrease;* and equipment
and appliances may overheat and need more fre-
guent overhaul (20).

Utilities normally improve lagging power fac-
tors by using capacitors, which may be sited
either at the distribution substation or near the
customer’s load or generator, depending on the
cause of the poor power factor and its magnitude
(22). If the poor power factors are caused by
smaller customers’ equipment, utilities usually
pay for the correcting capacitors, while larger cus-
tomers often are required to pay for their own
power factor correction. Most utilities have guide-
lines that state the minimum power factor al-
lowed, usually 0.85 lagging (46). If a customer
fails to maintain this minimum, utilities may ask
the customer to install and pay for the necessary
corrective capacitors. * * Traditionally, few utilities
have leading power factors, because most util-
ity circuits (and most appliances and motors) have
more inductive elements than capacitive ele-
ments.

Similar policies will apply to cogenerators.
Thus, many utilities are supplying capacitors (out
of the overall transmission and distribution sys-
tem) for smaller cogenerators, while requiring
larger ones to pay for their own capacitors under
the theory that there will be fewer substations
with a significant cogeneration penetration. Thus,
the avoided substation capacity becomes part of
the utilities’ avoided cost under PURPA and is
credited to the cogenerator (see ch. 3).

*Other sources have indicated that the increase in utility transmis-
sion and distribution efficiency compensates for the decrease in
power factor from induction generators (40). Efficiency is increased
because more power is produced onsite and therefore less power
is transmitted and less power is lost due to inefficiencies in the trans-
mission and distribution system.

**Salt River Project has monitored an interconnected photovoltaic
array for an entire year and calculates that its average lagging power
factor is about 0.50 (10). However, the array produces direct cur-
rent (DC) power and uses an inverter to convert the DC power into
AC. Since cogenerators produce AC power, no inverter is necessary.
Inverters have a poorer power factor than most induction gener-
ators.

Southern California Edison’s guidelines are typi-
cal of those utilities that have set guidelines:

Installations over 200 [kw] capacity will likely
require capacitors to be installed to limit the ad-
verse effects of reactive power flow on Edison’s
system voltage regulation. Such capacitors will
be at the expense of the [co]generating facility
(49).

This expense can be important for smaller cogen-
eration systems: for example, the cost of capaci-
tors to increase the power factor of a 300-kW
generator from 0.70 to 1.00 can range from 1 to
4 percent of the capital cost of the cogenerator. *

However, just the installation of capacitors may
not be sufficient. If the capacitors are located near
induction generators, the generators may “self
excite; “ in other words, they may continue to
operate even when they are disconnected from
the utility power source. This could be a prob-
lem for utility lineworkers because the cogenera-
tor could start supplying power and endanger the
workers. This is discussed in more detail in the
section on safety, below.

Voltage Regulation

In addition to potential problems with main-
taining appropriate power factors, utilities also are
concerned with regulating voltage. Utilities have
many concerns about variations in voltage cycle
from the standard cycle, both over long and short
time intervals. While some customers can tolerate
voltage levels outside of a specified range for very
brief intervals (less than a second), any longer
term variation will cause motors to overheat and
will increase maintenance costs. * * Voltage cycle

*This range assumes that capacitors may cost anywhere from $9
to $40/kVAR (kilovolt-am peres-reactive, a measure of current and
voltage handling capability), with the low end of the range represent-
ing the cost for capacitors used in the large bulk transmission sys-
tems, such as those maintained by American Electric Power; and
the high end of the range representing the cost for capacitors used
in smaller distribution system applications, such as single-family res-
idence interconnections (29,43). The amount of capacitance needed
to correct a power factor of 0.70 to 1.00 is 1.02 kVAR/KW (63).
Capital costs are assumed to be $1 ,000/kW for a 300 kW generator
(6,61). Thus, the range of costs are 40 X 1,02 = $41/kW to 9 X
1.02 = $9/kW, or approximately between 1 and 4 percent of the
capital cost.

**The American Public Power Association’s guidelines cite a table
from the Estimator’s Guide that give recommended voltage ranges
over a given day, hour, minute, and second (I).
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variations are minimized through the proper de-
sign and operation of generators. However, gen-
erators do not always function perfectly, and pro-
tective “over/under voltage” relays generally are
necessary to disconnect the generator if its volt-
age falls outside of a certain range. These relays
usually cost under $1,000, including installation
(15,22).

The State regulatory commissions normally re-
quire a steady supply of 120 (or 240) volts (+/-5
percent) for residential customers (1). Large com-
mercial and industrial customers often receive
their voltage directly from substations or distribu-
tion lines, with much higher voltages and different
tolerances (see the discussion of transmission and
distribution in ch. 3).

Two major analyses are available of potential
voltage regulation problems caused by improper-
ly interconnected dispersed generators. One
study considers a sample utility with sO percent
of its customers generating power with wind ma-
chines (14). This study might be considered a
“worst case” analogy for cogeneration because
the output from the wind machines will change
more often than the output of typical (either in-
duction or synchronous) cogenerators. Even with
this 50 percent penetration, the study indicates
that substation voltage levels would remain within
5 percent of standard levels because:

... [the] addition of small wind systems to a [dis-
tribution] feeder will not occur suddenly; rather
wind-turbine generators will be installed in small
capacities throughout the utility’s system and if,
by chance, many are added to a particular feed-
er, the voltage profile will change gradually.
[Also] utilities adjust voltage regulation equip-
ment for normal load growth and wind-turbine
generators added to a feeder will influence this
normal adjustment procedure only slightly (13).

In the second study, the Salt River Project (SRP)
installed a transformer on its 37.5-kVA distribu-
tion circuits and connected it to two residences
(both unoccupied), one of which uses a photo-
voltaic array, in order to test the effect of the
photovoltaic system on other residences con-
nected to the same distribution transformer (12).
That study also concluded that voltages would
remain within 5 percent of standard (10).

Both of these studies indicate that cogenera-
tion should not present any longer term (i.e., last-
ing longer than 1 minute) voltage regulation prob-
lems for utilities. However, sudden and more
brief changes in power system voltages can also
occur in utility systems—especially when large
power consuming equipment is turned on and
off (such as the cycling of air-conditioner com-
pressors and refrigerators). These changes are
caused by the large amount of current that is
needed to startup these motors, thereby remov-
ing some power normally used for the remain-
ing load on the circuit. Because these large surges
of power can temporarily dim lights, these
changes are called “voltage flicker. ”

Utilities usually confine voltage flicker problems
to the customer’'s own system by requiring some
large commercial and industrial customers to use
a “dedicated” distribution transformer that con-
nects the customer’s load directly to a higher volt-
age distribution line, substation, or, in some
cases, the higher voltage transmission network. *
Because of this policy, voltage flicker and regula-
tion effects of cogenerators are extremely site-
and circuit-specific and it is difficult to make any
general statements except that most of the com-
mercial and industrial facilities that are potential
cogenerators probably already have a dedicated
transformer (15). Therefore there would be no
additional cost for voltage regulation if these
customers were to install cogenerators. One way
for cogenerators to get around this problem is to
install synchronous generators, which already in-
clude voltage regulators.

However, if a potential cogeneration facility
does not have a dedicated transformer and uses
an induction generator (e.g., smaller commercial
and residential customers), the cost involved in
installing a transformer could be equal to all other
interconnection equipment costs combined, and
therefore could be a major disincentive to cogen-
eration. In general, however:

dedicated transformers are not a valid issue
for any but the sSmallest cogenerators or small

*The connection depends on the size of the customer’s load
(usually, the larger the customer, the higher the voltage connec-
tion), the density of the surrounding area (transformers would be
needed in rural areas with spotty concentrations of loads, and in
very high density urban areas), and on other site- and distribution-
circuit-specific conditions.
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power producers (less than about 20 kw) and,
of those, only the ones installed in high density
areas where non-dedicated transformers are the
usual method of service. where a dedicated
transformer is needed, the issue usually is] set-
tled through negotiations between the utility and
the customer with the requirement for a dedi-
cated transformer being waived if it would be im-
practical (15).

Even though dedicated transformers may not
bean issue for many cogenerators, most utilities
protect themselves by including a clause in their
interconnection agreement that says:

[f high or low voltage complaints or flicker
complaints result from operation of the custom-
er’s [co]generation, such generating equipment
shall be disconnected until the problem is re-
solved (49).

The interim guidelines published by the Rural
Electrification Administration state that “no in-
duction generators larger than 10 kW should be
permitted on single phase secondary services . . .
due to possible phase unbalances and voltage
flicker” without the electric cooperative first
studying the situation to ensure that adequate and
reliable service to all members will be maintained
(52).

Harmonic Distortion

A third utility concern related to power quality
is harmonic distortion. Occasionally, other fre-
guencies besides the standard 60 cycles per sec-
ond are transmitted over the power system, usu-
ally due to the use of an inverter that converts
DC power into AC power. The distortions are
called harmonics because they have frequencies
that are multiples of 60. These distortions may
be made up of several harmonic frequencies or
a single strong frequency. A 60 cycle-per-second
power signal accompanied with many other har-
monic signals may cause several problems for the
utility:

Excessive harmonic voltages [and currents]
may cause increased heating in motors, trans-
former relays, switchgear*/fuses, and circuit
breaker ratings, with an accompanying reduction

*Switchgear (used in this citation and throughout this report) refers
to all of the necessary relays, wiring, and switches that are used
in interconnection equipment.

in service life, or distortion and jitter in TV pic-
tures, or telephone interferences. Also, excess
harmonics may produce malfunction in systems
using digital and communications equipment
(20).

Other possible problems caused by excessive har-
monics are the overloading of capacitors, mal-
functioning of computers, and errors in measur-
ing power at the customer’s kilowatthour meter

(12,25).

What constitutes “excessive” harmonics is not
well defined. There is no agreement on the ex-
act ratio of distorted signals to the standard signal,
and a great deal of research is underway to deter-
mine this ratio precisely. SRP has collected data
on the operation of an interconnected photovol-
taic array for over a year:

But, SRP feels further study is needed on the
level of harmonics that occurs naturally on a util-
ty system, the limits that must be placed on har-
monics required to prevent adverse effects on
equipment and appliances, and on whether cer-
tain harmonic frequencies are more harmful [to
the utility system] than others (4 1).

While further research is underway, both the
Electric Power Research Institute (EPRI) and the
American Public Power Association (APPA) have
recommended maximum percentage limits for
total systemwide harmonic distortions for both
current and voltage signals (as well as limits for
any one single source and single voltage or cur-
rent frequency). EPRI (20) suggests 5 percent for
current harmonics, and 2 percent for voltage,
while APPA (1) suggests 10 percent for current
and 2 percent for voltage. *

In the past, most of the major problems of har-
monics have occurred with the normal operation
of inverters, rather than any malfunctioning of
conventional induction or synchronous genera-
tors (15). Since inverters have a high capital cost,
they rarely are used and their present impact on
utility systems is small in most cases. Because
cogenerators produce AC power at the standard
power system frequencies and, therefore, do not
use inverters, and because these generators are
not normally a significant harmonic source, most

*Several municipal utilities already have adopted APPA’s recom-
mendations for harmonics, such as the Salt River Project in Phoenix.
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utility engineers feel that harmonic distortions will
not increase when cogenerators are intercon-
nected to utility systems (43).

Summary of Power Regulation Problems

Smaller cogenerators (under 20 kW) may not
be able to afford the necessary power regulation
equipment in connecting to the centralized grid,
including capacitors to correct power factor (if
required) and dedicated transformers to regulate
voltage (if not already in use). However, these
smaller units may have little or no adverse effect
on overall system power quality, according to one
study looking at wind machine penetration. Thus,
a utility, when considering each particular case
of a smaller cogenerator, may be able to exempt
the cogenerator from the requirements for expen-
sive interconnection equipment. Larger grid-
connected cogenerators might need to install
capacitors to correct for power factor—if they use
induction generators— but probably will have a
dedicated transformer already.

Even though all of the power quality effects of
interconnected cogeneration are very site-specif-
ic, most of the evidence gathered so far indicates
that neither excessive harmonic distortion nor ob-
jectionable voltage flicker will be caused by add-
ing any size of cogenerator to the centralized
system.

Metering

Three types of metering configurations can be
used to measure the amount of energy consumed
and produced by dispersed generators. The first
uses the simple watthour meter that is commonly
found outside of most homes today and that costs
approximately $30* (1,29). When a cogenerator
is producing power that is sold back to the util-
ity, the watthour meter simply runs backward
(even though the meter running backwards can
be off as much as 2 percent in measuring power)
(. As a result, the meter will measure only net
power use, thus assuming that there is no differ-

*More complicated (and more expensive) three-phase watthour
meters may be used where three-phase power, which consists of
three (current and voltage) single-phase signals, each out of phase
with the others by 120°, is supplied to larger commercial and indus-
trial customers.

ence between the utility’s rates for purchasing
cogenerated power and its retail rates. If these
rates are different (as they are likely to be with
most utility systems) then two watthour meters
can be used, one that runs in the reverse direc-
tion of the other, with the first meter to measure
power produced by the cogenerator and the sec-
ond (equipped with a simple detente or rachet
that prevents the reverse rotation of its induction
disk) to measure the customer’s power consump-
tion. This configuration is recommended by the
National Rural Electric Cooperative Association
interim guidelines, unless the individual electric
cooperative prefers a different metering system
(52).

The third configuration uses more advanced
meters to measure a combination of parameters,
including power factor correction, energy, and
time-of-use. * Some utilities are asking customers
to install these advanced meters in order to un-
derstand the relationship between the cogenera-
tor and the central power system better, and to
collect the best data possible to help determine
future interconnection requirements (such as in-
formation on power factor requirements and
peak demands) and to decide how to price buy-
back and backup power. These more sophisti-
cated meters can cost $300 or more each (29).
In some cases, such as with Georgia Power, the
utility is supplying the advanced meters and pay-
ing for the collection and analysis of data (30).
In others, such as with SRP (46) and Southern
California Edison, ** the customer may be asked
to pay for the meters (either as a one-time charge
or in several types of monthly installment plans).

Controlling Utility System Operations

Most utility systems have a control center to
coordinate the supply of power with changes in
demands. Such coordination involves both day-

*Theordore Barry & Associates (52) provides many examples of
these more advanced configurations, and includes the cost (exclud-
ing instrument transformers) for different combinations of single-
phase meters.

* *southern California Edison already bi Iis its larger customers
(either those installations with greater than 200 kW of generation
or those with less than 200 kW generation with greater than 500
kW of load) using time-of-day meters. Customers that become
cogenerators who do not have time-of-day meters already will not
be required to install them by Edison (15).
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to-day operations, including dispatching genera-
tors and monitoring load frequency and power
flows over the transmission and distribution net-
work, and longer term tasks needed to schedule
unit commitments and maintenance (25). If load
changes are not anticipated correctly by system
controllers, transformers may become over-
loaded and circuit breakers may open the line,
possibly causing power reductions or interrup-
tions for customers that are connected to that
transformer. Cogenerators have the potential to
affect two types of system operations: generation
dispatch and system stability.

Generation Dispatch

Many utilities are concerned that large numbers
of cogenerators will overload system dispatch ca-
pabilities, including the ability to anticipate
transformer overload conditions (43). If the util-
ity feels the cogenerated electricity needs to be
dispatched centrally, it could require a connec-
tion via telemetry equipment between the cogen-
erator and the control center, so that the system
controllers can turn cogenerators on and off ac-
cording to the overall needs of the utility system
(36). This telemetry equipment is costly, and
probably would be used only with very large
cogenerators.

One study has looked at potential dispatch and
control problems for a large penetration of wind
generators and has concluded that with approxi-
mately half of the load using grid-connected wind
turbines, the dispatch and control errors of the
system controllers would not increase significant-
ly (14). Because wind machines would have
greater fluctuations of power output than cogen-
erators, large numbers of cogenerators should
pose even fewer control problems.

For smaller cogenerators, it is unlikely that the
utility would require any dispatch control. Rather,
these smaller units can be treated as “negative
loads,” in which case the controller would sub-
tract the power produced by the dispersed
sources from his overall demand and dispatch the
utility’s central station generation to meet the re-
duced demand. Negative load treatment prob-
ably will be more advantageous to the utility sys-

tem than dispatch telemetry because the overall
impact of smaller cogenerators on system loading
and voltage conditions may be quite limited (44).

Negative load scheduling works well for those
utilities that already have a few cogenerators on-
line, and some utility transmission planners be-
lieve that even much larger numbers would not
cause problems for the utility. That is, as more
cogenerators are added to a particular distribu-
tion substation, the utility would continue to use
negative load scheduling. (The utility would need
to increase the capacity of the transmission and
distribution lines—equivalent to upgrading the
capacity of its lines as a developer adds more
homes to a subdivision.) Because conditions are
so site-specific, it is difficult to generalize and put
forth guidelines, and each utility’s situation must
be considered individually to determine the ap-
propriate requirements (44).

System Stability

Stability refers to the ability of all generators
supplying power to stay synchronized after any
disturbance (such as after a fault on part of the
power system) (25). At its most extreme, a disturb-
ance may cause a loss of synchronization for the
entire power system (resulting in a possible sys-
temwide blackout), or may alter the flow of
power within the system and cause selected
blackouts.

Not much is known about the effects of a sig-
nificant number of cogenerators on a system’s
stability. Utilities are concerned that large pene-
trations of small, dispersed sources of power
could contribute to unstable conditions. Some
analysts (25) cite a 5 to 10 percent penetration
of the service area (with photovoltaic systems) as
the definition of “large penetration,” while others
cite much higher figures. One study by Michigan
State University (cited in 25) shows that wind tur-
bines cause fewer stability problems for the over-
all utility system than variations in weather (such
as the movement of storm fronts). Further re-
search on the effects of cogenerators on system
stability is needed before any conclusions can be
made, however.
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Safety

A major concern with interconnection of dis-
persed generators is the safety of utility employees
working on transmission and distribution lines.
During routine maintenance or repairs to faulty
lines, lineworkers must disconnect the genera-
tion source from the service area, and establish
a visibly open circuit. Also, before starting any
repairs, they must ground the line and test it to
ensure that there is no power flowing in the line.
The Occupational Safety and Health Administra-
tion publishes a series of guidelines for utilities
on these procedures (OSHA subpt. V, sees.
1926.50 through 1926.60),

Disconnecting and grounding the lines is rela-
tively simple when the generation system is cen-
tralized and there are few sources of supply.
However, with numerous sources of power sup-
ply (as with grid-connected cogenerators) the dis-
connect procedure becomes more complicated
and extra precautions may be needed: the util-
ity must keep careful accounts of what dispersed
equipment is connected to the system, where that
equipment is located, what transmission lines and
distribution substations it uses, and where the
disconnecting switches are located. To simplify
these procedures, many utilities have asked co-
generators to locate their disconnect switches in
a certain place, such as at the top of the pole for
the distribution line going into the customer’s
building (30).

Disconnecting and reconnecting a cogenerator
is not so simple as just turning the switch off and
on, because the cogenerator must be synchro-
nized and brought up to the standard frequency
before coming back on-line with the centralized
system. Without this synchronization, both the
cogenerator and the customers’ appliances could
be damaged.

However, the normal operation of circuit
breakers that have disconnected a line to clear
a fault is to reclose automatically after a fraction
of a cycle. * If a problem on the line is still pres-

*One consultant cites the following example:

An oil circuit recloser (OCR) responds to a fault, such as a tree limb
against a conductor, by deenergizing the line for approximately one-
quarter to one second, and then recloses to restore service In the event
the fault was temporary. This operation may be repeated up to three

ent, a cogenerator also will need to be concerned
about this reconnection. Most utilities require
protective equipment that can disconnect the co-
generator from the line before any reclosing can
occur (49).

Another problem with disconnecting cogenera-
tion equipment is self-excitation of the generators.
When an induction generator is isolated from the
rest of the grid (because of a downed line or a
breaker opening the line), the absence of the grid-
produced power signal usually will shut down the
generators. However, if there is sufficient capac-
itance in the nearby circuits to which the genera-
tor is connected (e.g., power factor correcting
capacitors), the induction generator may con-
tinue to operate independently of any power sup-
plied to the grid. * The power signal produced
by the isolated self-excited induction generator
will not be regulated by the grid’s power signal
and the customer’s electricity-using equipment
may be damaged. More importantly, an isolated
induction or synchronous cogenerator that re-
energize on the customer’s side of a downed
transmission or distribution line, could endanger
utility workers. Self-excitation is less of a prob-
lem with synchronous generators (which will con-
tinue to operate independently of the grid).

There are two ways to prevent self-excitation
problems. First, the utility can put the corrective
capacitors in a central location, in which case
disconnecting a cogenerator also will disconnect
the capacitors and reduce the possibility of self-
excitation. Southern California Edison recom-
mends this method for smaller (less than 200 kW)
cogenerators (49). Alternatively, voltage and fre-
guency relays and automatic disconnect circuit
breakers can be used to protect both the cus-
tomer’s equipment and utility workers.

In summary, while extra precautions must be
taken to ensure the safety of utility crews, none
of these precautions is difficult to implement and,

times, depending on the recloser setting, before the OCR [leaves] the

line deenergized (52).

Such alternate connecting and disconnecting can damage the
cogenerator.

*One consultant calculated that this self-excitation is possible with
wind turbines (1 4). A 100-kW machine capable of supplying half
of the customer’s load, connected to the capacitors needed to cor-
rect a 0.75 power factor to 1.00, will self-excite and supply 30 volts
to that load—25 percent of the standard 120 volts.
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when properly carried out, will minimize the po-
tential for danger to utility personnel.
Liability

Despite the protective relays and automatic dis-
connect switchgear that may be installed, this
equipment may not always function properly and
the cogenerator could damage the utility’s equip-
ment or other customers’ appliances. Under
PURPA, the net increased interconnection costs
may include the cost of insurance against liabil-
ity for such damage, or liability may be assigned
to the cogenerator in the purchase power con-
tract. Liability issues also have been raised regard-
ing wheeling, but in that case no special insur-
ance policy is needed, and all the ratepayers
share any liability for damage due to wheeled
power (6).

At the present time, few guidelines exist for util-
ities concerning the liability of the cogenerator.
A set of guidelines being prepared by EPRI recom-
mends that the cogenerator be responsible for
damages caused by the cogeneration system, up
to and including the connection to the customer’s
side of the meter (20). A second approach has
been adopted by Southern California Edison,
whose interconnection contract provides that:

Customer is solely responsible for providing
protection for customer’s facilities operating in
parallel with Edison’s system and shall release
Edison from any liability for damages or injury
to customer’s facilities arising out ofsuch parallel
operation, unless caused solely by Edison’s negli-
gence . .. Customers shall be required to main-
tain an in-force liability insurance in an amount
sufficient to satisfy reasonably forseeable indem-
nity obligations and shall name Edison as an addi-
tional insured under said insurance policy (49).

A precise definition of “reasonably foreseeable
indemnity obligations” is not yet clear. Few util-
ities will put an exact figure in writing and leave
each case to be determined on an individual ba-
sis. Many have argued against some of these lia-
bility requirements that place an excessive cost
burden on owners of cogenerators and small
power producers. A staff report to the California
Public Utilities Commission (CPUC) recom-
mended that utilities be allowed to include only

standard “boilerplate” liability and indemnity
provisions, and not to require a cogenerator “to
assume a greater responsibility for losses resulting
from its acts or equipment failure than it would
have under common law principles” (8). The staff
also has tried to eliminate the dual cost burden
of insurance and dedicated transformers, and has
recommended that cogenerators and small pow-
er producers with capacity under 20 kW that
have installed dedicated transformers be excused
from providing proof of liability insurance. In an-
other case, the New York Public Service Commis-
sion ruled that the utility could not require a
cogenerator to assume the utility’s broadly
sweeping liability clauses, but rather the utility
could require a cogenerator to be responsible
only for negligent installation and operation of
his equipment (3).

Summary of Requirements

Cogenerators may need several types of equip-
ment for proper interconnection with centralized
utility grids: corrective capacitors to meet power
factor requirements, relays and filters to protect
the circuits of other customers, special meters to
measure cogeneration energy profiles, and dedi-
cated transformers and increased transmission
and distribution line capacity to ensure reliable
service. Moreover, cogenerators may be required
to carry special liability insurance to limit the
responsibility of the utility or its noncogenerating
customers. These requirements are displayed
graphically in figure 41.

While utilities and cogenerators agree that
interconnection may pose all of the problems dis-
cussed above, there is still much to be decided
about the frequency and severity of these prob-
lems for particular cogeneration systems. Even
when utilities and cogenerators agree about the
nature of potential interconnection problems,
they may disagree about the type or quality of
equipment necessary to resolve them.

Quality of Interconnection Equipment

One of the critical questions concerns the qual-
ity of the equipment used in the interconnection.
There are two basic levels of quality: “industrial”
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Figure 41 —Possible Power System Additional Equipment Requirements to Serve Qualifying Facilities
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SOURCE: Blair A. Ross, “Cogeneration and Small Power Production Facility Effects on the Electric Power System,” paper presented at Federal Energy Regulatory
Commission conference on Cogeneration and SmalL Power Production RuLes, June 1980.

and “utility” grades. Utility grade equipment gen-
erally is more reliable and responsive, but it also
costs more than industrial grade (40). Although
requirements have varied in the past, a general
consensus is emerging that industrial grade equip-
ment is adequate for smaller (under 300 kW) co-
generators while larger cogenerators should use
the more costly utility grade. This distinction is
based not only on the safety implications of a
system failure but also on the cost of replacing
damaged equipment. For smaller cogeneration
systems, the maintenance or replacement cost of
utility grade equipment could be several times
higher than the cogenerator's monthly electricity
bill.

However, utility grade equipment may be nec-
essary under certain circumstances. For example,
Southern California Edison requires “utility qual-
ity” protective relays if a cogenerator is large
enough (more than 1 -MW installed capacity) that
the opening and closing of utility relays must be
synchronized (49). While many utility engineers
agree with this distinction, they also may disagree
about the size of equipment that requires indus-
trial or utility grade. One source suggests that in-

dustrial grade equipment should be used by co-
generators smaller than 200 kW, while others sug-
gest 1 MW as the cutoff point (34).

Guidelines for Interconnection

Utilities differ widely in their general specifica-
tion of interconnection requirements. Some util-
ities have adopted guidelines, while others review
each interconnection design to ensure that it
meets their standards. Although case-by-case re-
view can result in costly delays for a cogenerator,
utilities and interconnection experts agree that
separate reviews are necessary until industrywide
standards have been developed for the intercon-
nection of onsite generating equipment (4). At
this time, each cogenerator has virtually custom-
designed configurations of interconnection
equipment because the circumstances under
which connections are made vary widely, and
so few cogenerators have been installed by each
engineer that it is difficult to generalize and use
rules-of-thumb (57).

Research is underway to provide the needed
information for future guidelines, and several sub-
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committees of the Institute of Electrical and Elec-
tronics Engineers’ (IEEE) Power System Relaying
Committee* are working together on a manual
of accepted interconnection standards, with spe-
cific engineering guidelines for a wide range of
equipment types and conditions. EPRI also is as-
sembling its own guidelines, although for a more
general audience, and researchers at the Jet Pro-
pulsion Laboratory (JPL) have made many recom-
mendations on guidelines to the Department of
Energy’'s (DOE) Electrical Energy Systems Division
(25). Several staff members at IEEE, EPRI, DOE,
and JPL are delegates to a committee that will
recommend changes in the National Electrical
Code related to interconnection equipment by
late 1983 (24). Finally, several utilities are install-
ing instruments on their own initiative to measure
power factor, voltage variation, frequency, and
other aspects of cogenerated power, with the
hope that this better instrumentation will lead to
a better understanding of interconnection per-
formance, costs, and benefits (37).

This research points out the need for perform-
ance-based guidelines—allowing cogenerators to
meet general functional criteria—rather than tech-
nology-specific guidelines that might require par-
ticular technologies that could become out-
moded or more costly in the future. The CPUC
staff (8) recommended that utilities should use
performance-based guidelines (that specify such
functions as reacting properly to utility system
outages, assisting the utility in maintaining system
integrity and reliability, protecting the safety of
the public and of utility personnel), rather than
specifying a list of equipment that could restrict
cogeneration unnecessarily (8).

Southern California Edison complied with the
CPUC staff recommendation by issuing a com-
plete set of equipment performance specifications
as its guidelines. The guidelines provide all re-
quirements for design, installation, and operation
of interconnecting equipment in clear, easy-to-
read language, and include examples of wiring
diagrams and metering configurations that meet
its performance specifications for three types of
cogenerators: those over 200 kW with the inter-

*Hassan and Klein (25) give a good list of the various groups within
IEEE, as well as other organizations, that are working on these issues.

connection equipment owned by the customer,
those over 200 kW with the equipment owned
by the utility, and those under 200 kW (49). Other
consultants have also suggested that different pol-
icies be used with different sizes of generators,
with one policy covering units under 5 kW, an-
other for units between 5 and 40 kW, and a third
for units over 40 kW (40).

Southern California Edison requires all intercon-
nection equipment (that eventually will be owned
by the utility) for cogenerators larger than 200 kW
to have four functions:

(i) A set of utility-owned circuit breakers in addi-
tion to any circuit breakers that the customer
may have installed,

(ii) synchronizing relays,

(iii) meters for kW and kWh produced and de-
manded, kVARh demanded, and (for cogen-
erators larger than 1 MW) telemetry and tele-
phone communication lines, and

(iv) protective relays for short circuits, isolation (to
separate the cogenerator from other custom-
ers on its line), over/under frequency and volt-
age, and circuit-breaker closing/reclosing (to
prevent the re-energizing of an open line) (49).

For installations over 200 kw with customer-
owned interconnections, the Southern California
Edison requirements state: “The customer shall
provide adequate protective devices to detect
and clear . . . short circuits, . . . detect voltage
and frequency changes, . . . and prevent reparal-
leling the customer['s] generation.” There are
similar, although less stringent, requirements for
under 200 kW equipment (49).

Southern California Edison also gives the cogen-
erators three different options for paying for all
required interconnection equipment: (i) the utility
supplies and owns the interconnection equip-
ment and the cogenerator pays a standard
monthly charge, currently 1.7 percent of the total
costs of the facilities; (i) the cogenerator installs
the equipment to utility specifications and trans-
fers ownership to the utility at which time the util-
ity assesses a one-time engineering charge for ap-
proving the design, and the utility charges month-
ly operation and maintenance fees for the equip-
ment (currently 0.75 percent of the total costs of
the facilities), or (iii) the utility builds the equip-
ment, with an advance payment from the cogen-
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erator, and the cogenerator pays the monthly
operation and maintenance charge once con-
struction is completed (49). Most utilities just of-
fer the last option, with monthly charges greater
than $1,000 for large installations of several mega-
watts capacity, and much less for smaller facilities
(46).

Costs for Interconnection

Interconnection costs can vary widely depend-
ing on the size of the cogeneration system and
on the requirements of the utility or State regula-
tory commission. Two published studies on co-
generation allow for a detailed comparison of
costs for a variety of assumptions. One set of sam-
ple costs includes schemes for a variety of gener-
ators and is shown in table 26. These schemes
have used similar assumptions in assembling the
interconnection costs, and so are useful for com-
parison purposes and relating the economies of
scale of interconnection.

As can be seen in table 26, the interconnec-
tion requirements for the larger units cost less per
kilowatt to construct and maintain; and as the size
of the cogenerator decreases, the cost per kilo-
watt increases rapidly, from $35/kW for the 20-
MW generator up to $1,328/kW for the 2-kw

generator. Because cogenerators in this range
typically cost about $1 ,000/kW, the total costs
for interconnection of these smaller generators
can exceed the capital costs of the generators.

Some utility personnel feel these costs are high-
er than their experience would indicate (35,43).
Some of these costs may be unnecessary or else
might be paid by the utility instead of by the
cogenerator (6,8). For instance, dedicated trans-
formers may be installed already, thereby reduc-
ing the total interconnection cost substantially—in
some cases by more than 30 percent.

These costs also depend heavily on whether
existing switchgear is adequate or whether
modifications will be necessary to accommodate
the cogeneration equipment. For example, two
different 900-kW installations might vary in cost
between $150,000 (or $167/kW) and $250,000
(or $278/kW)—with the difference resulting from
the number of modifications needed in existing
distribution cables and switchgear (57).

Based on the published information, OTA has
assembled cost information for three different
sized systems, using two series of assumptions for
interconnection requirements for two of the
smaller generators and one set of assumptions for
the larger generator (22).

Table 26.—Cogeneration Interconnection Sample Costs®

Costs (dollars)

Equipment (kW)

Engineering Total cost
Scheme® Generator size Transformer size Switchgear Transformer Relay labor Total ($/kW)
Larger generators:
A 20,000 20,000 $296,000 $314,000 $51,000 $30,000 $691,000 $35
B 5,000 10,000 150,000 160,000 43,000 30,000 339,000 68
c 4,200 10,000 129,000 160,000 18,000 26,000 319,000 76
D 1,000 2,500 56,000 31,000 11,000 12,000 104,000 104
E 200 750 27,000 16,000 7,000 10,000 60,000 300
Smaller generators:
F 100 111 $4,700 $2,250 $2,065 $1,900 $10,915 $109
G’ 50 112 4,340 1,530 2,125 1,550 9,545 191
H 50 112 1,570 1,530 1,325 1,500 5,925 119
\ 20 30 2,590 640 360 1,450 5,040 252
Joe 5 25 496 130 360 950 1,935 387
K* 2 10 1,035 350 320 950 2,655 1,328

aAll costs include new (either shared or dedicated) transformers, but do not include: watthour meters, annual maintenance requirements for all interconnection equip-

ment, and site preparation and cabling costs,
b industrial-grade relays are used in all schemes.

cScheme G uses more expensive circuit breakers than the other small generator schemes.
dschemes athrough | use synchronous generators, all others use induction generators..

escheme J uses a shared transformer, all others use dedicated ones.

SOURCES: Office of Technology Assessment, from James Patton, Survey of Utility Cogeneraflon hterconnection Practices and Cost—FIna/ Report (Washington, D. C.:
U.S. Department of Energy, DOE/RA/29349-OI, June 1980); James Patton and S. Igbal, Small Power Producer Irrterconnectlon Issues and Costs (Argonne,

Ill.: Argonne National Latmratory, February 1981).



158 . Industrial and Commercial Cogeneration

Because the range of conditions and the use
and cost of interconnection equipment may vary
widely with smaller cogenerators, two sets of as-
sumptions were used; a “best case” that assumes
that power factor correcting capacitors, a dedi-
cated transformer, and protective relays would
not be needed; and a “worst case” that assumes
that this equipment (along with more expensive
meters and equipment transformers for these me-
ters and relays) would be needed. Both 50-kW
systems use induction generators, while both
500-kW and 5-MW systems use synchronous gen-
erators.

All of the equipment meets industrial grade
specifications and operates at 480 volts on a
three-phase circuit (these are common conditions
for medium-sized equipment). All of the costs
cited include installation, except for the protec-
tive relays which cost $250 to install (22). Table
27 displays the various cost components of the
interconnection for the three generators.

The cost to interconnect the smallest generator
(50 kW) varies between $52 and $260/kW, or a
range of 5 to 26 percent of the capital cost of the
generator (assuming $1 ,000/kW capital cost). The
cost for the 500-kW generator varies between $22
and $66/kW, or 2 to 7 percent of the capital cost,
while the cost for the largest generator (5 MW)
is $12/kW, or 1 percent of the capital cost.

From table 27, two important results are ob-
served: First, most of the variations in cost result

from the addition of a dedicated transformer to
the interconnection requirements, as well as the
use of more expensive relays and other protec-
tive devices. Second, the cost per kilowatt of
capacity decreases quickly as the size of the gen-
erator increases, primarily due to the economies
of scale for circuit breakers, transformers, and in-
stallation costs, and because most of the cost of
the relays is independent of the size of the gener-
ator they protect. For example, even though the
capacity of the !@O-kW generator is ten times that
of the 50 kw, the circuit breaker costs only eight
times as much and the dedicated transformer
only three times as much.

From these studies, it is concluded that there
is a great deal of variation in the cost of intercon-
nection equipment per kilowatt of cogeneration
capacity. The costs will depend on the size of the
cogenerator and the amount of transmission and
distribution equipment already in place. Costs per
kilowatt will increase as the size of the generator
decreases and as the amount of new transmis-
sion and distribution equipment increases.

Summary

Interconnecting cogeneration could create
problems for utilities, especially with respect to
providing satisfactory power quality, controlling
system operation, and minimizing utility liability
and safety problems. While many of these prob-
lems may require special dedicated facilities or

Table 27.—interconnection Costs for Three Typical Systems

50 kW 500 kw 5MW

Equipment Best Worst Best Worst Average
Capacitors for power factor . .. ......... — $1,000 $5,000 -
Voltage/frequency relays . .............. $1,000 1,000 $1,000 1,000 $1,000
Dedicated transformer. . . . . . ... ........ — 3,900 - 12,500 40,000
MELET . oot 80 1,000 80 1,000 1,000
Ground fault overvoltagerelay .......... 600 600 600 600 600
Manual disconnect switch . ............ 300 300 1,400 1,400 3,000
Circuit breakers . . . ................... 620 620 4,200 4,200 5,000
Automatic synchronizers. . . ... ......... —_— 2,600 2,600 2,600
Equipment transformers ............... 600 1,100 600 1,100 1,100
Other protective relays . . . . ... ... ...... — 3,500 - 3,500 3,500

Totalcosts ($) ..., $2,600 $13,020 $11,080 $32,900 $57,800

Total costs ($/kW). . ... 52 260 22 66 12
NOTE: “-” means an optional piece of Interconnection equipment that was not Included in the requirements and cost

calculations.
SOURCE: Off Ice of Technology Assessment calculations based on data derived from Howard S. Geller, The Interconnection
of Cogenerators arrd Small Power Producers to a Utility System (Washington, D. C.: Office of the People’s Counsel,
February 1982),
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operating and administrative techniques, none
are insurmountable and most have been resolved
in the past (44). One executive remarks that the
utility industry has not yet identified any prob-
lems with distributed generation which cannot
be solved technically (43). The real problem is
whether the cost involved will be prohibitive.

However, in order to determine costs, more
analysis and better data are needed. Results ob-

tained to date through simulation and analysis
must be verified in the field (25). In addition, State
commissions need to encourage those utilities
that have not yet done so to prepare guidelines
for interconnection requirements, and to update
those guidelines as the results of new research
being conducted by EPRI, DOE, APPA, IEEE, and
individual utilities are made available, and as ex-
perience is gained.

THERMAL AND ELECTRIC STORAGE

The analysis in chapter 5 shows that the greatest
opportunity for cogeneration occurs when on-
site thermal demands closely match regional elec-
tric demands. To some extent, a cogenerator or
a utility could mitigate a mismatch between these
two demand curves through the use of devices
that store either the thermal or electrical energy
for release when it is needed. Thermal and elec-
tric storage techniques are described briefly
below. *

Thermal Storage

The thermal demand of an industry or building
is rarely constant; rather, it varies with the day
(e.g., weekday v. weekend day) and time of day
as well as with the season. As a result, an in-
dustrial or commercial cogenerator may produce
more thermal energy than can be used immedi-
ately onsite. Similarly, if a cogenerator is supply-
ing electricity to the utility grid, a mismatch be-
tween the timing and/or magnitude of the onsite
thermal needs and the utility’s electric demands
could result in temporary excess thermal energy
production. In such circumstances, it maybe ad-
vantageous to store this excess thermal energy
for subsequent use during periods when the co-
generator is producing less than is needed on-
site. Thermal energy storage also can be used to
reduce peakloads on utility powerplants, to im-
prove the efficiency of heating or cooling devices
by reducing cyclic losses, and to make it prac-
tical to utilize periodic renewable energy sources

*More detailed information on both types of storage maybe found
[n reference 38.

(e.g., excess solar energy collected during the day
can be stored for heating during the night).

There are three basic approaches for storing
thermal energy. In sensible-heat storage, engine
or exhaust heat is used to elevate the temperature
of a liquid or solid that does not melt or other-
wise change state for the temperature range in
question. Water is the most widely used material
for sensible-heat storage. It is relatively easy and
inexpensive to store at temperatures below its
boiling point, but can be stored at temperatures
up to 300° to 400° F if pressurized tanks are used.
At higher temperatures, the pressure required to
maintain water in its liquid form would greatly
increase the cost and danger of operating the
system. Even at lower temperatures, it can be dif-
ficult to maintain constant output temperatures
when the stored energy is tapped. Rocks also can
be used in sensible-heat storage by heating them
and keeping them in insulated containers. How-
ever, the heat storage capabilities of rocks are
poorer than those of water,

Latent-heat storage occurs when a material
undergoes a phase change (e.g., melting, vaporiz-
ing) when heated. This approach supplies energy
at a relatively constant temperature and usually
allows for greater amounts of energy to be stored
in a given volume or weight of material, as com-
pared to the sensible heat approach. More than
500 phase change materials have been reported
as potential thermal energy storage candidates,
but three basic categories are used in low-temp-
erature applications: 1 ) inorganic salt com-
pounds, 2) complex organic chemicals such as
paraffins, and 3) solutions of salts and acids. The
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disadvantages of latent-heat storage include the
high cost of the phase change materials and the
difficulty involved with transmitting thermal
energy in and out of the storage medium.

Chemical storage technigues use heat to pro-
duce a chemical reaction, and then release the
heat when the reaction reverses. The most prom-
ising materials for the chemical storage of ther-
mal energy are metal hydrides (compounds of the
metal and hydrogen) because their reactions can
be reversed easily. Moreover, hydrides have rel-
atively high heats of formation, while the reac-
tion products can be stored at ambient temper-
atures and the heat recovered as needed and
stored indefinitely with no need for insulation.
Chemical storage techniques may be applied at
a wide variety of temperatures, and transporting
the chemical energy is convenient. However,
chemical storage is likely to be less attractive than
other methods because the catalysts required to
facilitate the chemical reaction are expensive, as
is the storage of gaseous chemicals in pressurized
tanks, and the metal hydrides may be highly toxic
and pose a dangerous fire risk.

The size of a thermal storage unit will depend
on the onsite energy needs (e.g., a single resi-
dence, a large building or industrial plant, a utility
powerplant). However, most of the experience
to date is in the design, construction, and opera-
tion of smaller thermal energy storage systems
capable of storing heat from electric generating
plants with less than 500-kW capacity. Table 28
indicates possible required storage capacity as a
function of typical industrial plant sizes.

Reliable data on costs, maintenance, and per-
formance for thermal energy storage systems are
not yet available. Most systems are still in R&D
stages. Thermal energy storage using water in
above ground or underground tanks has been

Table 28.—Thermal Energy Storage (TES)
Capacity Range v. Plant Size

Characteristic size (MW) TES capacity range (10'Btu)

2 4t06
20 40to 60
100 200 to 300

SOURCE: Roger L. Cole, et al,, Oesign and Installation Manual for Thermal Energy
Storage (Argonne, lll.: Argonne National Laboratory, AN L-79-15, 2d cd.,
January 1960)

studied the most and is closest to being ready for
commercial use, although even these systems re-
guire more research and design work.

The component costs of a thermal energy stor-
age system will include the cost of the storage
medium itself, the containment facility that
houses the medium, and the maintenance re-
quired to keep the storage system in working
order. Other costs that accrue to sensible-heat
systems using water include the cost of additives
to inhibit corrosion or prevent freezing, which
can be significant. Although costs are uncertain,
developers have estimated storage costs as a func-
tion of storage capacity for several low- and high-
temperature thermal storage systems (see figs. 42
and 43).

Figure 42.— Low-Temperature Thermal Storage
Cost per KWh,v. Storage Capacity
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SOURCE: Application of Solar Technology to Today's Energy Needs, Volumes |
and Il (Washington, DC.: U.S. Congress, Office of Technology
Assessment, 1976).
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Figure 43.—High.Temperature Thermal Storage
Cost per kWh,v. Storage Capacity
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Some general factors affecting efficiency, or
the percentage of thermal energy recovered from
storage, are the supply temperature range (the
ratio of the input temperature to the storage
material temperature), the specific heat of the
storage medium, and the insulating properties of
the storage container. In general, the overall ef-
ficiency (energy in/energy out) declines as the in-
put temperature increases.

Little special maintenance should be required
for thermal storage tanks because they contain
no moving parts. However, it is necessary to
check the tanks periodically for corrosion, and
the effects of normal weathering may necessitate
repainting or repair of the tank,

Electric Storage

Storage of electricity is an alternative means of
matching generating capacity output with user
demand. It may be particularly advantageous in
conjunction with intermittent sources of electrici-
ty, including wind and solar generators as well
as some cogenerators.

The primary methods of storing electric energy
are:

+ pumped storage, in which electricity is used
to pump water to a higher elevation during
periods of low electricity demand, and then
the water is released to the lower elevation
to drive a turbine during times of peak
demand;

« compressed air storage, in which electricity
is used to compress air during low demand
periods, and then the air is heated and ex-
panded through a combustion turbine to
generate electricity at peak demand;

- electrochemical storage, which (as with
chemical thermal energy storage) uses re-
versible electrochemical reactions to store
electric energy (e.g., in batteries);

+ mechanical energy storage, Which uses fly-
wheels brought up to speed by electric
motors to store kinetic energy for subsequent
controlled release to generate electricity; and

- thermal storage, in which electricity is con-
verted to heat and stored in hot solid, liquid,
or gaseous materials (as described above) for
subsequent controlled release to generate
elect ricity.

The most common form of electric energy stor-
age for dispersed energy systems (such as cogen-
erators) would be battery storage. * However, the
electric energy must be introduced and with-
drawn from batteries as direct current, and thus
inverters must be included in any battery system
that receives and produces alternating current.
Within large bounds, the cost of batteries per unit
of storage capacity is independent of the size of
the system because most batteries consist of a

*Battery storage of electricity 1s discussed in detail In increased
Automobile Fuel Efficiency and Synthetic Fuels: Alternatives for
Reducing Oil Imports (OTA-E-185, September 1982).
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large number of individual reacting cells. Larger
systems may benefit from some economies of
scale because of savings due to more efficient
packing, lower building costs, and possibly lower
costs of power conditioning (see discussion of in-
terconnection), but a separate analysis on this
point must be performed for each type of bat-
tery. It is likely that there will bean optimum size
for each device.

Lead-acid batteries are the only devices current-
ly mass produced for storing large amounts of
electric energy using electrochemical reactions.
Systems as large as 5,000 kwWh currently are used
in diesel submarines. However, contemporary
lead-acid battery designs have a relatively low
storage capacity per unit weight (due largely to
the amount of lead used), and batteries how on
the market that can be discharged deeply often

enough for onsite or utility storage applications
are too expensive for economic use in electrici-
ty generation. Extensive work is being done to
determine whether it is possible to develop bat-
teries suitable for use in utility systems, including
work on advanced lead-acid battery designs and
on several types of advanced batteries that may
be less expensive than lead-acid batteries in the
long term.

Advanced battery types include nickel-iron,
nickel-zinc, zinc-chlorine, sodium-sulfur, and
lithium-metal sulfides. Operating and cost char-
acteristics as well as expected availability data are
given in table 29 for several battery types. A com-
parison of technical and cost characteristics for
several electric storage systems, including ther-
mally based electric storage is given in table 30.

Table 29.-Cost and Performance Characteristics of Advanced Batteries

Estimated availability

Operating Energy density Power density Estimated cost (year) (prototypes
temperature (watthours (watts per Estimated (dollars per or early

Battery type (degrees Celsius) per kilogram) kilogram) cycle life kilowatthour) commercial models)
Lead-acid

Utility design ... ... Ambient - - 2,000 80 1984

Vehicle design

(improved). . ..... Ambient 40 70 > 1,000 70 1982

Nickel-iron . ......... Ambient 55 100 >2,000 (?) 100 1983
Nickel-zinc.......... Ambient 75 120 800 (?) 100 1982
Zinc-chlorine

Utility design ... ... 30-50 - 2,000 (?) 50 1984

Vehicle design . . . .. 30-50 90 90 > 1,000 (?) 75 1985
Sodium-suifur

Utility design ... ... 300-350 — — > 2,000 50 1986

Vehicle design . . . . . 300-350 90 100 > 1,000 1985
Lithium-iron sulfide. . . 400-450 100 >100 1,000 (?) 80 1985

NOTE: Variety of advanced types of batteries are currently under development for electric-utllity storage systems and electric vehicles because the lead-acid battery
probably cannot be Improved much further. The table lists the properties of batteries that may prove superior. The most important criterion for storage in electric-
power systems is long life: the ability to undergo from 2,000 to 3,000 cycles of charge and discharge over a 10- to 15-year period. For electric vehicles the chief
criteria are high energy content and high power for a given weight and volume. (The dashes indicate that these criteria do not apply to electric utilities.) Both
the utillties and vehicles wlll require batteries that are low in cost (preferably less than $50/kWh of storage capacity), safe, and efficient.

SOURCE: F. R. Kalhammer, “Energy-Storage Systems,” 241 Scientific American 5665, December 1979.
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Table 30.—Expected Technical and Cost Characteristics of Selected Electrical Energy Storage Systems

Thermal

Hydro pumped Lead-acid

Characteristics storage Compressed air Steam Qil batteries  Advanced batteries
Commercial availability . . . Present Present Before 1985 Before 1985 Before 1985 1985-2000
Economic plant size

(MWh or MW) . ......... 200-2,000 200-2,000 50-200 50-200 20-50 20-50

MW MW MW Mw MWh MWh

Power related costs®($/kW) 90-160 100-210 150-250 152-250 70-80 60-70
Storage related costs®

(B/KWh) . ..o 2-12 4-30 30-70 10-15 65-110 20-60
Expected life (years)...... 50 20-25 25-30 25-30 5-10 10-20
Efficiency ® (percent) . . . . .. 70-75 —C 65-75 65-75 60-75 70-80
Construction leadtime

(Years) . ... 8-12 3-12 5-12° 5-12° 2-3 2-3

aConstant 1975 dollars, does not include cost of money during construction.
bElectric energy out to electric energy in, In percent

cHeat rate of 4,200 t. 5,500 Btu/kWh and compressed air pumping requirements from 0.58-0.80 kwh (out)

dLong leadtime includes construction of main PowerPlant.

SOURCE'’ Decision Focus, Inc., Integrated Analysis of Load Shapes and Energy Storage (Palo Alto, Calif.: Electric Power Research Institute, EPRI EA-970, March 1979)

COGENERATION AND DISTRICT HEATING

District heating is the use of one or more cen-
tralized sources of heat to supply thermal energy
to a group of buildings through a piping network.
A district heating system could provide space
heating and domestic water heating, and in some
cases space cooling, to residential and commer-
cial customers, or it could provide thermal energy
for industrial processes. A district heating system
is not limited to any particular type of heat source,
but could use conventional boilers, cogenerators,
industrial or utility waste heat, or municipal incin-
erators with heat recovery equipment. District
heating systems generally are thought of as large
citywide systems—and thus, in a sense, central-
ized power production—but they also can be
smaller systems suitable for industrial or commer-
cial parks, college campuses, and military bases.
This section will summarize the advantages and
disadvantages of district heating based on cogen-
erators; a more complete discussion of district
heating can be found in the OTA assessment, The
Envgy Efficiency of Buildings in Cities.

A district heating system comprises three major
components, as shown in figure 44: the thermal
production plants that provide heat to the system;
the underground transmission/distribution sys-
tem, which conveys thermal energy (in the form
of hot water or steam) from the thermal produc-
tion plants to customers; and the in-building
equipment—typically a heat exchanger that forms
the connection between the system distribution
network and the remainder of each in-building
heating and cooling system.

Proponents of district heating systems for the
United States cite several potential advantages of
such systems, including the improved fuel utiliza-
tion efficiency of cogeneration compared to con-
ventional steam-electric generating stations (as
described above); reduced heating costs (through
the use of currently discarded heat and increased
equipment efficiency) relative to conventional
heating systems; increased certainty of fuel sup-
ply, through reduced consumption of oil and
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Figure 44.—European Cogeneration District Heating System
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natural gas for space heating, and/or a switch to
coal or waste fuels; reduced fire hazards in build-
ings, through the substitution of a heat exchanger
for a furnace, a boiler, or electric resistance
heaters; reduced land requirements for sanitary
landfills if resource recovery facilities, such as heat
recovery incinerators, are used in district heating
systems; and increased employment and revitali-
zation of urban areas.

However, district heating also may have a
number of disadvantages. These include a very
high capital cost, due mainly to the transmission/
distribution piping. Financing is crucial to the eco-
nomic viability of district heating systems. If the
district heating system burns a high-grade fossil
fuel (natural gas or oil), the increase in fuel use
efficiency and the cost advantage to the consum-
er (compared to individual heating units) are
diminished by the high capital costs and thermal
losses in piping. Thus, a district heating system
will have a clear benefit only if it can utilize lower
price, relatively abundant fuels such as coal and
municipal solid waste that cannot be burned di-
rectly in individual heating units. In addition, the
installation and maintenance of district heating

systems, including the time required for the pip-
ing, can be drawn out and disruptive. During
construction, commercial establishments may
lose business and traffic may have to be rerouted.
Furthermore, system maintenance sometimes will
require reexcavation of the pipes, but cannot
always be performed during periods of low heat
demand (summer), since a break in the system
during the winter could prevent heat from reach-
ing customers who do not have backup heating
systems. Finally, district heating systems have
limited applicability, and some very specific con-
ditions must be met for viability, including a high
connection rate and careful design and siting.
These latter points are discussed more completely
in The Energy Efficiency of Buildings in Cities.

District heating is not a new idea, but a tech-
nically proven concept with no breakthroughs or
discoveries needed for implementation. Over 40
utility-run steam district heating systems in the
United States go back as many as 80 years, while
many smaller steam systems serve university cam-
puses, shopping centers, industrial parks, military
bases, or industrial plants located adjacent to
power stations. A high proportion of the heat in
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Northern Europe is supplied by hot water district
heating. However, U.S. city-scale district heating
systems owned by utilities have, up until now,
enjoyed little success when compared to Euro-
pean systems, primarily because European sys-
tems use hot water instead of steam. Steam
district heating systems are only justified for small
areas with very high thermal load densities, pref-
erably with connections to industrial users. Hot
water systems are preferred for commercial/resi-
dential space and water heating because thermal
extraction from steam turbine cogenerators (the
most common type used in district heating sys-
tems) should be done at relatively low tempera-
tures to reduce losses in electric generating
capacity (see discussion of steam turbine efficien-
cy, above) and heat losses during transmission
and distribution.

The potential contribution of cogeneration dis-
trict heating could be significant, but its actual
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Chapter 5

Industrial, Commercial, and

Rural Cogeneration Opportunities

INDUSTRIAL COGENERATION

Large amounts of fuel are used to produce ther-
mal energy for U.S. industries and this energy
represents a potential for fuel savings through
cogeneration. Industrial cogeneration is firmly
established as an energy supply option in the
United States, with a total installed capacity of
about 9,000 to 15,000 megawatts (MW), or about
3 percent of the total U.S. electricity generating
capacity (1 2). Industrial cogeneration currently
saves at least 0.5 Quad of fuel each year.

The onsite production of electricity in industry
(not necessarily cogeneration) has declined
steadily throughout the 20th century. This decline
was the result of a number of economic and in-
stitutional considerations that made it more ad-
vantageous for industries to buy electricity from
utilities than to generate it themselves. At the
same time, however, the technical potential for
cogeneration (the number of industrial sites
where the demand for thermal energy is sufficient
to justify a cogeneration system) has been grow-
ing, and today may be as high as 200 gigawatts
(GW) of capacity (equal to about 33 percent of
total U.S. electricity generating capacity; see
below). But, just as economic and institutional
issues were responsible for the decline of onsite
generation during the 20th century, these issues,
rather than technical constraints, mean that the
market potential (the number of sites at which
investment in cogeneration will be sufficiently at-
tractive) is much lower than the technical poten-
tial-perhaps 40 to 100 GW by 2000.

Industrial cogeneration systems may use any
of the possible technology and fuel combinations
described in chapter 4. These systems generally
are smaller than baseload utility powerplants, but
still vary considerably in size. Examples of pro-
posed cogeneration units now under considera-
tion illustrate this range: A 125-kW wood-fired
unit being built in Pennsylvania to burn the scraps
from a furniture company plant; a 5.8-MW com-
bustion turbine system being built to serve a box-

board company on the west coast; a 60-MW bio-
mass- and coal-fired system proposed for a pulp
and paper mill in northern Mississippi; and a
140-MW coal-burning unit proposed by a major
oil company to serve a complex of refineries and
chemical plants on the gulf coast of Louisiana.
This section will describe the industrial cogenera-
tion technologies and applications, discuss the
criteria for implementing an industrial cogenera-
tion system, and review estimates of the market
potential for industrial cogeneration.

Industrial Cogeneration Technologies
and Applications

The cogeneration systems in place today pri-
marily use steam turbine technology in a topping
cycle. Steam is raised in a high-pressure boiler
and then piped through a turbine to generate
electricity before heat is extracted for the in-
dustrial process (see ch. 4). The thermal output
of the turbine generally ranges from less than 50
to over 1,000 psig, which is appropriate for many
types of industrial steam processes. The steam tur-
bine topping cycle is extremely versatile, in that
it can use any fuel that can be burned in a boiler;
oil, gas, coal, and biomass are routinely used. But
when the steam turbine technology is used for
cogeneration, only 5 to 15 percent of the fuel is
turned into electricity. Thus, these cogenerators
usually are sized to fit an industry’s steam load,
and they produce less electricity than other co-
generation technologies.

The measure of the ability of cogeneration tech-
nologies to produce electricity is the ratio of elec-
trical output (measured in kWh) to steam output
(measured in million Btu), or the electricity-to-
steam (E/S) ratio. A steam turbine cogenerator will
produce 30 to 75 kWh/MMBtu, For some indus-
tries, this is only enough electricity to satisfy on-
site needs, but, in others a modest amount may
be available for export offsite as well. Higher E/S

171
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ratio technologies that have been proven in in-
dustrial uses are combustion turbines, diesels,
and combined cycles. The combustion turbine
can generate two to seven times as much elec-
tricity with a given quantity of fuel as the steam
turbine, and the diesel five to twenty times as
much. Combined-cycle systems perform in a
range between combustion turbines and diesels.
Typical E/S ratios for these technologies are given
in table 31 (see also ch. 4). Shifts in future co-
generation projects to these higher E/S systems
would increase the amount of electricity that
could be provided to the grid, and would save
more fuel than with the use of lower E/S tech-
nologies.

Fuel savings is one important advantage of
cogeneration. All of the proven cogeneration
technologies use about 50 to 60 percent as much
fuel to generate a kilowatt-hour of electricity
(beyond the fuel otherwise needed to produce
process steam) as is required by a conventional
steam generating station. Whereas a central sta-
tion powerplant requires 10,000 to 11,000 Btu/
kwh, the proven cogeneration systems require
only about 4,500 to 7,500 Btu/kWh (see table 31).
There is no particular fuel savings in the steam
production part of the cogeneration process; rais-
ing steam by cogeneration usually is allocated the
same amount of fuel as required by a conven-
tional boiler. Therefore, overall fuel savings are
roughly proportional to the total electricity pro-
duction achievable with each technology.

However, while the higher E/S technologies
produce more electricity and save more fuel than
the standard steam turbines, their fuel versatili-
ty is more limited. Higher E/S systems can only

Table 31.—Fuel Utilization Characteristics of
Cogeneration Systems

Heat rate® Second law E/S ratio

(Btu/kWh) efflciencyb (kWh/MhfBtu)
Steam turbine .. ....... 4,500-6,0(N) 0.40 (0.32) 30-75
Combustion turbine . ... 5,500-6,5fxI 0.47 (0.34) 140-225
Combined cycle . ... ... 5,000-6,000  0.49 (0.35) 175-320
Diesel ................ 6,000-7,500  0.46 (0.35) 350-700

The fuel required to generate elactrkity, In excess of that required for process
steam production alone, assuming a boiler efficiency of 88 percent for process
steam production.

%he second law efficiency for separate process steam and central station elec-
tricity generation Is shown In parentheses (see ch. 4).

SOURCE: Office of Technology Assessment from material in ch. 4.

use liquid or gaseous fuels of uniform composi-
tion and high purity, or turbine parts or engine
parts may be corroded or eroded. Although there
is some experimental work with coal and coal-
derived fuels for use in high E/S cogeneration
technologies, the only proven cogeneration tech-
nology using coal today is the steam turbine.
Some of the technologies under development
that could use coal in industrial applications are
discussed below.

Systems Design

The characteristics of presently employed sys-
tems vary enormously. Rather than try to gener-
alize the system configurations that might be used
in different industries, six examples of successfully
operating cogeneration plants are described brief-
ly below.

A pulp and paper industry cogeneration
system at the Potlatch Corp. plant in Lewiston,
Idaho, burns various woodwastes and the “black
liquor” from the first stage of the pulping opera-
tion, plus natural gas. This plant began to cogen-
erate in 1951, when the company installed a
10-MW steam turbine, which was supplemented
by another 10 MW of capacity in 1971. The co-
generation system produces steam at both 170
and 70 psig, plus 23 percent of the plant’s elec-
trical needs. The system generates less than’ the
electric load needed onsite because of the ex-
tremely low retail electricity rates and purchase
power rates in the region (see tables 19 and 34),
but will be upgraded in the 1980’s with an addi-
tional 30 MW of capacity, at a cost of $89 million
(1980 dollars), to supply almost all the onsite de-
mand. The system is extremely reliable, operating
24 hours per day 360 days per year, giving a sys-
tem availability of over 90 percent. Electrical ef-
ficiency (fraction of fuel Btu converted to elec-
tricity) is 64 percent, and the maintenance cost
is 3 to 4 mills’lkWh (29). A schematic of the co-
generation system is shown in figure 45.

An example of a chemicai industry cogenera-
tion system, that is sized to export electricity to
the grid, is the system installed by the Celanese
Chemical Co. at its Pampa, Tex., plant in 1979.
The system burns pulverized low-sulfur Wyoming
coal in two large high-pressure boilers, each
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Figure 45.—Potlatch Corp.—Schematic of the
Cogeneration System
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SOURCE: Synergic Resources Corp., Industrial Cogeneration Case Studies
(Palo Alto, Calif.: Electric Power Research Institute, EPRI EM-1531,
1980).

producing 650,000 Ib/hr of steam. After passing
through a 30-MW steam turbine, the output
steam is available (at 650 psig) for use in the plant.
The boilers produce about 20 percent more
steam than the plant needs, so the extra is used
to heat the system’s feedwater. The extra steam
could be used for plant expansion in the future

(7Q)
\£29).

The Celanese Chemical Co. shares ownership
of this system with a utility. The arrangement may
be unique. The turbine and all the electricity pro-
duced are owned by the local utility, Southwest-
ern Public Service Co., while the boiler and the
steam it produces are owned by Celanese. The
chemical company sells steam to the utility,
which in turn sells electricity to Celanese at a
favored rate—2.6¢/kWh including an 0.53¢/kWh
standby charge. Without cogeneration, the com-
pany would have paid 3¢/kWh for retail electrici-
ty. (Rates quoted are for 1978.) The rate of return
on this arrangement is expected to be over 20
percent for Celanese and over 15 percent for
Southwestern Public Service. The cost of the
system was $70 million (1979 dollars), the bulk
of which was for coal conversion equipment (the
plant previously used natural gas to raise steam).
Operating and maintenance (O&M) costs are
about 2.7 mills/kWh. The annual capacity factor
for the system, including 2 to 4 weeks of planned
downtime for maintenance, has been 72 percent
(29). The system, for which a schematic is given
in figure 46, operates to follow the electrical load.

One of the oldest ongoing cogeneration proj-
ects in the country serves a major petroleum

Figure 46.—Celanese Chemical Co./Southwestern
Public Service Co.—Schematic of the
Cogeneration System
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refinery, as well as a chemical manufacturer that
produces ethyl lead for increasing gasoline oc-
tane. The system (Louisiana Station #| at Baton
Rouge, La.) was built by the Gulf States Utility
Co. in 1930 and upgraded several times over the
decades to a present capacity of 129 MW of elec-
tricity and 3.6 million Ib/hr of steam. It has now
been cogenerating successfully for almost half a
century with only one unscheduled outage (dur-
ing an electrical storm in 1960) (29).

This cogeneration plant uses natural gas and
refinery waste gas as fuel for its boilers, which
produce both 600 and 135 psig steam for sale by
the company to its industrial customers. The over-
all efficiency of the system is 73 percent, and the
industrial customers consider the system extreme-
ly reliable. Exxon, the refinery owner, has a 7-year
contract for steam supply. The utility sells both
the electricity and steam from the station (sale
of the steam is unregulated), and the industrial
users provide most of the fuel and pay the oper-
ating costs (29). Figure 47 presents a diagram of
the Gulf States system.

Due to natural gas price increases, Louisiana
Station #1 may be phased out soon. Until 1979,
Gulf States had long-term gas contracts for $0.30/
MMBtu, and when these contracts expired the
price rose to $2.60/MMBtu. At the same time that
their fuel prices were increasing, energy conser-
vation by their industrial customers substantial-
ly reduced the demand for steam, which now
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Figure 47.—Gulf States Utility Co.—Schematic of
the Cogeneration System
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stands at one-half or two-thirds of the level that
prevailed 2 to 3 years ago, according to Gulf
States (29).

Gulf States reports that it is not in a position
to raise the capital for a new system easily (the
most recently added increment of capacity is now
27 years old), so the present system may be
retired and a new one built by Exxon. Exxon is
planning a 150- to 180-MW coal-fired cogener-
ator nearby. The proposed new cogeneration
plant would produce 6 million to 8 million Ib/hr
of process steam and potentially could supply
more industrial customers than the existing
system.

Another cogeneration system associated with
a chemical company in the southern part of the
country is the Texas City, Tex., plant of the Union
Carbide Corp. The Texas City cogeneration sys-
tem is owned by the chemical company, which
produces a wide variety of products from alcohols
to plastics, and uses natural gas for fuel. The
system is a complex network of both steam and
combustion turbines that was started in 1941. It
produces up to 70 MW of electricity, but histor-
ically has not sold any for use offsite due to
regulatory restrictions, The peak demand for the
plant is 40 MW. Union Carbide reports that it is
satisfied with its return on investment, but that
rising natural gas prices make future cogenera-
tion questionable, especially with combustion

turbines, Union Carbide is now concentrating on
conservation through heat recovery applications
and waste heat utilization, rather than cogenera-
tion (29). This system is sketched in figure 48.

The operating patterns of food plants are con-
siderably different from those of chemical or pulp
plants. An example of a food plant that only op-
erates 4 months per year is the Holly Sugar Corp.
plant at Brawley, Cal if. The plant's 7.5-MW steam
turbine system provides all the steam and elec-
tricity needed onsite. The company reports that
it installed the cogeneration system for economics
and reliability—there had been interruptions in
power when it drew electricity from the local
grid. Now the system is isolated from the grid and
operates to provide the electrical load required
for the plant. Holly Sugar reports that reliability
is very high (99,9 percent) for the 120 days per
year that the plant operates. The reported annual
capacity factor is expectedly low for such a plant
schedule—25 percent. This may be too low for
economic cogeneration under most circum-
stances, but the alternative is charges for utility-
generated power during the summer months,
which would be seasonably high—a factor that
improves cogeneration economics (29). A sche-
matic for the system is shown in figure 49.

Figure 48.—Union Carbide Corp.—Schematic
of the Cogeneration System
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Figure 49.—Holly Sugar Corp.—Schematic of the
Cogeneration System
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An example of a bottoming-cycle cogenerator
is the system at the Riverside Cement Co. plant
at Oro Grande, Calif. The plant has five waste
heat boilers to recover energy from its cement
kiln exhaust gases. These produce 100,000 Ib/hr
of steam for cogeneration via steam turbines.
Because the production of steam in the waste
heat boilers varies with the production rate of the
cement kilns, the system also has two oil-fired
boilers for use when the output of the waste heat
boilers diminishes. At present, oil provides 21 per-
cent of the energy for cogeneration. In order to
reduce its oil consumption (the cement kilns op-
erate on coal and natural gas), the company plans
to add two additional waste heat boilers. The
company reports that the system (see fig. 50) nor-
mally operates 24 hours per day, 365 days per
year, and that there have been only two brief
unscheduled outages since 1954. Because 80 per-
cent of the energy that is used for cogeneration
would otherwise be wasted, system efficiency cal-
culations are not significant in this situation (see
discussion of bottoming cycles in ch. 4). The co-
generation capacity available to the local utility
is 15 MW (29).

Advanced Systems

Most of the existing cogeneration systems de-
scribed above are limited to the use of clean
premium fuels such as natural gas and distillate
fuel oil, which are much more expensive than
alternative solid fuels, and which may be in short

Figure 50.—Riverside Cement Co.—Schematic
of the Cogeneration System
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supply in the coming decades. The only proven
technology appropriate for a wide range of in-
dustrial sites that can use solid fuels (e.g., coal,
biomass, urban refuse) is the steam turbine top-
ping cycle, which has limited electrical produc-
tion for a given amount of steam. However, a
number of technologies now under development
offer more fuel flexibility for cogeneration than
the steam topping turbine with a conventional
boiler.

The primary problem with these emerging tech-
nologies is the difficulty in handling and storing
the solid fuel and disposing of its ash. Compared
with the ease of handling traditional liquid and
gaseous fuels, solid fuels—particularly coal—are
cost intensive and complex to use. Small, medi-
um-sized, and perhaps even large industrial
plants would prefer to avoid the investment and
operating costs associated with burning coal.
These factors are likely to limit conventional coal
cogeneration systems to units 30 to 40 MW or
larger, according to sources surveyed by OTA.

CENTRAL GASIFIER, REMOTE
GENERATION SYSTEMS

An alternate system now under intensive
development would eliminate the need for in-
dustrial firms to handle coal on their plant sites.
Utilizing a central gasifier to serve a region, it
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would be possible to provide medium-Btu gas-
eous fuel to 50 to 100 industrial plants. Medium-
Btu gas has an energy content between that of
low-Btu power gas and synthetic natural gas (see
ch. 4). It can be transported economically over
a reasonable distance, and is cheaper than

premium synthetic natural gas. Onsite, the in-
dustrial plants associated with such central
gasifiers would only have relatively compact
cogeneration systems that would entail no more
accessory buildings and equipment than present
oil or gas fueled cogeneration systems. A central

Photo credit: Department of Energy, Schneider
A prototype downdraft, airblown gasifier using wood chips as the fuel
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gasifier that produced medium-Btu gas (about 300
Btu per standard cubic foot) could serve a region
up to about 100 miles in radius—the distance over
which medium-Btu gas can be transported eco-
nomically.

An example of the central gasifier/remote gen-
eration concept is the system proposed for cen-
tral and southern Arkansas to serve as many as
35 industrial sites from a central coal gasification
facility located at the Arkansas Poweré& Light Co.
(AP&L) White Bluff coal-fired generating station.
The initial central gasifier module would burn
petroleum coke or lllinois #6 coal to produce ap-
proximately 120 billion Btu of gas per day. The
as-spent cost of this module, for a design and con-
struction time of 76 months, and with commer-
cial operation beginning in mid-1988, is estimated
at $1.8 billion. This initial module could supply
fuel for combined-cycle cogenerators that would
produce 400 to 475 MW of electricity and 1.6
million to 2 million Ib/hr of steam, depending on
the conditions at each industrial site. Four central
gasifier modules of this size—producing 460
billion to 480 billion Btu per day of medium-Btu
gas—would be required to supply the 35 indus-
trial steam users identified by AP&L as the primary
cogeneration candidates in its service area. With
the central gasifier concept, these 35 cogener-
ators would use 6 million Ib/hr of process steam
and produce up to 1,700 MW of cogenerated
electricity. The synthetic gas would be piped as
far as 100 miles to user sites with combined-cycle
cogeneration systems (14).

The medium-Btu gas for the system would be
produced in a gasifier fed by streams of air or
oxygen and coal/water slurry, both pumped into
the system at controlled rates under pressure.
Both streams enter a reactor vessel where par-
tial oxidation of the fuel occurs, The product gas
leaves the vessel at very high temperature, then
passes through a series of heat exchangers that
cool the gas to 400° F. Ash from the burning fuel
is separated at the exit of the gasifier and directed
into a water-quench that produces a glassy waste
product that can be used as an asphalt filler.
Because the gasifier operates above the melting
temperature of the ash, the quenched ash is inert
and the plant does not require scrubbers.

A 150-ton-per-day Texaco entrained-process
gasifier (similar to that proposed by AP&L) has
been operating for more than 2 years, produc-
ing synthesis gas for the Ruhr Chimie chemical
plant near Oberhausen, Germany. In addition,
the Tennessee Valley Authority is building a
200-ton-per-day Texaco gasifier at Muscle Shoals,
Ala., and the Electric Power Research Institute—in
conjunction with Southern California Edison
Co.—is in the final stages of planning a 1,000-ton-
per-day gasifier (the Coolwater project) that will
be used to produce 100 MW of power. None of
these projects is intended to cogenerate, but the
technology could be used to do so (4).

FLUIDIZED BED SYSTEMS

Another advanced coal technology is the
fluidized bed combustor, which can be used to
burn coal or other solid fuels, including urban
refuse, in a more compact system than a conven-
tional coal boiler. The fluidized bed combustor
can burn coal of any quality, including that with
a high ash content, and it can operate at a tem-
perature (1 ,500° F) only about half as high as a
conventional pulverized coal boiler. At these
lower temperatures, the sulfur dioxide formed
during combustion can be removed easily by
adding limestone to the bed, and the combus-
tion gases may be suitable for driving a combus-
tion turbine with minimal erosion damage, be-
cause the coal ash is softer at lower temperatures.
Two types of fluidized beds currently are being
developed-those that work at atmospheric pres-
sure and those that work at considerably higher
pressures (see ch. 4).

At present, fluidized bed systems are used to
fire boilers, and thus can be readily used for
cogeneration with conventional steam turbines.
Fluidized bed systems incorporating combustion
turbines, which have higher E/S ratios, are in an
earlier stage of development and are just ap-
proaching commercial status. But, combustion
turbines require a high-temperature gas at a
pressure considerably above atmospheric pres-
sure, so the output of an atmospheric fluidized
bed combustor cannot be used as the input to
the turbine. Instead, the fluidized bed output can
be used in conjunction with air heater tubes for
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heat recovery in the fluidized bed, and the air,
delivered from the turbine compressor to be
heated in these tubes, can be used to indirectly
fire a combustion turbine (either open or closed
cycle).

The Curtiss-Wright Corp. in Woodbridge,
N. J., is offering a prototype indirectly fired system
on a semicommercial basis, sized to produce 2
to 10 MW of electricity and 25,000 to 150,000
Ib/hr of steam. A spokesman for the company
says that 20 MW is probably the maximum feasi-
ble size for such a system using an atmospheric
bed combustor, the bed size being the limiting
factor. Pressurized bed systems could be larger,
however. The crucial factor in this technology,
according to Curtiss-Wright, is the choice of alloy
for the heater tubes. These tubes pass through
the bed itself, operate at temperatures up to
2,000° F, and can be subject to corrosion, ox-
idation, and sulfurization. After “working the
bugs out” of the first few demonstration units,
Curtiss-Wright plans to offer the system on a com-
mercial basis (4).

Pressurized fluidized bed combustors have out-
put gases that exit at high enough pressures that
these gases may be used directly to drive a tur-
bine. These systems are also just approaching
commercial status. The German Babcock Co. is
planning a demonstration of a medium-sized
system of this type in Great Britain. The major
difficulty in the successful demonstration of such
systems is perfecting the technology for cleaning
the fluidized bed output gas so that it does not
erode the turbine blades and shorten the lifetime
of the system (4).

Shell Oil Co. recently decided to build a coal-
fired fluidized bed cogeneration system near Rot-
terdam, Netherlands, a relatively small unit that
will produce 110,000 Ib/hr of steam. A con-
siderably larger fluidized bed project is being
undertaken by the American Electric Power Co.
(AEP) at Brilliant, Ohio. The AEP system, being
built in conjunction with Babcock& Wilcox, Ltd.
of Great Britain and Stal-Laval Turbin AB of
Sweden, uses a pressurized fluidized bed to
operate a combustion turbine topping cycle in
conjunction with an existing steam turbine. The
capacity of the combined system (which will not

cogenerate in this instance but which would be
appropriate for cogeneration applications) will be
170 MW (4).

Other technologies also are receiving attention
for use with coal. The Thermo Electron Corp. has
tested the performance of a two-cycle marine
diesel engine fired with a coal/water slurry. The
engine, which is a low-speed tanker motor (see
ch. 4), could achieve in principle 40 percent ef-
ficiency in generating electricity. Coal also can
be used to fuel externally fired engines such as
the Stirling-cycle engine. N.V. Philips, of Ein-
hoven, Netherlands, has initiated work in apply-
ing fluidized bed coal systems to use with Stir-
ling engines.

Potential for Industrial Cogeneration

Cogeneration’s market potential depends on
a wide range of technical, economic, and institu-
tional considerations, including a plant’s steam
demand and electric needs, the relative cost of
cogenerated power, the fuel used and its cost,
tax treatment, rates for utility purchases of co-
generated electricity, and perceived risks such as
regulatory uncertainty. The criteria for investment
in an industrial cogeneration system is discussed
below, including a description of the industrial
sectors where cogeneration is likely to be attrac-
tive, and a brief review of the industrial cogenera-
tion projections in the literature.

Appropriate Industries

A summary of cogeneration projects by region
in the United States is given in table 32. The 371
projects in this table are those that are positively
identified as cogeneration systems in a recent De-
partment of Energy (DOE) survey (12). A break-
down by industry type is given in table 33. An
additional 98 projects-representing at least 3,300
MW of capacity—have been proposed, are under
construction, or are being added to existing
cogeneration units.

The pulp and paper industry has, for some
time, been a leader in cogeneration due to the
large amounts of burnable process wastes that
can supply energy needed for plant requirements.
Integrated pulp and paper plants find cogenera-
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Table 32—Cogeneration Projects by Region

Capacity®

Region® Number of plants (MW)
New York ,.............. 27 913
New York/New Jersey . . .. 23 498
Mid-Atlantic . ............ 39 1,512
South Atlantic ........... 62 2,200
Midwest . ............... 89 3,176
Southwest . ............. 57 4,812
Central ................. 14 259
North Central. . .......... 14 413
West................... 25 629
Northwest . . ............ 21 445

Total ................. 371 14,858

aStandard EIAIDOE regions.
bTotal may not agree due to rounding.

SOURCE: General Energy Associates, Industrial Cogeneration Potential.” Target-
ing of Opportunltles at the Plant Site (Washington, DC.. U.S. Depart-

ment of Energy, 1982).

tion particularly attractive. These plants dispose
of woodwastes (e. g., bark, scraps, forestry resi-
dues unsuitable for pulp) and processing fluids
(“black liquor™), and recover process chemicals
in furnaces that can supply about half of a plant’'s
energy needs. For at least two decades, the in-
dustry has considered power production an in-
tegral part of the manufacturing process, and new
pulp and paper plants are likely candidates for
cogeneration.

The chemical industry is another major steam-
using industry that has great cogeneration poten-
tial. It uses about as much steam per year as the
pulp and paper industry (1.4 Quads in 1976) and
historically has ranked third in installed cogenera-
tion capacity. The steel industry is also a major
cogenerator, because the off-gases from the
open-hearth steel making process provide a ready
source of fuel, which is burned in boilers to make
steam for blast furnace air compressors and for
miscellaneous uses in the rest of the plant. Al-
though the steel industry has been a major co-
generator in the past, most analysts project that
it will not build more integrated stand-alone
plants. Instead it is expected to build minimills
that run with electric arcs and have little or no
potential for cogeneration unless a market can
be found for the thermal energy. Thus, new steel
mills probably have considerably less cogenera-
tion potential than the chemical industry. How-
ever, on the gulf coast substantial cogeneration
capacity has been proposed for existing primary
metals facilities (34),

petroleum refining also is an industry that is,
in many ways, ideal for cogeneration. Existing
refineries could be upgraded over the next

Table 33.—Existing Industrial Cogeneration by SIC Code

Percent Capacity Percent
SIC code Number of total (MW) of total
20—F00d . . ... 42 11.3% 398 2.7
21 —Tobaccoproducts . ................... <1.0 33 <1.0
22—Textile mill products. . ................ 9 2.4 224 15
23—Apparel . . ... 0
24— umber and wood products. . .. ........... 19 5.1 479 3.2
25—Furniture and fixtures. . ... ............... 1 <10 2 <1.0
26—Paper . . ... 136 36.7 4,246 28.6
27—Printing and publishing . . .. .............. 1 <1.0 <1.0
28—Chemicals. . .. ... .. . 62 16.7 3,438 23.1
29—Petroleum and coal products . . ........... 24 6.5 1,244 8.4
30—Rubber, miscellaneous plastic products . . . . 3 <1.0 76 <1.0
3l—Leather . ... ... ... .. — - -
32—Stone, clay, and glass products . . .. ....... 6 1.6 115 <1.0
33—Primary metals. . . ............ ... ... 39 10.5 3,589 24.2
34-Fabricated metal products. . . ... .......... 10 2.7 304 2.0
35—Machinery, except electrical . . ... ......... 11 3.0 134 1.0
36—Electric and electronic equipment . . . . . . . .. 3 <10 83 1.0
37—Transportation equipment . . . ... .......... 1 <10 345 <2.3
38—instruments and related products . . ... .. .. 3 <1.0 137 <1.0
39—Miscellaneous manufacturing . . ... ........ —
Total oo 371 100.0 14,858 100.0

SOURCE: General Energy Associates, Industrial Cogeneration Potential: Targeting of Opportunities at the Plant Site (Washington,

DC,: U.S. Department of Energy, 1982).



decade to increase gasoline and diesel fuel out-
put and decrease residual oil production. A
byproduct of this upgrading would be the pro-
duction of low-Btu gas that might be used in
cogeneration systems. One report estimates that
such upgrading could produce 0.5 Quad/yr of
gas, to meet about 40 percent of the refineries’
1976 process steam demand and provide 9 GW
of electricity generating capacity (34). However,
new refineries are not likely to be built in the near
future except on the Pacific coast in conjunction
with enhanced oil recovery in the Kern County
heavy oilfields.

An industry in which cogeneration and con-
servation are in head-to-head competition is the
cement industry. It has been identified as a can-
didate for bottoming-cycle cogeneration, an ap-
plication in which the heat of the kiln exhaust

gas is recovered and used to produce steam for
electricity generation. But because the industry
is highly energy intensive, it has improved its ef-
ficiency substantially in recent years, reducing the
temperature of its exhaust gases from 9000 to
1,000° Fto 300° to 400° F. One plant has
reported exhaust temperatures as low as 180° F
(28). In plants where conservation measures are
that effective, it probably will not be economic
to cogenerate.

Criteria for Implementation

A wide range of considerations must be taken
into account in deciding whether to invest in an
industrial cogeneration system. These include
both internal and exogenous economic factors,
fuel cost and availability, ownership and financ-
ing, tax incentives, utility capacity expansion
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Photo credit: Department of Energy

Low-Btu gas suitable for fueling cogeneration systems is a byproduct at many petroleum refining facilities

plans and rates for purchases of cogenerated
power, and a variety of perceived risks in such
an investment.

ECONOMIC CONSIDERATIONS

For any potential cogenerator, the desirability
of cogenerating depends on the price of power
from the utility plus the cost of producing ther-
mal energy, versus the cost of cogenerating. His-
torically, industrial and commercial users have
paid different amounts for utility-produced
power. Compared to the case for commercial co-
generation (see below), industrial facilities typical-
ly have lower electric rates, averaging up to about
1.5cents/kWh lower than commercial and residen-
tial users (see table 34) (9). Nevertheless, in some
regions of the country, rates for utility purchases
of cogenerated electricity have reached 8.3cents/
kWh (see table 19), higher than the national aver-
age for either commercial or industrial retail elec-
tricity rates. These areas are prime targets for ex-
panded industrial cogeneration (see discussions
of purchase power rates and simultaneous pur-
chase and sale, below).

The current costs of cogeneration for industrial
users often are below the rates for utility pur-
chases from industrial customers. A study for the
Federal Energy Regulatory Commission (FERC)
(28) found that the price of cogenerated electricity
ranged from 4.4 to 5.6cents/kWh (1979 dollars) for
various regions of the country, assuring the use
of steam topping and gas turbine technologies.
Diesel cogeneration was found to cost 7.2 to
7.6cents/kWh, assuming small, distillate-fired systems
operating at a relatively low capacity factor.
Larger systems using natural gas and operating
at higher capacity factors should be able to com-
pete at the busbar with new coal plants in many
instances (34). While utility rates for purchases
of cogenerated power vary widely by region (see
table 19), the costs of cogeneration vary only 10
to 20 percent among the regions of the country,
This is a strong indication that the rates for sales
of cogenerated electricity will be important in
determining the economic viability of industrial
cogeneration over the next few years. More spe-
cifically, external economic factors, rather than
technical breakthroughs that would reduce the
intrinsic costs of cogeneration, are likely to be
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Table 34.-Sample Industrial Electric Rates
by State (costs per kwh for industries using 1.5 milllon
kwh per year with a peak demand of 5 Mw.

Alabama . . ... .. ...3.60 Montana . . . ... ...1.70
Alaska . ............. 3.7 Nebraska. . . . ... .27
Arizona . ............ 4.4 Nevada . ........... 4.7
Arkansas . ........... 2.9 New Hampshire .. ..4.8
California . .......... 5.0 New Jersey. . .......4.4
Colorado . ........... 3.4 New Mexico . ....... 5.5
Connecticut . ........ 5.2 New York .. ........ 7.6
Delaware . ........... 5.8 North Carolina .. ....2.9
District of Columbia ..3.9 North Dakota . ......3.5
Florida . ............. 3.1 Ohio . ...l 4.1
Georgia . ....ooeeeees 3.7 Oklahoma . ......... 2.6
Hawaii . ............. 5.7 Oregon. . ........... 1.7
ldaho . .............. 1.7 Pennsylvania . ...... 5.1
Illinois . ............. 4.0 Rhode Island . .....5.3
Indiana. . ............ 3.6 South Carolina .. ....3.6
lowa . ...l 3.9 South Dakota . ......3.3
Kansas. . ............ 3.9 Tennessee. . ........ 3.2
Kentucky . ........... 3.0 Texas . .ooovvevennn. 3.7
Louisiana . .......... 2.9 Utah . ............., 3.1
Maine. . ............. 3.6 Vermont. . .......... 3.3
Maryland . ........... 2.7 Virginia . .........., 5.2
Massachusetts. .. ....5.2 Washington ., .. ..., 1.1
Michigan . ........... 4.6 West Virginia . .....,3.2
Minnesota. . .........3.0 Wisconsin .. ........ 3.5
Mississippi . ......... 3.9 Wyoming . .......... 1.5
Missouri . ........... 3.8

aRates shown are calculated from typical bills for 455 cities with a totai popula-
tion of 76.9 million as of Jan. 1, 1980. The State averages are population-based
averages. The range among regions in the country is from 1.1 to 7.6 cents/kWh,
as of Jan. 1, 1960.

SOURCE: Energy Information Administration, Typical Electric Bills, January 7,
1980 (Washington, D. C.: Government Printing Office, December 1960).

the dominant factors governing the rate of co-
generation implementation in the 1980’s.

In most parts of the country, the rates for pur-
chases of cogenerated electricity do not exceed
the 4.5 to 5.5cents/kWh cogeneration cost quoted
above. However, the avoided cost of many util-
ities may be higher than industrial electricity rates.
The FERC study cited above found that in many
(but not all) regions of the country this was the
case. in regions with high avoided costs, it would
be advantageous for industrial firms to sell all their
cogenerated power to the utilities and buy back
as much power as they need at the industrial
wholesale price. The conditions for favorable
election of this option, known as simultaneous
purchase and sale (or arbitrage), are discussed
further below.

FUEL VERSATILITY

The fuel used for cogeneration varies with the
type of technology installed and with the size of

the installation. The predominant fuels are coal,
biomass, natural gas, and oil-usually residual
(#6) and middle distillate (#2) oil. Oil and natural
gas are the most versatile fuels because they can
be used in all available cogeneration technologies
from the lowest E/S systems (steam topping tur-
bines) to the highest (combined cycles and
diesels). However, due to the price and supply
uncertainties of oil and natural gas, over the long
term (10 years and beyond) the most attractive
cogeneration investments will use solid fuels. As
discussed previously, of the available technol-
ogies, only steam turbines presently can use such
fuels, but these systems also have relatively low
fuel savings for a given steam load, and a low E/S
ratio. With the advanced technologies described
previously, solid fuels could be used more widely
than now possible. Both the medium-Btu gasifier
and the fluidized bed systems could be used with
combustion turbines or combined cycles, pro-
ducing electric power with a high E/S ratio from
coal or biomass.

OWNERSHIP AND FINANCING

ownership arrangements may be among the
principal determinants of the rate of development
of cogeneration. The issue is whether cogenera-
tion systems will be owned by the industry that
uses the thermal energy, whether they will be
owned by the utilities that would distribute the
cogenerated electricity, or whether a third party
would invest in the cogeneration equipment.
Joint ventures and multiparty ventures mingling
these various players also are possible (see ch. 3).

Industrial ownership could be attractive if the
surplus electricity were purchased by a utility at
rates that reflect the utility’s full avoided costs.
Also ownership could assure the cogenerating in-
dustry of reliable power, which can be a strong
incentive for particular industries in some regions.
However, the capital requirements of a cogenera-
tion system are large enough that many poten-
tial industrial cogenerators would like to have
long-term (i.e., 20-year) contracts for power sales
to the grid. Whether this can be reasonably ex-
pected under the presently applicable laws is an
important question, one that is addressed in
chapter 3 of this study.
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Utility ownership has the advantage that utilities
consider power production their primary line of
business. Utility-owned cogeneration systems
could be included in the rate base, thus allow-
ing the utility to earn a return on the systems.
Utility ownership also provides a straightforward
means by which utilities could maintain dispatch-
ing control over the electric power entering the
grid, providing them with assurance that this new
form of generating capacity would preserve sys-
tem stability (see the discussion of interconnec-
tion in ch. 4). Furthermore, cogeneration’s rel-
atively small unit size can decrease the cost of
capital for capacity additions and can reduce the
downside risk of unanticipated changes in de-
mand growth (see ch. 6). However, as discussed
in chapter 7, unregulated utility ownership raises
concerns about possible anticompetitive effects.

Third-party ownership is most likely to occur
in cases where new steam-producing equipment
is badly needed to cut energy costs but the in-
dustry in question cannot raise capital for a new
system. Novel cogeneration financing arrange-
ments are emerging slowly and it is risky to make
generalizations so early in the process. In some
cases, the third party may be a separate entity
set up by the utility. In other cases, it may be a
large institutional investor wooed by the industry.
There appear to be few instances on the industrial
scene where—as happened in the development
of hydro power under the Public Utility Regula-
tory Policies Act of 1978 (PURPA)—a small en-
trepreneur identified an attractive steam load,
proposed building a new plant, served as capital
matchmaker, and then ran the facility. Third par-
ties will want to reduce the risks of ownership
by negotiating long-term purchase power con-
tracts with the utilities.

TAX INCENTIVES

Significant Federal tax incentives are available
to cogeneration in recognition of its fuel saving
value. These include the investment and energy
tax credits, accelerated depreciation, and safe
harbor leasing (see ch. 3). In some cases, co-
generation may also qualify for tax-exempt financ-
ing. An informal survey by OTA indicates that
these tax incentives may promote some marginal
cogeneration projects from “unattractive” to “at-

tractive,” but tax considerations are not, in most
cases, the overriding economic issue. Industrial
power cost and reliability, PURPA avoided cost
prices, and restrictions on capital from traditional
sources are still the dominant economic issues.
On the other hand, tax considerations can have
a very strong influence on ownership and financ-
ing decisions for a cogeneration project. A key
issue in cogeneration tax treatment is whether or
not facilities are categorized as “public utility
property.” Full utility ownership is generally the
least attractive tax alternative for a cogeneration
project under either the 1978 or 1980 tax bills.

FLEXIBILITY IN LOAD EXPANSION

One of the major reasons that cogeneration
would be attractive to utilities in the short term
is its suitability for adding new capacity in small
increments that are deployable in a relatively
short time. Cogeneration capacity sizes in in-
dustrial settings range from 100 kw, miniscule
by utility standards, to over 150 MW, about half
the size of the smallest unit of baseload capacity
a large utility would consider installing. Many
utilities favor 300-MW coal units as small in-
cremental additions for central plant capacity.
Adding leadtime for planning, the total time to
put a cogeneration facility in place is 3 to 6
years—much less than the 5- to 12-year period
required for utility baseload plants. As a result,
cogeneration can represent an ‘“insurance
policy” against unanticipated changes in demand
growth-a much less costly form of insurance
than overbuilding central station capacity.

The planned cogeneration strategy of AP&L (de-
scribed above) illustrates the flexibility in capacity
growth that can be attained with cogeneration.
AP&L’s proposed 1,700-MW remote gasification
system (described above) would be based on
combined-cycle units at each plant site (up to 35
sites), which would allow the utility to decouple
steam and electricity production. Thus, the utili-
ty could build a system to supply the industrial
steam load of its customers, and then turn on
electrical capacity as needed. In this way, AP&L
could gradually augment its system capacity from
zero to 1,700 MW over several years in a smooth-
ly increasing trend (14).
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PURCHASE POWER RATES

The critical economic considerations in a deci-
sion whether to invest in an industrial cogenera-
tion system include the rates and terms for utili-
ty purchases of cogenerated power. As discussed
below, the utility buyback rates are a primary
determinant not only of the number of cogenera-
tion systems installed, but also of the amount of
electricity they will produce. However, Federal
and State policies on this issue are in great flux
just now, and the regional variability in purchase
rates is quite high (see ch. 3). As a result, many
potential cogenerators are caught in a “squeeze”
between the regulatory uncertainty surrounding
sales of electricity to the grid and the desire to
invest during 1982 before the energy tax credit
expires.

SIMULTANEOUS PURCHASE AND SALE

The regulations implementing PURPA section
210 allow industrial cogenerators to simultane-
ously buy all their needed power from the utilities
(at rates that do not discriminate against them
relative to other industrial customers), while sell-
ing all their cogenerated electricity at the utili-
ty’s purchase power rate. In effect, this provision
decouples a cogenerator’s thermal and electric
energy production (see ch. 3). Utilities, which are
seeing their load growth diminish drastically as
a result of price-induced conservation, may find
this option attractive because it does not reduce
their load base. Moreover, industries generally
are less willing to project their steam or heat loads
as far into the future as utilities. Systems that allow
some decoupling of steam and electric produc-
tion thus have potentially greater appeal to in-
dustry, under industry ownership. industries may
also find simultaneous purchase and sale attrac-
tive because it does not require them to pay
standby charges for electricity they would use
when the cogeneration system was shut down
for maintenance or unplanned outages.

REGULATORY UNCERTAINTY AND
PERCEIVED RISKS

At present, probably the greatest deterrent to
investment in cogeneration systems is regulatory
uncertainty. Utility rates for purchases of cogen-
erated power under PURPA and the FERC regula-

tions on interconnection of cogenerators with the
grid are uncertain pending a final court ruling on
the existing regulations (see ch. 3). Other regu-
latory or legislative items that may affect cogen-
eration implementation but are in a state of flux
include: the Fuel Use Act regulations on exemp-
tions for cogenerators; natural gas prices, the
schedule for deregulation, and its effect on in-
cremental pricing; and the expiration of the
energy tax credit at the end of 1982.

Industrial companies also are concerned about
limited capital resources and high interest rates,
and may favor investments in process improve-
ments that would contribute to plant efficiency
over investments in new energy systems. Com-
panies also are hesitant to invest until the payback
periods are more firmly established, given uncer-
tainties in fuel prices. Some companies also have
expressed concern about a lack of technical ex-
pertise in the use of solid fuels, as well as about
the possibility of using up air pollution increments
that may be needed for future plant expansions.

Market Penetration Estimates

A number of recent studies have estimated the
technical and/or market potential for cogenera-
tion based either on the Quads of energy that
might be saved by the substitution of cogen-
erators for separate conventional electric and
thermal energy systems, or on the Quads of steam
and megawatts of installed capacity that could
be supplied by industrial cogeneration. The range
of estimates given in these studies is large, extend-
ing from 6 to 10 Quads of energy saved annual-
ly by 1985, and from 20 to 200 GW of installed
generating capacity by 2000. Differing assump-
tions about energy prices, ownership, and return
on investment, whether the cogeneration facilities
would export electricity to the utility grid, and
the types of technologies employed account for
the large range. The early projections of the
potential for industrial cogeneration are sum-
marized in table 35.

The general methodology in each of these stud-
ies was to estimate the industrial steam load and
then quantify what portion of that load would be
technically and economically exploitable for
cogeneration. The choice of cogeneration tech-
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Table 35.—Early Estimates of the Potential for Industrial Cogeneration

Installed capacity Expected annual steam

Study Ownership Cogenerator Off site distribution in 1985 (GW) load growth
DOW Industry Steam turbine No 61 3.5 % (1968-80)
4.5% (after 1980)
RPA Industry Steam turbine No 10-16 4.1% (1976-85)
Thermo Electron  Industry Steam turbine Yes 20-34° 4.1 % (1975-85)
Combustion turbine 85-128
Diesel 107-209
Utility Steam turbine 34-37°
Combustion turbine 131-137
Diesel 218-249
Williams Utility Steam turbine Yes 28 (in 2000) 20/0 (1974-2000)
Combustion turbine or
combined cycle:
Oil-fired 28
Coal w/FBC 95
Diesel 57
Total 208 (in 2000)

aThe Thermo Electron estimates assume only one technology Is developed and are thus not additive.

SOURCE: OTA from Robert H. Willlams, “Industrlal Cogeneration,” 3 Annual Review of Energy 313-3S6 (Palo Alto, Callf.: Annual Reviews, Inc., 1978).

nologies, among other considerations, then
would determine the electrical capacity achiev-
able with such a steam load. In general, those
studies that assumed the use of only steam tur-
bine topping cycles (sized so there was no off-
site export of electricity) arrived at much lower
estimates of cogeneration electric capacity.

A DOW Chemical Co. study (6) projected 61
GW of electrical cogeneration capacity in 1985
(including existing capacity), corresponding to
about 50 percent of the projected process steam
demand for that year. The DOW study assumed
industrial ownership (with a 20-percent rate of
return) of steam turbine topping cycles installed
in plants using over 400,000 Ib/hr of steam. These
cogenerators would produce the minimum
amount of electricity for a given steam load
(about 40 kWh/MMBtu) and would not export
any electricity offsite. Even with this rather con-
servative choice of technologies, there were in-
stances in which the study found that more elec-
tricity would be generated than could be used
onsite, and so the estimated market potential for
cogeneration was scaled down accordingly.

A 1977 study by Resource Planning Associates
(RPA) for DOE (24) examined the potential for
cogeneration development by 1985 in six major
steam-using industries (pulp and paper, chemi-
cals, steel, petroleum refining, food, and textiles).
RPA only considered applications larger than
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5-MW electrical capacity and assumed that all of
the cogenerated electricity would be consumed
onsite. Furthermore, approximately 70 percent
of the total estimated process steam available for
cogeneration development in 1985 was elimi-
nated as unsuitable for cogeneration, due to
technical or economic constraints, or to conser-
vation and process improvements. As a result,
RPA found the 1985 potential in the six industries
to be 1.7 Quads of process steam output (10-GW
capacity) without Government action, and 2 to
2.6 Quads of process steam (12- to 16-GW
capacity) with Government programs such as the
energy tax credits and the more rapid deprecia-
tion now in place, or PURPA-style regulatory and
economic incentives.

A study by Thermo Electron (30) was based on
three of the most steam-intensive industries—the
chemical, pulp and paper, and petroleum refin-
ing industries—which were assumed to account
for approximately 34 percent of the total esti-
mated 1985 industrial steam loads. This study
assumed that either industry or utilities might in-
vest in high E/S technologies such as combustion
turbines and diesels, and found that the max-
imum implementation for combustion turbines—
137 GW of cogeneration capacity—occurred with
utility ownership, an investment tax credit of 25
percent (rather than the 10 percent then avail-
able), and Government financing for half the
project.
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A 1978 study by Williams (33) assumed utility
ownership, and a mix of technologies in which
steam turbine cogenerators met 42 percent of the
steam load and higher E/S technologies the re-
mainder. Williams assumed that fuel use for
steam generation in existing industries would in-
crease 2 percent annually through 2000, leading
to a process steam demand of 16.1 Quads in
those industries. Williams also assumed that
about half of the total steam demand would be
associated with cogeneration having an average
E/S ratio of 140 kWh/MMBtu and producing elec-
tricity 90 percent of the time that steam is pro-
duced. Based on these assumptions, Williams es-
timated the total cogeneration potential in 2000
to be 208 GW, saving over 2 million barrels of
oil per day.

As noted previously, each of these studies
began by estimating the present demand for in-
dustrial process steam. These estimates include
a 1974 steam load of 7.8 Quads (Williams, based
on an Exxon analysis); a 1976 industrial steam de-
mand of 9.7 Quads (RPA); and a 1980 estimate
of about 14 Quads (DOW). In 1981, the Solar
Energy Research Institute (SERI) attempted to
reconcile the differences among these and other
estimates of industrial steam load, and found that
the data base (disaggregated by fuel use, boiler
capacity, average and peak steam loads per site,
steam quality, steam load by industry, steam load
by State) is so inadequate that none of these
published estimates could be considered ac-
curate. However, SERI was able to reject the
higher steam demand estimates in the literature
because they did not account accurately for fuel
use in smaller boilers in less energy-intensive in-
dustries. By reconciling differences in approach
and accounting among the lower published num-
bers, SERI arrived at an estimate equivalent to ap-
proximately 5.5 Quads/yr during 1976-77 (27).

In addition to overestimating the base industrial
demand for steam, the early studies of industrial
cogeneration assumed robust steam growth-on
the order of 4 percent annually. The steady prog-
ress that has been made in industrial energy con-
servation through the 1970’'s—amounting to a
decrease in energy use per unit of industrial
value-added of approximately 2 percent per
year—makes these earlier predictions for steam

load growth highly unlikely. More recent studies
of cogeneration have projected steam growth
rates that are either lower or constitute no
growth. For instance, in 1980 SRI International
projected 1.18 percent per year (28), while
Williams now estimates zero growth in steam de-
mand through 2000 (34), and SERI projected zero
or negative growth (27).

More recent estimates of the potential for in-
dustrial cogeneration either have assumed a
much smaller present steam base and lower ther-
mal demand growth rates, or have devised a
methodology that does not begin with an esti-
mate of the current steam load. However, due
to changes in the context for cogeneration since
the earlier studies were completed, these recent
studies have not necessarily projected a lower
market potential for industrial cogeneration.
These contextual changes include the PURPA
economic and regulatory incentives for grid-
connected cogeneration, substantial increases in
oil and electricity prices, special energy tax
credits, and shorter depreciation periods. As a
result of these and other considerations, cogen-
eration is considered likely to be economically
attractive at more industrial sites than in earlier
studies (despite the lower thermal demand pro-
jections), and more likely to use technologies with
higher E/S ratios that produce more electricity.

A 1981 study by RPA (23) examined the 1990
potential for cogeneration in five industries (those
analyzed previously except for textiles), began
with a 1990 steam demand of 682 million Ib/hr
(approximately 6 Quads/yr, assuming 1,000
Btu/lb and 24-hr operation). Of this base, RPA
found an expected investment in the five in-
dustries of 155 million Ib/hr (1 .36 Quads) steam
production, or 20.8 GW of electric capacity,
assuming “base case” utility buyback rates (see
table 36). This would increase to 28.7 MW of in-
stalled cogeneration capacity if, as a result of utili-
ty ownership, 30 percent of the steam turbines
were replaced by combustion turbines and com-
bined cycles. The “high buyback rates” case
would lead to an expected investment potential
of as much as 37 GW of installed capacity, while
the “low” case shows 14.2 GW (1.2 Quads
steam). The amount of electric capacity declines
more than the steam production with lower buy-
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Table 38.-Range of Utility Buyback Rates Analyzed by RPA
(1980 dollars In cents/kwh)

Marginal utility Low buyback Base buyback High buyback

DOE region fuel rate rate rate
1. New England . ....... Qil 4.0 55 7.0
2. New York/New Jersey. Qil 4.0 55 7.0
3. Mid-Atlantic . . .. ..... Qil 4.0 55 7.0
4. South Atlantic . ... ... Oil/coal 2.0 3.5 5.0
5. Midwest. . ........... Coal 2.0 3.0 4.0
6. Southwest. .......... Natural gas 25 4.0 5.5
7.Central.............. Coal 1.0 2.0 3.0
8. North Central . ....... Coal 1.0 15 2.5
9.West................ Oil 45 6.0 75

10. Northwest .. ......... Coal 35 45 5.5

SOURCE: Resource Planning Associates, Inc., The Potential for Industrial Cogeneratlon Development by 1990 (Cambrldge,

Mass.: Resource Planning Associates, 1981).

back rates due to the sensitivity of technology E/S
ratio to these rates (23).

In an informal update of his earlier work,
Williams (34) begun with a much lower steam
demand—4.] Quads in six industries in 1977—
but assumed that cogeneration would achieve a
higher degree of penetration of the steam base
than he had assumed earlier. Of these 4.1 Quads,
Williams assumed 1.25 Quads would be unsuit-
able for cogeneration (due to load fluctuations,
low steam demand, low-pressure waste heat
streams, declining demand, etc.), resulting in a
six industry market potential of 93 to 142 GW
in 2000, depending on the technology mix.
Williams estimated an additional potential of up
to 32 to 49 GW in other industrial sectors, if their
steam loads are proportional to those in the six
industries, but less if their steam loads are smaller
or more variable. Finally, Williams estimates that
new industries (e.g., thermally enhanced oil re-
covery) have a potential of 11 to 20 GW of in-
stalled capacity. Together, these sources have an
“economic potential” of 136 to 211 GW of co-
generation capacity in 2000. Williams considers
this economic potential to be the amount avail-
able for insuring against underdevelopment of
central station generating capacity. The actual
amount to be designated as a “prudent planning
base” for such insurance could not be deter-
mined without better disaggregated data on the
steam base, but Williams found 100 to 150 GW
to be a “conservative estimate” (34).

Williams’ approach to cogeneration as insur-
ance against the uncertainty in future electricity
demand growth was included in the 1981 SERI

report on solar/conservation. SERI did not
estimate the total potential for industrial cogen-
eration because the report’s emphasis on con-
servation meant that projected electricity demand
growth was so low (0.13 percent annually) that
no cogeneration electrical capacity would be
needed unless the conservation targets were not
met. The study concluded that 93 GW of cogen-
eration in the six industries would be an adequate
insurance measure, but made no attempt to as-
certain how much capacity would be econom-
ically attractive (27).

A different methodology was adopted in a 1982
analysis for DOE (12). Rather than using a gross
estimate of steam demand as the primary meas-
ure of potential, this study began by individually
analyzing the 10,000 largest U.S. industrial sites
for their cogeneration potential based on buy-
back rates, accelerated depreciation, heat match,
and other considerations. This analysis identified
3,131 plants in the 19 manufacturing sectors that
would have a return on investment greater than
7 percent and represent the maximum potential
of 42.8 GW of cogeneration capacity (produc-
ing 3.3 Quads of steam). Ninety-two percent of
the electric capacity and 95 percent of the steam
generated are in the five top steam-using indus-
tries. The “best” mix of technologies for these
sites was found to be 70 percent combustion tur-
bines and 30 percent steam turbines, resulting
in the offsite export of 49 percent of the electricity
generated. If the return on investment increased
to 20 percent, the maximum potential decreases
to 20 GW. The study also estimated that an ad-
ditional 48.5 GW of capacity could be installed
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at new industrial sites based on U.S. Department
of Commerce industrial growth figures and
assuming that plant expansions and new plants
would have characteristics similar to those in ex-
isting plants (12).

The studies reviewed above illustrate two main
points:

1. The technical potential for cogeneration is
very large; even the lowest of these estimates
corresponds to the equivalent of 20 new
baseload central generating plants, while the
highest estimate corresponds to a generating
capacity capable of producing more than
one-sixth of the electrical power presently
used in the country.

2. Economic and institutional considerations
are paramount in determining how much
cogeneration will actually be installed, as il-
lustrated by the wide sensitivity of these es-
timates to variations in utility purchase rates,
tax incentives, ownership, fuel prices, etc.
The underlying consensus among these stud-
ies on all matters except the likely steam load
is in fact remarkable.

While the market for cogeneration is potentially
large, the actual rate of cogeneration equipment
installation is much lower than expected a few
years ago. This trend is occurring in spite of higher
electricity prices because of the weakened finan-
cial posture of utilities, industries’ difficulty in rais-
ing capital for expansion due to unprecedentedly
high interest rates, and the unexpectedly rapid
rate of energy use reductions in industry. Long-
term fuel supply uncertainties also may work
against cogeneration, or against the more attrac-
tive cogeneration options.

The effect of energy conservation in industry
is one of the key influences on future cogenera-
tion. Whereas substantial steam load growth was
assumed in most cases, the rate of energy use per
unit of production has in fact dropped substan-
tially in major industries. The industry that has
traditionally been most committed to cogenera-
tion as an integral part of its business, the pulp

and paper industry, has reduced its energy con-
sumption per ton of production by 26 percent
between 1972 and 1980. The chemical industry
has reduced its energy use by 22 percent over
the same period, and the petroleum refining in-
dustry, 15 percent. Steam production at the
largest operating industrial cogeneration sys-
tem—the Gulf States 130-MW complex supply-
ing steam to oil refineries and related industries
near Baton Rouge, La.—has decreased by 30 to
50 percent over the past several years, according
to a spokesman for the utility.

The weakened financial position of some in-
dustries is also likely to be a factor in cogenera-
tion. Whereas the steel industry is a very heavy
energy user, it has been a declining industry over
the past decade and one unlikely to have the cap-
ital for new cogeneration facilities. In most in-
dustries, cogeneration faces competition for
capital with expansion of production capacity,
and in such a face-off cogeneration investments
are likely to have a low priority. However, this
situation would be averted under utility owner-
ship, or under the leasing provisions of the
Economic Recovery Tax Act of 1981. Although
utilities face more financial problems than at any
time in decades, smaller investments in cogenera-
tion systems can be financed more easily than
1,000-MW central powerplants.

If cogeneration is implemented, the amount of
electrical capacity resulting from a system sized
to fit a given heat or steam load could vary by
as much as a factor of 4 depending on the type
of cogeneration equipment that is used. For ex-
ample, a large industrial installation that uses 0.5
million Ib/hr of steam would cogenerate 30 to 40
MW of electricity with steam turbines, and 120
to 150 MW with gas or oil burning combustion
turbines. A major question for industrial usage,
therefore, is the extent to which alternate fuels
such as coal or biomass can be adapted to tur-
bine technology, because the traditional fuels (oil
and gas) are now the most expensive available
on the U.S. market.
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COMMERCIAL COGENERATION

Although the opportunities for cogeneration in
industry are numerous and diverse, cogeneration
in commercial buildings is likely to have a smaller
market potential. Commercial enterprises typical-
ly use thermal energy only for space condition-
ing and water heating, and have thermal load fac-
tors that are usually much lower than those of
industrial concerns. As a result, the economics
of cogeneration systems for commercial buildings
traditionally have been much less favorable than
those of industrial systems. Recently, however,
market incentives resulting from PURPA and/or
from high electricity and fuel prices have changed
the economics of commercial cogeneration. Sev-
eral technical and economic factors in particular
determine the relative attractiveness of commer-
cial building cogeneration and purchasing utility-
generated electricity, such as the suitability of
electrical and thermal load profiles, the poten-
tial for fuel savings, and the change in relative
fuel prices.

This section discusses the results of OTA anal-
yses of cogeneration in commercial buildings v.
centralized electric utility systems. The section
begins with a review of the literature on commer-
cial cogeneration, followed by a general introduc-
tion to OTA’s analytical methods, a discussion
of the major assumptions used in the analyses,
and a summary of the results.

Previous Studies of
Commercial Cogeneration

Several existing studies have examined the
potential for commercial cogeneration in par-
ticular areas or under certain conditions. These
include a FERC study that estimated the amount
of cogeneration that would be stimulated by
PURPA (28); a study by the American Gas Asso-
ciation (AGA) that compared gas-fired cogenera-
tion with two conventional heating systems in a
hospital in different climate regions (I); and
regional studies by Consolidated Edison (Con Ed)
for their service area (1 3,25) and by the State of
California for State-owned buildings (s).

The FERC study calculates the national and re-
gional penetration of cogeneration and small

power production induced by PURPA through
1995, and concludes that only in the Mid-Atlantic
region (New York, New Jersey, and Pennsylvania)
is commercial building cogeneration likely to be
economically attractive. FERC projects that 2,500
MW of commercial sector capacity could or
might be installed in this region by 1995, produc-
ing 10,000 GWh/yr of electricity. In these calcula-
tions FERC assumed: first, that the PURPA regula-
tions would be the sole incentive for cogenera-
tion; second, that cogeneration would only occur
in large new buildings (e.g., new apartment build-
ings with more than sO units, new hospitals hav-
ing more than So beds); third, that all commer-
cial investment would earn a fixed rate of return
of 20 percent; and fourth, that all equipment
would have a fixed capacity factor of 45 percent
and a fixed size of 500 kw. Some of these as-
sumptions may be both too kind and too cruel
to commercial cogeneration. That is, FERC'S anal-
ysis ignores incentives other than PURPA (e.g.,
tax benefits, high electricity rates), the possibili-
ty of retrofits or eventual use in smaller buildings,
and the achievement of higher capacity factors,
and thus may understate cogeneration’s poten-
tial. At the same time, the analysis uses a very
favorable rate of return and thus may overstate
the market potential for cogeneration under cur-
rent high interest rates.

The AGA study is based on a prototype design
for a 300,000 square foot hospital located in four
different climate regions. AGA assumed two dif-
ferent rates for utility purchases of cogenerated
power to compare the annualized capital, fuel,
0&M, and net electricity costs for three different
types of heating and cooling systems for the hos-
pital: 1) a conventional combination system,
using a gas boiler to provide steam for space
heating plus an electric air-conditioner for space
cooling, and relying on the grid for electricity;
2) an all-electric system, using baseboard resist-
ance heaters and air-conditioners run with utility-
generated electricity; and 3) an all-gas system,
using a gas-fired cogenerator to provide electricity
and space heating and a waste heat recovery sys-
tem to run an absorptive air-conditioner. AGA
assumed the cogenerator was sized to match the
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thermal load, with any excess electricity being
sold to the electric utility.

The AGA study concluded that the “economic
attractiveness (of cogeneration) is heavily depend-
ent on the buyback rate for cogenerated electrici-
ty.” The study found that, for all four climate
regions, the cogeneration system had a lower an-
nual cost than the other options when the buy-
back rates were set at 8cents/kWh. However, when
the rate was lowered to 2cents/kWh, cogeneration
was found to be economical only in the Mid-
Atlantic region. This is because the higher
buyback rates offset cogeneration’s high capital
cost compared to the capital costs of the com-
bination and all-electric systems. But when the
buyback rates were lowered, cogeneration’s cap-
ital cost became prohibitive in all but the Mid-
Atlantic region, where high fuel costs and elec-
tric utilities’ dependence on foreign oil give fuel-
efficient cogenerators an economic advantage.

Although the AGA study analyzes the sensitivity
of cogeneration economics to factors such as buy-
back rate and climate, it is limited to hospitals,
a type of commercial building with a relatively
constant energy demand.

ConEd developed a model of the costs and
benefits of investment in cogeneration based on
the internal rate of return from such investment,
and applied the model to load data for their 4,500
largest customers, assuming that the investment
would be made if the rate of return would be at
least 15 percent over 10 years. Depending on
customers’ loads and other variables, ConEd
found an “expected” cogeneration penetration
of 395 customers with a combined peakload of
1,086 MW, with a high range of up to 750 co-
generators totaling 1,483 MW peakload. The
analysis was then repeated using a slightly higher
cost cogenerator (and thus a lower rate of return),
and the market potential dropped substantially—
to 27 customers with a combined peakload of 130
MW.

These market penetration estimates for cogen-
eration depend heavily on how the cogenerators
will operate. Con Ed assumed that cogenerators
would only operate when there is sufficient elec-
trical demand on the system. Thus, the assumed
thermal efficiency is low (52 percent for commer-

cial building systems and 62 percent for residen-
tial systems), and the cogenerators are unable to
provide either substantial fuel or cost savings.
However, if cogenerators are undersized (relative
to the electrical demand) so that they operate as
“baseload” heaters and only supply some of the
electrical needs, they may have lower total costs,
and thus, higher penetration rates than the ones
calculated by ConEd (3). Therefore, even in the
Mid-Atlantic region, cogeneration's market pen-
etration may be very sensitive to operating and
cost assumptions.

In the fourth study of cogeneration in commer-
cial buildings three State agencies in California
calculated the cogeneration potential in State-
owned buildings, including hospitals, universities,
and State offices. The State identified 188 State-
owned facilities that have significant potential for
cogeneration, and initiated engineering studies
for the cost effectiveness of cogeneration. “The
evaluation showed that 150 MW at 24 sites could
be designed, under construction, or in operation
in fiscal year 1981. An additional 97 MW at 31
sites could be developed in fiscal year 1982, total-
ing 247 MW at 55 sites. It should be clearly un-
derstood that these are preliminary estimates of
cost-effective cogeneration capacity. Further
engineering analyses may result in increased or
decreased capacity.” The study concludes that
the total potential for cogeneration in State-
owned buildings is over 400 MW. The distribu-
tion of this capacity among State facilities is
shown in figure 51.

Because the literature on commercial cogen-
eration is sparse, OTA undertook its own analysis
of cogeneration opportunities in the commercial
sector. This analysis is concerned with illustrating
those parameters that significantly affect the use
of cogeneration in commercial buildings. To do
this, in part, we make use of a computer-based
model—the Dispersed Electricity Technology
Assessment (DELTA) model-that simulates deci-
sionmaking by electric utilities in choosing new
capacity. The model can accommodate ranges
of values for the technical, operating, and finan-
cial characteristics of utilities and cogenerators.
There are limitations to its use, however, due to
the number of assumptions that have to be made
and to the gaps in the available data. Consequent-
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Figure 51.—Cogeneration Potential at California State Facilities
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SOURCE: California Energy Commission, Commercial Status: Electrical Generation and Nongeneration Technologies
(Sacramento, Calif.: California Energy Commission, P102-80404, April 1980).

ly, the DELTA model cannot be used to accurate-
ly project levels of cogeneration use in commer-
cial buildings over the next several years. in par-
ticular, we have not used the model to analyze
the case where natural gas and distillate oil prices
are significantly different from one another, nor
the case where retrofits of existing buildings are
included in the demand for thermal energy. A
qualitative discussion of these cases is presented,
however. The model does give us, though, in-
sight into how cogeneration might compete with
new central station capacity to supply commer-
cial electricity demand, and the effect of such fac-
tors as thermal load profiles on that competition.
Therefore, despite its limitations it is believed that
the DELTA model—properly clarified—will sub-
stantially assist in understanding the conditions
that affect cogeneration’s future in the commer-
cial sector.

Critical Assumptions and Limits
of the DELTA Model

The DELTA model uses a linear program (sim-
ilar to those used by utility planners) that
minimizes the total cost of producing electricity
and thermal power during the years 1981 to 2000
(see app. A for model description). The model
simulates the addition of grid-connected cogen-
eration in three kinds of large hew commercial
buildings, with different types of daily load cycles,
to supply electricity, space heating, and space
cooling demands. Several scenarios were con-
structed to explore the sensitivity of cogenera-
tion in these buildings to regional utility and
climate characteristics, future fuel price changes,
and different technological specifications. The
structure of the model, the assumptions about
thermal and electricity supply and demand, and
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the features of the scenarios constructed are de-
scribed below.

Model Structure

Electric and Thermal Cost Minimization.—The
DELTA model differs from many existing utility
planning models in that its objective is the min-
imization of total annualized fixed plus operating
costs for both utilities and their commercial
building customers (e.g., for heating and cool-
ing). Thus, DELTA goes beyond traditional utili-
ty planning, which usually analyzes only those
costs borne by the power system. The strategy
selected through this hybrid cost minimization
may not exactly match either the strategy chosen
by the utility or by the customer acting alone, but
will tend to produce an “average” between both
parties.

Demand Assumptions

Grid-Connected Cogeneration.—The DELTA
model only examines grid-connected cogenera-
tion because the PURPA provisions on purchases
of cogenerated power are intended to benefit
cogeneration systems that provide energy and/or
capacity as well as diversity to utilities. Therefore,
OTA did not analyze the effects of stand-alone
systems on utility operations.

Three Types of Energy Demands.—The DELTA
model specifies hourly demands for three types
of energy: space heating, space cooling, and elec-
tricity. The analysis begins in 1980 with a specified
thermal baseline of zero load and zero capaci-
ty, and an electrical baseline of 1,000-MW load
and the existing generating capacity mix (nor-
malized to the 1,000-MW load) in each sample
region. The model then determines what capacity
additions will minimize utility and customer costs
for all three types of energy, assuming a range
of growth rates for energy and peak demands in
each sample region (see table 40, below, for a
description of existing electrical capacity and
growth rates). New capacity is added at the end
of each decade—in 1989 and 1999—and then sys-
tem costs are evaluated in 1990 and 2000.

The 1980 electric generating capacity in each
sample region was normalized to 1,000 MW to
facilitate comparisons of capacity additions and

future utility operations among the different
regions. However, in order to compare thermal
demands among the building types and regions
a different approach was necessary. A large
amount of data would be needed for a precise
specification of existing thermal capacity and
demands—unlike electrical demands, there is no
accurate and centralized source of information
on thermal demand and capacity. Thus, in order
to ensure consistent and accurate treatment of
thermal demands, OTA would have had to col-
lect individual commercial customer profiles—a
time-consuming and expensive process. There-
fore, OTA chose another method for the DELTA
model: to set existing thermal demands and
capacity equal to zero. In effect, this is equivalent
to only allowing cogeneration in new buildings,
and then comparing the cost of installing cogen-
eration with the costs for new centralized capaci-
ty and new steam boilers, but not considering the
replacement of any existing steam boilers with
new cogeneration equipment. As was stated,
without inclusion of such boiler retrofits, the
model cannot be used to project the cogenera-
tion potential in the entire commercial sector.
Although we have not attempted to project the
retrofit potential in any other way, the factors that
will influence this potential will be discussed later
in this section.

Eight Typical Days.—OTA chose to specify
each type of energy demand with a yearly pat-
tern of eight different “typical days” in order to
observe more clearly the range and frequency
of utility operating characteristics (see table 37).

Table 37.—Typical Days Used in the DELTA Model

Day type Frequency Per Year
Winter:
Peak® ...... ... ... ... .. 6
Weekday . .........coiiiiii 59
Weekend. . ...................... 26
Summer:
Peak®. ......... ... .. .. .. . . ... 8
Weekday . ... 80
Weekend. . ...................... 34
Fall/spring:
Weekday “. ......... ... ... ... ... 108
Weekend . .. ...,................. 44
Total ........ ... . 365

aThe 1990 electrlc bad patterns for region 1 for these 3 days are shown in fig. 52.
SOURCE: Off Ice of Technology Assessment.
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Each typical day has a specific load cycle pattern
for each region and year. For example, the load
cycle patterns during 1990 for three different
typical days and for one region (New England)
are shown in figure 52. The differences among
these cycles are caused by the different assump-
tions for energy use and demand growth used
in each region.

Three Commercial subsectors.-In addition to
specifying the annual load patterns for electrici-
ty, OTA chose to disaggregate the commercial
sector’s thermal heating and cooling demands
into three parts: hospitals and hotels, multifami-
ly buildings, and 9-to-5 office buildings. This was
done to explore the effects of load diversity on
cogeneration operation, and thus to provide
more precise information on the opportunities
for commercial cogeneration. Other commercial
sector building types (such as universities and
retail stores) have energy demand profiles that
are combinations of these basic three categories.
(The electric demands were not disaggregated in
the DELTA model because the load profiles for

the entire commercial sector were sufficient to
capture the interaction of the cogenerators with
the centralized utility system.)

The three subsectors were chosen for their dif-
ferent thermal load patterns; examples of these
patterns for two typical day types are given in
figures 53 and 54 for 1990 New England heating
and cooling demands respectively. For heating
demands, hospitals and hotels have the lowest
energy demands of all the subsectors, with small
peaks at 8 a.m. and 9 p.m. Multifamily buildings
use somewhat more energy and have similarly
occurring peaks, while 9-to-5 offices use the most
energy and have the most pronounced peak dur-
ing the winter days at 6 a.m. The cooling de-
mands of hospitals and hotels and multifamily
buildings are small when compared to office
buildings, the latter having a peak during sum-
mer days at 2 p.m.

Supply Assumptions

The energy supply assumptions in the DELTA
model specify different sets of fuel prices and of

Figure 52.—Comparison of Eiectric Demand for Three Types of Days
(for region 1 during 1990)
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Figure 53.—1990 Heating Demands for Scenario 1°(for Region 1 during 1990)
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technological and operational characteristics in
order to describe the three different sample utility
regions.

Fuel Prices.—OTA specified two different fuel
price trajectories, based on the 1980 average
prices in the commercial sector (31) and the range
of real growth rates (not accounting for inflation)
assumed in two previous OTA studies (1 7,20).
These growth rates are: 1.0 percent annually for

12 noon
Time of day

8 p.m. 12 midnight

4 p.m.

coal (and electricity) and 1.7 percent per year for
fuel oil and natural gas for the low price trajec-
tory, and 4.7 percent annually for coal (and elec-
tricity) and 4.8 percent per year for fuel oil and
natural gas for the high price trajectory. * For this
analysis of commercial cogeneration, these as-

*These growth rates are explained in the OTA report, Applica-
tion of Solar Technology to Today’s Energy Needs, vol. 11, September
1978.
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Figure 54.-1990 Cooling Demands®(for Region 1 during 1990)
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sumptions were modified slightly by setting the
price of natural gas equal to fuel oil after 1985.

Using two different fuel price trajectories al-
lowed us to test the sensitivity of our results.
However, the results varied by less than 2 per-
cent between the two different price paths.

12 noon 4 p.m.

9-to-5 office
buildings

8 p.m. 12 midnight

Time of day

Therefore, only the lower price path results were
reported. These prices are shown in table 38.

our assumption about natural gas prices re-
quires elaboration. Currently, most natural gas
is used for purposes that require a higher quality
fuel than coal or residual fuel oil. About 25 to
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Table 38.-Fuel Prices
(all prices In 1980 dollars per MMBtu)

1980 1990 2000

Coal . ..ot 1.34195 238
Residual . ........... ... ... .., ... 4.05 5.86 7.13
Distillate . . . . .............. .. .... 5.67 8.20 9.98
Naturalgas . ..................... 2.09 820 9.98

SOURCE: Office of Technology Assessment.

30 percent of current natural gas use is for rais-
ing steam, while the remainder goes for space
heating in buildings, industrial process heat,
peakload electricity generation (primarily com-
bustion turbines), and chemical feedstocks (7).
The future price of natural gas will be determined
by the relative strengths of these demands com-
bined with the availability and cost of new do-
mestic natural gas.

The conversion of all natural gas-fired boilers
to coal would free about 4 ftrillion to 5 trillion
cubic feet (TCF) of natural gas per year at cur-
rent consumption rates. If there were no other
change in natural gas supply and demand, this
new “supply” would be more than enough to
replace all current distillate fuel oil used for sta-
tionary purposes (1.9 MMB/D) (8). If price in-
creases resulting from decontrol bring about
more conservation, additional natural gas would
be freed, which, when combined with the dis-
placed boiler fuel, would result in a substantial
surplus of natural gas. The most logical use for
this surplus gas would be to displace residual fuel
oil used to fire boilers. (Of course, in reality, the
gas would only leave the boiler market until it
just displaced all stationary fuel oil). This competi-
tion with residual fuel oil would keep the margin-
al cost of natural gas about the same as that of
residual oil.

This scenario, however, assumes that domestic
natural gas supplies do not decline significantly
over the same period, and that the marginal cost
of the new supplies that offset the decline in pro-
duction from existing reserves will be below the
price of distillate fuel oil. It is quite possible—
indeed both Exxon and the Energy Information
Administration have projected as much-that
there will be a net decline in domestic natural
gas supplies by as much as 3 TCF by 1990 (10).
On the other hand, AGA estimates that supplies

could increase substantially over this same period
(2). In all cases, however, a significant fraction
of new domestic supplies in these projections is
made up of high cost supplemental supplies—
unconventional gas, Alaskan gas, and synthetic
gas from coal. In fact, the three organizations pro-
ject about the same amount of conventional do-
mestic natural gas production—about 14 TCF in
1990 and 12 TCF in 2000. This is close to the
guantity now being consumed by the so-called
high priority uses for which only distillate fuel oil
or electricity are feasible substitutes (19). There-
fore, if the cost of new marginal natural gas sup-
plies were equivalent to distillate fuel oil, the price
of all natural gas would approach that of distillate
or electricity (whichever is cheaper) as decontrol
takes effect and the quantity of old, flowing nat-
ural gas under contract vanishes. It is partly the
somewhat optimistic supply assumptions about
new, “lower cost” gas that has caused most re-
cent price projections to show natural gas prices
below those for distillate fuel oil for the remainder
of the century (8).

Our price scenarios rest on the assumption that
“lower cost” gas supplies will decline as fast or
faster than the rate at which coal displaces natural
gas in boilers. Even in this case, however, natural
gas prices could be lower than distillate oil if elec-
tricity prices stay below distillate (on an energy-
service basis)—as they currently are in many re-
gions of the country. in this case, natural gas
prices will likely approach those of electricity
(again on an energy service basis). Similar specu-
lation has been offered by others (26). Because
OTA did not run the model with natural gas
prices below distillate, the model results pre-
sented are confined to what would happen under
the plausible situation that the prices of the two
fuels are the same. To partially expand the analy-
sis, some calculations of target gas prices are pre-
sented for the condition that cogeneration pro-
duces power at the cost of electricity determined
by the model. There is evidence, as will be seen,
that some cogenerators are proceeding based on
the assumption that natural gas prices will remain
below distillate prices for the economic life of
their projects.

Technology Characteristics.—The major
technologies used in the DELTA model include
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three types of central electricity generating plants,
several space heating and cooling technologies,
and the cogenerators. Table 39 summarizes the
characteristics for each type.

OTA specified three different types of generic
utility generating plants to serve base, intermedi-
ate, and peak loads. The baseload type is repre-
sented by coal-fired steam powerplants, the inter-
mediate-load type by either residual oil-fired or
distillate or gas-fired steam turbines, and the peak-
ing technologies by distillate or gas-fired combus-
tion turbines.

Space heating and cooling technologies in the
model include ordinary steam boilers used for
heating, electric air-conditioners, absorptive air-
conditioners using distillate or gas fuel, and ther-
mal storage equipment with a capacity of up to
24 hours storage. Because of the linear program-
ing formulation, the model cannot change the
type of fuel used in either electric generating or
thermal equipment from their original specifica-
tion in table 39.

Two sets of capital costs for cogeneration ca-
pacity were included in the analysis. The higher
cost cogenerator has a capital cost of $750/kW,
while the lower cost system has a capital cost of
$575/kW (both in 1980 dollars). These capital
costs are typical of the range of cogeneration
costs described in chapter 4 (see table 23). We

did not include, explicitly, cogeneration technol-
ogies that could use coal by means of synthetic
fuel production or advanced combustion tech-
nologies (e.g., fluidized beds). If the capital costs
of these technologies are similar to those used
in the model, the results would remain un-
changed. The only exception would be a re-
ported increase in coal use if these technologies
are employed, because the model allowed co-
generation technologies to use only oil or natural
gas.

Operational Assumptions.—OTA made three
operational assumptions that would allow the
DELTA model to follow more closely the way ac-
tual grid-connected cogeneration systems would
operate. First, OTA specified the utility planned
reserve margin to be 20 percent of annual peak
demand. This includes scheduled maintenance
for 10 percent of the year for the base and in-
termediate types of plants, and is typical of
reserve margins used in power systems planning,
although actual reserve margins may be much
higher than 20 percent. For the sample utility
regions used in this analysis (see below), all 1980
reserve margins were above 20 percent. In ad-
dition, the actual 1981 national average reserve
capacity was around 33 percent (16).

Second, the model assumes that all cogenera-
tion equipment has an E/S ratio of 227 kWh/

Table 39.—Technology Characteristics (all costs are for 1980 In 1980 dollars)

Cap cost Fixed O&M Variable O&M Availability*Heat rate’

Technology type ($/kw) ($/kW-yr) ($/kwh) (percent) (Btu/kWh)
Base . ... 1,014 14.0 0,001 68 10,300
Intermediate . . ... . . 200 0,0015 88 10,500
Peak . ... 200 0.3 0.003 93 14,000
Cogeneration—high . .. ...... ... ... ... ... . . . ... 750 0.0 0.008 95 9,751
Cogeneration—Ilow . . ......... ... ... . 575 0.0 0.008 95 9,751
Thermal Boiler . .. ..o 100 0.0 0.0 95 4,266
Thermal storage. . . ... oo 2’ 0. 0.0 - -
Electric air-conditioners . . .. ... ... .. .. .. 700 0.0 0.0 95 1,138
Absorption air-conditioners . ........... ... o 110 0.0 0.0 95 5,251
aAvailability is the maximum percent of time that capacity can serve demand—thus 88 percent means the baseload equipment is out of service a total of 12 Percent

of the year.

bThe cogeneration heat rate shown is the heat rata for electrical service only: the net heat rate (Including the energy In Steam produced by the cogenerator) is 5,333
Btu/kWh. Both of the heat rates shown for air-conditioners are calculated in Btu/kWh of heat removed from commercial buildings.
cCapital cost of thermal storage is expressed in dollars/kWh.

SOURCES: Electric Power Research Institute, The Technical Assessment Guide, Special Report PS 1201 SR, July 1979, specifies capital cost, variable and fixed O&M
costs, heat rates, and availabilities for coal steam plants with flue-gas desulfurization, for distillate oil-fired steam plants, and for oil- and gas-fired combus-
tion turbine plants. OTA multiplied the costs for these plants by the Consumer Price index inflator to bring 1978 costs to 1980 costs, and used the Gross
National Product inflator to bring 1978 dollars to 1980 dollars. Characteristics for the thermal technologies were obtained by averaging the data collected
in ch. 4 for cogeneration equipment, thermal boilers, and storage (see table 23 for these figures). Zero fixed and variable O&M costs are assumed for the
conventional space heating and cooling technologies, because these costs are very small when compared to the 8 mills’kkWh variable O&M costs of the
cogenerators.
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MMBtu, with 35 percent of the output used for
electricity, 45 percent to satisfy the thermal load, *
and 20 percent exhausted to the outside environ-
ment—an overall efficiency of 80 percent. Third,
thermal storage is assumed to have an efficien-
cy of 90 percent (i.e., 1.0 MWh (thermal) into
storage can supply 0.9 MWh (thermal) out of
storage). No electrical storage is considered.
These values are within the range of actual values
described in chapter 4 for E/S ratios and efficien-
cies for gas turbine or combined-cycle cogenera-
tion systems, which are or will be applicable in
the commercial sector (see table 23).

Sample Regions.—OTA chose three sample
utility regions based on the technological and
operational assumptions mentioned above and
on data from the regional electric reliability coun-
cils. Region 1 is typical of areas with utilities that
have a large percentage of oil-fired steam genera-
tion, high reserve margins (over 40 percent), and
a relatively moderate annual growth in electric-
ity demand of 1 percent (such as the Northeast
Power Coordinating Council). The summer and
winter peaks for Region 1 are about equal. Region
2 is typical of summer-peaking regions with most-
ly nuclear or coal baseload capacity, a higher an-
nual load growth than in Region 1 (2 percent),
but lower reserve margins (26 percent) (e.g., the
Mid-America Interpool Network). Region 3 is
typical of areas with large reserve margins (over
40 percent), relatively high load growth (3 per-
cent), and large amounts of gas-fired steam gen-
eration (such as the Electric Reliability Council
of Texas). Region 3 is also summer-peaking. (See
fig. 8 for the location of each of these regions of
the North American Electric Reliability Council.)

® Measured in megawatts, i.e., 1 MW (thermal) = 3.412
MMBtu/hr.

Table 40 summarizes the electrical demand and
supply characteristics of each region, normalized
to 1,000 MW.

Scenario Description

Based on the above demand and supply as-
sumptions, OTA used nine “standard scenarios”
to investigate the effects of cogeneration on the
sample utility regions for different cogeneration
costs (see table 41). These standard scenarios
were grouped into three sets to represent the
three utility regions. Each set has three different
scenarios: a base case in which no cogeneration
is allowed and only utility powerplants are used,
and two cogeneration cases using higher and
lower capital costs of the cogenerators. As men-
tioned previously, the scenarios also originally in-
cluded two sets of fuel prices. However, the re-
sults of the analysis varied by less than 2 percent
between the higher and lower prices, and only
the results for the lower prices are reported here.

In addition, five special scenarios were for-
mulated to investigate the effects of limiting the
addition of baseload capacity and of using a zero
capital cost cogenerator. Not all possible combi-
nations of regions and cogeneration capital costs
were made for these five special scenarios be-
cause OTA was primarily interested in observing
the sensitivity of the standard set of scenario as-
sumptions to particular situations, rather than
making complete inter-regional comparisons.
Table 41 identifies these special scenarios and
their distinguishing assumptions.

Commercial Cogeneration Opportunities

The DELTA model described above chooses
among the varying technological, financial, and
other assumptions to find the minimum total cost

Table 40.-Sample Utility Configurations

Annual 1960

1960 capacity installed (MW) Electrical peak reserve

Region Base Intermediate Peak Total demand growth® in margin
- 740 150 1,390 1% Summer, winter 39%

2 100 0 237 1,257 2% Summer 26°A
3 265 1,107 50 1,442 3%0 Summer 44%

aAnnual growth in both electrical peak demand and total energy demand.

SOURCE: Office of Technology Assessment.
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Table 41.—Description of Scenarios Used

Standard scenarios:

I-NO COGEN Region 1, base case/no cogeneratlon allowed
1-HIGH COST COGEN Region 1, high capital cost cogeneration
I-LOW COST COG EN Region 1, low capital cost cogeneration
2-NO COGEN Region 2, base case/no cogeneration allowed
2-HIGH COST COGEN Region 2, high capital cost cogeneration
2-LOW COST COG EN Region 2, low capital cost cogeneration
3-NO COGEN Region 3, base case/no cogeneration allowed
3-HIGH COST COGEN Region 3, high capital cost cogeneration
3

3-LOW COST COG EN

Special scenarios

I-NO COGEN/COAL-LIMITED

I-LOW COST COGEN/COAL-LIMITED
2-ZERO COST COGEN

3-NO COGENI/OAL-LIMITED
3-LOW COST COGEN/COAL-LIMITED

SOURCE: Office of Technology Assessment.

Region 3, low capital cost cogeneration

Region 1, coal-fired baseload capacity limit, no cogeneration

Region 1, coal-fired baseload capacity limit, low capital cost cogeneration
Region 2, zero capital cost cogeneration

Region 3, coal-fired baseload capacity limit, no cogeneration

Region 3, coal-fired baseload capacity limit, low capital cost cogeneration

of providing electric and thermal energy in each The results show that the greatest opportunity
scenario. The model results are not predictions for cogeneration occurs when the match be-
about future utility behavior—rather, they repre- tween thermal space heating and electrical
sent what might happen under the conditions and demands is the closest. Thus, the largest propor-
assumptions used to specify the scenario. Bytion of cogeneration capacity is added in Region
answering these “what-if’ types of questions, the 2, which has the highest thermal demand of the
model can provide valuable insights about thethree regions. Region 3, on the other hand, adds
interaction of cogeneration with the existing cen-more total capacity (cogeneration and central sta-

tralized utility systems.

Capacity Additions and
Operating Characteristics

In order to analyze the addition of cogenera-
tion capacity and its effects on utility system
operations, OTA determined, first, whether a
minimum-cost capacity expansion plan would in-
clude significant amounts of cogeneration, and
second, how the cogeneration equipment that
is added is used to supply electric and thermal
energy.

COGENERATION CAPACITY

To see if cogeneration capacity would be eco-
nomically attractive compared to central station
generation for our set of assumptions, OTA com-
pared the electric generating capacity additions
for the base-case scenarios—in which no cogen-
eration is allowed—with the scenarios in which
cogeneration can be added. Figure 55 summa-
rizes these capacity addition comparisons for the
nine standard scenarios.

tion) because it has the largest growth in elec-
tricity demand, and because it has a large pro-
portion of existing gas-fired capacity that can be
replaced by less expensive coal-fired units. With
our assumptions, therefore, commercial cogen-
eration in new buildings is competitive with cen-
tral station technologies only when there is a
significant need for space heating and at least a
moderate growth in electricity demand. Coal-
fired capacity is cheaper than new cogeneration
capacity when electricity is needed but very lit-
tle or no heating is required. Coal is cheaper be-
cause of the difference in fuel prices, and that
difference dominates any other cost of installing
or operating the technology under our assump-
tions.

One way to test this result is to vary the capital
cost of the cogenerator. By going to the extreme
case of zero capital cost, the limit of cogenera-
tion penetration can be shown under our fuel
cost assumptions. * We ran this case for Region
Wysis also provides arough approximation of what might

happen by keeping the capital cost unchanged but lowering natural
gas fuel prices.
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Figure 55.-Elactrical
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2 (abbreviated as 2-ZERO COST COGEN), and
found that the cogeneration technology was
more competitive with the coal baseload capacity
and more cogeneration was installed than in the
other cogeneration scenarios for Region 2. How-
ever, the amount of electricity produced from the
cogeneration did not increase significantly (see
the discussion on costs below).

In another set of special cases, the amount of
coal that could be used for central station capaci-
ty was restricted. This constraint had two pur-
poses. First, it simulated conditions where coal
burning may be prohibited or severely restricted
for environmental, availability, or other reasons.
(This assumption also simulates the case where
nuclear would serve as the baseload and it, too,
would be restricted.) The second purpose was
to examine the effect of much higher coal prices
relative to natural gas and oil. This method
(restricting coal use) is not as satisfactory as car-
rying out model runs with different fuel price tra-

—=<Region2 =™~

— ~~Region 3=~

jectories and ratios, but will serve qualitatively
to show how higher coal prices would benefit oil-
or natural gas-fired cogeneration.

In Region 1, no baseload plants were allowed
to be added through 2000, while in Region 3,
baseload capacity additions through 1990 were
limited to a small percentage of the total existing
baseload capacity, while no limits were placed
on additions from 1990 to 2000. Two scenarios
were run for each region: a new base-case in
which only central station equipment was added
(abbreviated I-NO COGEN/COAL-LIMITED and
3-NO COGEN/COAL-LIMITED, for Regions 1 and
3 respectively) and a cogeneration case (ab-
breviated I-LOW COST COGEN/COAL-LIMITED
and 3-LOW COST COGEN/COAL-LIMITED).
Table 42 summarizes the capacity additions for
these four scenarios.

Table 42 shows that the limits on baseload
capacity additions increase the economic attrac-
tiveness of cogeneration in both regions. For ex-
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Table 42.—New Capacity Installed for Coal-Limited Scenarios

Total electrical
capacity installed

Proportion of new electrical
capacity installed (o/0)

Scenario (MW) Base Peak Cogeneration
I-NO COGEN/COAL-LIMITED 15 — 100 -
|I-LOW COST COGEN/COAL-LIMITED 62 - 0 100
3-NO COGEN/COAL-LIMITED 1,192 100 0

3-LOW COST COGEN/COAL-LIMITED 1,363 63 0 17

NOTE: “-” means assumed zero input for this scenario.
SOURCE: Office of Technology Assessment.

ample, 3-LOW COST COGEN/COAL-LIMITED in-
stalls 77 percent of its total capacity as cogenera-
tion while the standard Region 3 scenarios
(3-HIGH COST COGEN, and 3-LOW COST
COGEN) install at most 4 percent.

These results demonstrate the competition be-
tween cogeneration and central station coal-fired
capacity to meet new electricity demand. Both
capital and operating costs of the system and the
thermal demand determine this choice. If new
coal-fired capacity is sufficiently inexpensive,
even in the face of the efficiency advantage of
cogeneration, coal will provide electricity and
conventional oil- or gas-fired space heaters will
provide thermal energy for these new buildings.
Further, if excess electric generating capacity ex-
ists, the ability of cogeneration to penetrate the
commercial market may also be limited, even if
cogeneration is less costly than new, coal-fired
central station generation. Electricity from the ex-
isting capacity, because of its sunk capital cost,
is usually cheaper than that produced by new,
more efficient cogeneration if the latter is con-
fined to premium fuels. In some cases, however,
economics may still favor cogeneration, particu-
larly if the existing central station capacity is oil
fired and near retirement. In some markets where
retirement would be desirable in the next few
years, cogeneration from natural gas-fired units
could be the only means of replacement capacity,
whether coal-fired generation is permitted or not.
We will discuss this further below.

COGENERATION OPERATION

The above results on cogeneration capacity are
explained by the details of how the electrical and
thermal loads are met. OTA calculated the elec-
trical capacity factor (the ratio of time a generator

3B-384E O - 83 - 14 : QL 3

actually supplies power to the time the plant is
available for service) for both the cogeneration
and the baseload capacity in each of the sce-
narios. Table 43 shows the electrical capacity fac-
tors calculated by the model for both the stand-
ard and coal-limited scenarios. Most of the base-
load capacity operates 66 to 70 percent of the
time, while the cogenerators operate less than
30 percent of the time. * The low load factor for
cogeneration results from its inability to generate
electricity that is competitive with central station
electricity even though cogeneration is more
energy efficient. This is a result of our assumed
fuel prices. As we shall see, the DELTA model
only operates cogenerators when the electricity
is needed to meet intermediate or peaking de-
mands that otherwise would be supplied by oil-
fired utility units. The higher fuel prices of these
utility units, combined with the high overall effi-
ciency of the cogenerator, allows the latter to
compete economically in the market for in-
termediate and peaking power. When coal is pro-
hibited, the thermal and electrical capacity fac-
tor of the cogenerators increases from 30 percent
or less to over 50 percent. In this case, the cogen-
erators are also supplying a small amount of base-
load electricity. This is because the cogenerators
can supply power less expensively than other
types of central station generation when coal-fired
additions are limited.

However, these capacity factors only indicate
the most general performance of each type of
equipment. in order to provide a more complete
description, we need to observe, for each sce-
nario, the hour-by-hour dispatching schedule (for

*For the cogenerator, this is also the thermal capacity factor since
the unit is producing bot h electricity and thermal energy while it
operates.
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Table 43.-Capacity Factors for Baseload and Cogeneration Plants

Baseload plants Cogeneration plants

1990 2000 1990 2000
Standard scenarios
I-NO COGEN . . .. ... .. e 69 68 —
1-HIGH COST COGEN . . . . .. ... ... .. ...... 69 68 - 27
1-LOW COST COGEN . . . . . ... ... ... . ..... 70 69 31 29
2-NO COGEN . . . . . . . e 66 67 — —
2-HIGHCOSTCOGEN . ................... 70 10
2-LOWCOSTCOGEN . ................... 66 68 7 13
3-NOCOGEN . .. ... ... . . . ... . 69 68
3-HIGH COSTCOGEN . . . ... ... ........... 70 68 21 20
3-LOWCOSTCOGEN ... ..........v .. 70 69 21 21
Baseload-limlted-scenarlos
I-NO COGEN/COAL LIMITED . . ... ... ...... 80 80 —
I-LOW COST COGEN/COAL-LIMITED . . . . . .. 80 80 58 53
3-NO COGEN/COAL-LIMITED. . . . . . .. ... ... 80 67
3-LOW COST COGEN/COAL-LIMITED . . . . . .. 80 69 95 7

Notel"—

means no cogeneratlon was Installed by the model, elther due to economics of the model or because of input

es zero for the base-case scenarlos. Capacity factors are calculated for each plant type as follows:

Mwh Supplied

X 100

(MW installed + existing MW) x 8,760 hours

SOURCE: Off Ice of Technology Assessment.

both cogenerators and central station generators)
for each of the eight different types of “typical”
days used in the analysis. Figures 56 and 57 pre-
sent the space heating and electric demands, re-
spectively, and show how each technology is
dispatched to meet these demands for 1 day
(winter peak which occurs six times a year) in
1990 for scenario 1-LOW COST COG EN/COAL-
LIMITED.

Figure 56 shows that, during the 1990 peak
winter day, the cogenerators provide about 37
MW of heat to meet thermal demands that vary
between 30 and 78 MW. During this peak day,
the cogenerators operate 95 percent of the time.
Thus, seen from the perspective of a commer-
cial building owner, cogenerators operate as a
“baseload” heating system during winter peak
days.

Figure 57 shows the electrical demands for the
same 1990 winter peak day. Note that the co-
generators only contribute to the peak and inter-
mediate load. The small numerical value of these
contributions is partly due to our assumptions of
zero thermal demand and 1,000 MW of electrical
demand for 1980. If a larger thermal demand had
been assumed and retrofits considered, the elec-
tricity contribution of the cogenerators would

have increased substantially, although it would
still be confined to the peak and intermediate
load. What is important here, however, is not the
absolute value of the electrical contribution by
cogeneration, but rather what portion of the elec-
trical demand it can supply economically com-
pared with other options.

RETROFIT OPPORTUNITIES

As discussed above, existing buildings (hence
existing thermal demands) were not included in
this analysis. This rules out cogeneration retrofits
and thus the analysis understates cogeneration’s
contribution to the total electric load. It is there-
fore important to discuss the factors that will
influence the choice of whether to install a cogen-
eration system in an existing building. In addi-
tion to the considerations about economic com-
petition with new central station electric generat-
ing capacity, the major constraints to retrofitting
are excess central station capacity, the uncertain-
ty about natural gas prices and availability, and
the difficult financial conditions brought about
by high interest rates and short loan terms.

The first constraint, excess capacity, has the ef-
fect of keeping the price of electricity well below
its marginal cost in most regions of the country
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Figure 56.—Thermal Supply and Demand for Winter Peak Day®

Megawatts thermal demand
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aFor 1990, scenario 1- LOW-COST COGEN/COAL-LIMITED.
SOURCE: Office of Technology Assessment.

Figure 57.—Electricity Supply for Winter Peak Day
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aFor 1990, scenario 1 - LOW-COST COGEN/COAL-LIMITED.
SOURCE: Off Ice of Technology Assessment.
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and thus to force payments for cogenerated
power under PURPA to be determined by fuel
savings alone (i.e., no capacity credit). Both act
as an incentive for building owners to continue
purchasing all their electricity from the utility.
New buildings have a similar incentive—as the
model results have demonstrated. In the case of
existing buildings the incentive is even greater,
however, because of the sunk costs of existing
heating equipment and interconnection with the
utility. Where current prices exceed marginal
cost, as would likely be the case if oil is the domi-
nant fuel used to generate electricity and the fu-
ture capacity would be coal-fired, shortrun
PURPA payments based solely on fuel savings
could be high, stimulating cogeneration invest-
ment. More will be discussed on this below.

The second constraint, uncertainty about fuel
prices and availability, is important because nat-
ural gas is the most likely fuel for commercial
cogeneration retrofits for the next several years.
As discussed earlier, the price of natural gas will
increase, but it could still be low enough to make
cogenerated electricity and thermal energy (using
a combustion turbine, diesel, or combined-cycle
system) cost less than a combination of electricity
produced from central station generators and an
individual heating plant. Gas prices also could
be much higher, perhaps as high as distillate fuel
oil, which would make potential retrofits too cost-
ly in most cases. In the latter case, the results
would be similar to those obtained for new con-
struction as given by the model. The price at
which natural gas-fired cogeneration is competi-
tive with electricity depends primarily on the size
of the facility, the credit obtained for displacing
natural gas or oil used for space heating, the fi-
nancial conditions available to the prospective
owner, and the thermal load factor of the build-
ing. Capital and O&M costs per unit output in-
crease as the facility size decreases, lowering the
natural gas prices required for breakeven with
electricity. The displacement credit depends on
the amount of fuel saved from the displaced
space heating unit, and the cost of hooking up
the cogeneration unit. The thermal load factor
will determine the amount of electricity that can
be produced assuming the cogeneration unit op-
erates to supply baseload thermal demand. The

Photo credit: OTA staff

Some older commercial buildings could be retrofitted for

cogeneration, but the economics of such retrofit will depend

on the price of electricity and the price and availability of
cogeneration fuels—primarily natural gas

analysis of this point is similar to that described
above for the new buildings.

As an example of these considerations, we ex-
amine a combined-cycle cogeneration unit of
about 10 MW (a size typical for a very large
building), operating to supply 50 percent of a
building’s heat load. Further, if this unit can
operate at a high electric load factor of 85 per-
cent or more, this unit could produce electricity
that would compete with central station electric-
ity priced at 5cents/kWh if natural gas cost $4.50/
MMBtu or less (all in 1980 dollars) (34). * The na-

*This calculation assumed a value for the capacity factor in order
to determine a breakeven natural gas price. In actual operation it
is the other way around. Under the conditions that the building
owner’s goal is minimum cost and that the cogeneration unit is sized
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tional average price of natural gas in the commer-
cial sector commercial sector for the third-quarter
of 1981 was about $3.50/MMBtu. Therefore the
combined-cycle system described above appears
to have a definite economic advantage for regions
where electricity is selling for 5cents/kWh or greater.

There is another set of conditions that would
allow natural gas-fired cogeneration to be eco-
nomically competitive even if the price relation-
ships just calculated do not hold. If the price that
utilities must pay to cogenerators for power is set
high enough by the State public utility commis-
sion, then cogeneration would be installed even
if its electricity production costs were greater than
the retail price for electricity. Further, depending
on the purchase power price under PURPA, co-
generated electricity from a natural gas unit could
cost more than new, central station coal-fired
generation and still be economically preferable
to the latter. In California, for example, the pur-
chase price is based on the cost of oil-fired gen-
eration. Many industrial and commercial estab-
lishments see this as a very attractive opportunity
because their natural gas prices are below the fuel
oil prices paid by the utility. Therefore, these
cogenerators are willing to enter into agreements
with utilities in California to sell them electricity
for the next 5 to 10 years.

Even though natural gas prices will increase and
probably surpass those of residual oil during that
period, the cogenerators will still receive a high
return because of their higher overall efficiencies.
Further, the utilities will be able to replace cur-
rent oil-fired capacity more quickly than by more
conventional means—i.e., coal or nuclear cen-
tral station. For the period beyond 1990, how-
ever, coal-fired, central station capacity is planned
and probably will be cheaper than natural gas-

to supply baseload thermal energy, cogeneration would be operated
whenever it can produce electricity at a cost less than or equal to
the combined cost of central station electricity and separate ther-
mal energy production (e.g., a conventional building heating sys-
tem). The former cost depends on the price of the fuel for cogenera-
tion (natural gas in this case), various financial parameters (interest,
taxes, debt/equity ratio, etc.), and O&M costs. The cogeneration
unit must be sized to provide baseload thermal energy because
the cost of electricity alone from the cogenerator will nearly always
be greater than the cost of electricity from a central station plant
due to economic and efficiency reasons. It is therefore necessary
for the cogenerator to be able to displace building heating fuel and
obtain a cost credit in order to meet the minimum cost criteria.

fired cogenerated electricity as the ultimate re-
placement for the existing oil-fired capacity. How-
ever, successful coal gasification with combined-
cycle generation could alter the economics back
to favoring cogeneration. More is discussed about
this last point below.

The California case is not typical of fuel oil de-
pendent utilities, primarily because such utilities
located in other States usually can purchase pow-
er from neighboring utilities with an excess of coal
or nuclear power. In California, power purchases
generally are not an option because of limited
transmission interties with other systems. The
California case does, however, point out the po-
tential for natural gas-fired cogeneration in the
next 10 years. We have also not calculated that
potential for new buildings since that analysis
determines longrun generation needs only (hence
longrun avoided costs).

The final point about cogeneration’s potential
in existing buildings concerns the financing con-
ditions currently available to prospective cogen-
eration owners. Financial factors will help deter-
mine the cost of electricity and thermal energy
from a cogenerator. The current high interest
rates and short loan terms available to non utility
investors for investments in building energy sys-
tems are acting to severely limit cost effective in-
vestments of any type—conservation or cogen-
eration.

In a study released by OTA, Energy Efficiency
of Buildings in Cities (18), these current financial
conditions are partially responsible for keeping
about 60 percent of the otherwise cost-effective
conservation retrofits identified in that study from
being installed. Although OTA did not examine
cogeneration in this same way, it is likely that
cogeneration retrofits will be affected similarly,
perhaps even more so because of the much high-
er initial investment levels per building needed
for cogeneration than conservation. This is one
place where utility or third-party ownership
would be potentially very helpful. In the former
case, utilities would be able to secure longer term
loans at lower interest rates than commercial in-
vestors. In addition, utilities possess the engineer-
ing skills needed to install and hook up the units.
Utilities currently are prohibited from owning
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more than so percent of a cogeneration unit and
still qualifying for PURPA benefits.

Aside from this legal barrier, however, a poten-
tially more important one exists as a result of the
low thermal load factors in individual buildings.
Because of this, cogeneration that supplies base-
load thermal demand to these buildings may not
produce excess electricity for sale to the grid.
Unless such electricity is produced, utilities can-
not be expected to invest in commercial cogen-
eration. Raising the load factor, for example, by
supplying clusters of buildings (each with different
load patterns), would be one way to eliminate
this problem. Finally, third-party ownership with
lease arrangements may also be promising be-
cause of the provisions of the new tax laws.

Although we have not attempted to project the
retrofit potential for cogeneration, it is probable
that movement in that direction will be tentative
for the next few years, primarily due to unfav-
orable financial conditions. Even should interest
rates and loan terms ease in the near future, how-
ever, there still will be competition with conser-
vation investments, which will reduce the techni-
cal potential for cogeneration in a given building.
Further the uncertainty over natural gas is likely
to remain until resolution of pricing policy and
elimination of end-use restrictions (the Fuel Use
Act, see ch. 3). Once these conditions are
cleared, however, and if natural gas prices are
low enough, or purchase power rates are high
enough, there could be considerable interest and
activity in cogeneration retrofits in the last half
of the 1980’s. If new technologies that can use
solid fuels—through gasification-are successfully
developed by then, further stimulus would exist.

Fuel Use

In addition to investigating the changes in utility
capacity additions and operating characteristics
that might result from cogeneration, OTA also
analyzed the change in proportion of fuels used
in the sample utility regions to determine if
cogeneration would displace any oil or gas. As
mentioned earlier, the analysis assumes that all
cogeneration equipment uses distillate fuels in
Regions 1 and 2 and natural gas in Region 3. The
results of the calculations of fuel consumption in
1990 and 2000 for the “no-cogeneration” stand-
ard scenarios are shown in table 44.

Not all scenarios are shown in table 44 because
the total fuel used and the proportion used by
each fuel type are similar between the base-case
("“NO COG EN") and the cogeneration scenarios
for each region. Cogeneration accounts for less
than 1 percent of the total fuel used in all cogen-
eration scenarios, and the total fuel and propor-
tionate fuel use change less than 1 percent be-
tween the two types of scenarios. As expected
for our fuel price and use assumptions, because
cogeneration cannot compete with baseload
coal-fired electricity, cogenerators operate only
a small fraction of the time (when they can supply
intermediate and peak demand electricity) and
therefore use only a small fraction of the total fuel.
A further caveat is the exclusion of existing
buildings’ thermal demand, as explained earlier.

Because the model was restricted to the case
where natural gas and distillate prices were equal,
no results were obtained for the case when nat-
ural gas prices fall low enough so that cogener-
ated power could compete with central station
electricity. OTA calculated this gas price, given

Table 44.-Base-Case Standard Scenario Fuel Use, By Generation Type and Year

Percentage of total fuel used

Total annual fuel

Scenario Base Intermediate Peak Cogeneration Steam boiler use (10”Btu)
1990

I-NO COGEN 98 1 0 64.2
2-NO COGEN 97 0 0 2 62.5
3-NO COGEN 95 2 0 0 3 74.0
2000

I-NO COGEN 97 0 0 2 69.3
2-NO COGEN 95 0 0 4 74.4
3-NO COGEN 94 1 0 0 5 95.1

SOURCE: Office of Technology Assessment.
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the set of costs and technical assumptions as well
as the average price of electricity determined
in our analysis (ranging from 3.3cents/kWh to 7.0cents/
kwh). Using our assumptions of $575/kW capital
cost for the cogenerator, 0.8cents/kWh O&M cost,
and an overall heat rate of 9,750 Btu/kWh with
an 80-percent combined heat and electric power
efficiency, we can calculate the breakeven price
range of natural gas. For a cogenerator capacity
factor of 0.85 this price ranges between $2.55/
MMBtu to $8.40/MMBtu, which brackets the cur-
rent commercial natural gas price of $3.50/
MMBtu (in 1980 dollars). Again, the capacity fac-
tor will be determined by the cost of electricity
produced by the cogenerator and, therefore, the
cost of natural gas. This is a complex interaction
because lower capacity factors reduce the fuel
displacement credit, thus increasing the net cost
of cogenerated electricity.

Similar arguments can be applied for the new
technologies not considered in the model. The
ability of these newer technologies to enter the
market depends ultimately on the cost of steam
and power they produce. Currently a few systems
are being developed that will allow these costs
to be estimated. One such system is the Cool-
water combined-cycle, coal gasification system
recently announced (1 1). Although that system
is being designed to supply electric power to the
Southern California Edison system, successful
demonstration of the technology could lead the
way to cogeneration applications. An unpub-
lished analysis of the economics of the Coolwater
facility as a cogeneration plant estimates an elec-
tricity cost of about 3.6cents/kWh, including a credit
for heat recovery (fuel displaced by byproduct
steam from the cogenerator) of about 4.6cents/kWh
(34). This price for electricity is lower than the
marginal cost of electricity from a new central sta-
tion coal plant, although higher than the average
cost calculated in some of the cases of our analy-
sis. The calculation, however, assumes a return
on equity that may be less than will be required
of new plants such as the Coolwater facility. * In

.In the particular example cited, the return on equity assumed
was 10 percent along with a 50/50 debt-equity ratio and a real in-
terest rate on debt of 3 percent. If we repeat the calculation with
a 15 percent return on equity and a 5 percent real interest rate on
debt, values which we have found to be operative in favor of syn-
fuels projects (21), the cost of electricity increases to 5.9cents/kWh.

addition, using such facilities for commercial
buildings entails the development of coal hand-
ing, delivery, and storage facilities plus the need
for air quality control equipment. All will add ex-
penses to these systems (which were not included
in the calculation cited above), and the question
of the economic attractiveness of these advanced
cogeneration systems is still open. Biomass and
urban solid waste have been proposed as fuels
for gasification-cogeneration systems, and, in
some cases, are under development. The eco-
nomic analysis of these systems is similar to that
given for the Coolwater facility. One exception
is that for proposed solid waste units, a credit is
available in the form of the tipping fees usually
charged to dispose of these wastes.

A recent development concerning biomass
cogeneration is a combined-cycle system using
a direct-fired combustion turbine fueled by pul-
verized wood. Using hot gas cleanup technology
developed in the British pressurized fluidized bed
combustion program, turbine blade damage is
reduced to an acceptable level. A 3-MW test unit
is currently being designed and built by the Aero-
space Research Corp. of Roanoke, Va. Economic
analysis of this technology in a cogeneration sys-
tem looks very promising and may be competitive
with coal-fired central station electric power (35).
As with other systems described in this chapter,
the economics are highly dependent on the elec-
tric load factor. Consequently, they are more pro-
mising for industrial sites then for buildings.

COAL-LIMITED SCENARIOS

While few changes in fuel use are observed in
1990 and 2000 between the cogeneration and
the base-case standard scenarios, some changes
do occur in the special scenarios that limit coal-
fired capacity additions (thus allowing other types
to operate more frequently than they would with-
out these limitations). As mentioned earlier, four
special scenarios that limit baseload additions
were constructed: two allowing cogeneration and
two restricting cogeneration. Figure 58 shows that
the addition of cogeneration to the sample sys-

Utility financing, however, would allow a lower return even for
a first-of-a-kind plant, perhaps close to that assumed in the original
calculation. This argues in favor of utility ownership of such
cogeneration facilities.
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Figure 58.—Fuel Used in 1990 and 2000 or Coal= Limited Scenarios
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SOURCE: Off Ice of Technology Assessment.

terns decreases total fuel use when the cogenera-
tion scenarios (I-LOW COST COGEN/COAL-
LIMITED and 3-LOW COST COGEN/COAL-
LIMITED) are compared to their respective base-
case scenarios (I-NO COGEN/COAL-LIMITED
and 3-NO COGEN/COAL-LIMITED). This is a re-
sult of two factors. First, there is considerably
more cogeneration that operates at higher capac-
ity factors, as shown above. Second, this greater
penetration allows the higher overall fuel efficien-
cy of cogeneration to significantly affect total fuel
use.

Most of the decrease in overall fuel use in the
coal-limited scenarios (when 1- and 3-LOW COST
COGEN/COAL-LIMITED are compared to 1- and
3-NO COG EN/COAL-LIMITED, respectively) re-
sults from the decrease in fuels used by the in-
termediate electric generating capacity. While the
baseload coal consumption remains identical be-
tween the base-case and the cogeneration sce-

narios, the efficiency of the cogenerators, com-
bined with the reduction of intermediate capacity
generation, reduces overall fuel used for the two
special coal-limited cogeneration scenarios. Table
45 compares the use of oil and gas for the four
coal-limited scenarios.

In summary, cogeneration has only a small ef-
fect on utility fuel use as long as electricity can
be produced more cheaply with other types of
technologies. However, in the special coal-lim-
ited scenarios, cogeneration may cause less total
oil to be used and may displace fuel used by the
intermediate capacity.

Sensitivities to Changes in Assumptions

In addition to analyzing fuel use and operating
characteristics with and without cogeneration, we
must also determine the sensitivity of this analysis
to changes in some of the assumptions used in
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Table 45.-Comparison of Fuel Use for Coal-Limited Scenarios

Region 1 coal-limited
scenarios (net change

Region 3 coal-limited
scenarios (net change

in percent’) in Percent’)

1990 2000 1990 2000
Total fuel . ......... ... ... ... .... -1 -2 -7 -1
Total residual . .................. -6 -lo -
Total distillate/natural gas . . ... ... +155 + 121 -13 +3
Totaloil ........................ -3 -5 -13 +3

aA negative change means that the coal-limited cogeneratlon scenarios use less fuel than the no Cogeneration coal-limited
scenarios; a positive change means that the cogeneratlon scenarios use more fuel. All fuel is measured In Btu-equivalents.

SOURCE: Off Ice of Technology Assessment.

the scenarios. One important assumption is the
cost for installing and operating cogenerators. As
mentioned above in the discussion of capacity
additions, OTA formulated a scenario, 2-ZERO
COST COG EN, that uses zero capital cost cogen-
erators for Region 2.

The sensitivity of our results to the costs of
cogeneration is determined by comparing the
types of capacity that are installed and how the
utility system uses cogeneration for two scenarios:
the 2-ZERO COST COGEN scenario with the
2-LOW COST COG EN scenario. While the ZERO
COST scenario installs 81 percent of its capacity
as cogeneration, the LOW COST scenario installs
20 percent. Despite the difference in cogenera-
tion capacity between the two scenarios, the fuels
consumed by cogeneration are only 2 percent
of the total fuels used in each scenario. In other
words, for our fuel price assumptions, baseload
electricity from coal is still cheaper so it is used
to meet the baseload demand. In the zero capital
cost case, however, cogenerators can supply
thermal energy much more cheaply than boilers,
S0 cogeneration is being used primarily to meet
space heating demands plus as much intermedi-
ate and peak electricity demand as possible. Zero-
capital cost cogeneration therefore is used as an
inexpensive heater, without displacing any coal-
fired generation. Thus, the cogeneration in this
scenario displaces some of the peakload equip-
ment, and does not use its steam during peak
summer days.

Summary

By using the DELTA model and our set of tech-
nical and economic assumptions, OTA was able
to determine the interaction of cogeneration with

several sample centralized utility systems. Under
most circumstances, cogeneration additions in
new buildings were very limited because they
could not compete economically with central sta-
tion coal-fired generation. As a result, fuel usage
did not change greatly from an all-centralized sys-
tem. When coal-fired expansion was limited,
however, cogenerators penetrated the utility sys-
tem significantly and provided much of the heat-
ing demands and peak and intermediate electric-
ity for the system.

Three specific conclusions can be made from
this analysis. First, given the assumptions, cogen-
erated electricity cannot compete with central
station, coal-fired capacity. Therefore, in com-
mercial buildings, cogeneration will only contrib
ute to peak and intermediate demands and will
only operate when it can supply such electricity.
This holds for even a zero capital-cost cogenera-
tor. Lower natural gas prices, however, could
greatly increase the opportunity for cogeneration.
in fact, natural gas prices somewhat above cur-
rent gas prices would allow cogeneration to com-
pete with new, baseload, coal-fired central sta-
tion capacity. Alternatively, successful develop-
ment of gasification technologies that can pro-
duce moderately priced (about $5/MMBtu) medi-
um-Btu gas from coal, biomass, or solid waste
could expand the competitive position of cogen-
eration. Finally, cost relationships could be deter-
mined by high utility purchase rates for cogener-
ated power that would also make natural or syn-
thetic gas-fired cogeneration preferable regardless
of the actual longrun marginal costs of new cox
fired capacity.

Second, existing electric generating plants
usually can provide power more cheaply than
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new cogenerators. Even if oil is used for these
plants, the cogenerator capital costs dominate
any gains from more efficient fuel use; and this
domination results in little significant penetration
of cogeneration. However, lower cost natural gas
could change these economics. In some regions
this is the case now where natural gas-fired co-
generation is the preferable choice to existing oil-

fired central stations that are near retirement.
Third, if oil- and natural gas-fired equipment is
used, the best opportunity for cogenerators is in
regions with high heating loads (about 6,000 heat-
ing degree-days) and moderate electrical growth
(at least 2 percent annual growth in peak and total

energy).

RURAL COGENERATION

Although industrial and commercial sector co-
generation opportunities are recognized widely,
little attention has been paid to cogeneration ap-
plications in rural areas, particularly in agriculture.
The rural cogeneration potential is not so large
as in the industrial sectors, but could present fuel
and cost savings on farms or in rural communi-
ties. The principal rural cogeneration opportuni-
ties arise where there are existing small power-
plants or where agricultural wastes can be used
as fuel. Promising cogeneration applications for
rural communities include producing ethanol,
drying crops or wood, and heating livestock shel-
ters.

Small, rural municipal powerplants can gain sig-
nificant economic and fuel conservation advan-
tages with cogeneration if a market for the ther-
mal energy is available. Many of these power-
plants use reciprocating internal combustion
engines or combustion turbines as their prime
movers. Dual fuel engines predominate (generally
burning natural gas, with small amounts of fuel
oil to facilitate ignition), but diesel engines and
natural gas fueled spark ignition engines also are
common. Generally, these small rural power-
plants have a peak electric power rating of 10
MW or less, and they operate at around 33 per-
cent efficiency in producing electricity (i.e., 33
percent of the fuel input energy is converted to
electricity and 67 percent is exhausted as waste
heat). If only half of the waste heat from these
plants were used, the energy output would dou-
ble (1S).

Table 46 shows the distribution and maximum
temperature of waste heat sources in a super-
charged diesel engine. As shown in this table,

Table 4&—Distribution of Waste Heat From a
Supercharged Diesel Engine

Percent of Maximum

total waste temperature
Heat source heat (F%)
Engine cooling jacket . . . . . . .. 20 165-171
Aftercoolers °. ............... 15 104-111
Lubrication system . . ... ... .. 10 140-150
Exhaust gas’. ............... 55 797-696

aAftercoolers generally are used In temperate climates, with maximum

use occurring In the summer.
bin engines that are not supercharged, exhaust gas temperatures maybe cooler,

approximately 572° to 662° F.

SOURCE: Randall Noon and Thomas Hochstetler, “Rural Cegeneratlon: An Un-
tapped Energy Source,” Public Power January-February 1981.

most of the waste heat is in the exhaust gases.
The engine cooling jacket and lubrication system
together produce almost as much waste heat as
the exhaust gases, but at a much lower tempera-
ture (15).

The hot exhaust gas from an existing power-
plant fueled with natural gas can be used direct-
ly in a waste heat boiler. Alternatively, water can
be preheated via heat exchange with the after-
coolers, lubrication system, and cooling jacket,
then flashed into dry steam through heat ex-
change with the exhaust gas. Steam temperatures
as high as 850° F can be obtained in this man-
ner (15).

For on-farm systems, a small powerplant (with
direct heat recovery or steam production, as de-
scribed above) could be connected with an an-
aerobic digester (using animal wastes as the feed-
stock) producing biogas, or with a small gasifier
that converts biomass (e.g., crop residues) to low-
or medium-Btu gas. However, as described in
chapter 4, further development of combustion
turbine or internal combustion engine technol-
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ogy may be necessary if these systems are to oper-
ate efficiently for long periods of time with low-
or medium-Btu gas derived from lower quality
feedstocks.

Potential Applications

Ethanol production is one promising applica-
tion for rural cogeneration. Ethanol has been
shown to be a useful fuel for spark ignition en-
gines, and it can be produced readily from renew-
able biomass feedstocks (e.g., grains and sugar
crops). If ethanol is used as an octane-boosting
additive in gasoline, and if the ethanol is distilled
without the use of premium fuels, then each gal-
lon of ethanol can displace up to about 0.9 gallon
of gasoline. However, if ethanol distilleries are
fueled with oil, then ethanol production for gaso-
hol could actually mean a net increase in oil use. *
Moreover, the premium fuels usually considered
for ethanol distilleries—diesel fuel and natural
gas—already are used widely in the agricultural
sector but often are in short supply. Using these
fuels in distilleries could aggravate any shortages.

One way to improve ethanol production’s pre-
mium fuels balance is to cogenerate with existing
small rural powerplants. The waste heat would
be flashed into dry steam (as described above),
and the steam distributed into the distillation col-
umns of the ethanol recovery system. To facilitate
cooking (the process stage where starch grains
are ruptured for effective enzymatic action),
steam above atmospheric pressure and at about
300° F can be bled from the exhaust gas heat ex-
changer. In addition, warm water can be bled
from the aftercooler heat exhanger to soak the
milled corn and speed up water absorption. Final-
ly, heat for drying wet stillage into distillers dried
grain (which can be used as a livestock feed sup-
plement) can be obtained either directly from the
exhaust gas in a natural gas-fired plant, or by plac-
ing an air-to-exhaust gas heat exchanger down-
stream from the steam-producing heat exchanger
(15). Figure 59 shows a schematic of ethanol co-
generation with diesel engine heat recovery.

The waste heat from a 1 -MW powerplant oper-
ating at full load (330 full-time operating days) is

*See Energy From Biological Processes (OTA-E-124; July 1980)
for an in-depth analysis of ethanol production.

sufficient to produce around 600,000 gallons of
anhydrous ethanol per year with wet byproduct,
or 300,000 to 400,000 gallons annually with dried
distillers grain byproduct (15).

Cogeneration also can be used for grain dry-
ing, which requires relatively low-temperature
heat. Seed drying requires a temperature of ap-
proximately 110° F, while milling drying requires
130° to 1400 F depending on the crop, and ani-
mal feed drying needs around 180° F. These
temperatures are well below those of exhaust
gases, and thus, for grain drying, the exhaust gas
of natural gas-fired powerplants can be mixed
with flush air and used directly (i.e., without heat
exchangers). For plants that use fuels other than
natural gas, a heat exchanger may be required
in order to recover the energy without contami-
nating the grain with the exhaust gas. Due to the
low temperatures needed, waste heat from the
cooling water or lubrication oil also can be recov-
ered and used to dry grain (15).

The waste heat from a 1-MW powerplant could
dry grain at a rate of approximately 370 bushels
per hour. In the case of field-shelled corn, this
would reduce the moisture content from around
25 to about 15 percent—a safe level for storage.
That grain-drying rate is comparable to that of
many commercial dryers, and is sufficient for the
grain-drying needs of small communities (1 5).
However, grain drying is a seasonal activity and
other uses for the waste heat would have to be

Photo credit: Department of Agrlculture
Small existing powerplants can be retrofitted for

cogeneration with the thermal output used for applications
such as drying grain
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Figure 59.—Ethanol Cogeneration With Diesei Engine Waste Heat Recovery
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found in the off-seasons in order to optimize the
efficiency of the system.

In most cases, applying cogeneration to grain
drying using existing powerplants will cost only
slightly more than a conventional grain drying
facility. A relatively small additional investment
would be required for the engineering design
needed to interface the exhaust stacks (or heat
exchanger) with the drier. The grain drying would
need flexible scheduling in order to coordinate
with the powerplant’s operation, especially when
expected electricity demands do not materialize,
but this is a relatively minor inconvenience. A

more important concern is that rural grain eleva-
tors usually have low priority or interruptible serv-
ice from natural gas suppliers (unless they use
propane). Any resulting shutdowns can be a seri-
ous problem during a harvest season that is wet
and cold, because the grain could spoil before
it can be dried.

Drying crops with cogeneration can have signif-
icant dollar and fuel savings advantages. If the
cost of waste heat is set at so percent of the cost
per Btu for natural gas, then a facility drying 500
bushels of grain per hour would save $11.25 per
hour compared to the cost of using a separate
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natural gas-fired dryer using $2.50/MCF gas for
continuous operation, and the fuel cost savings
would amount to $7,000 per month (1 5).

Wood drying is similar in many respects to
grain drying. Both commodities are dried prior
to shipping to minimize moisture weight. Histor-
ically, both drying processes have relied on rela-
tively cheap and plentiful natural gas supplies,
but can do so no longer. Furthermore, most
wood drying kilns, like grain drying facilities, re-
quire relatively low-temperature heat-104° to
117° F—although a few kilns may need tempera-
tures above 212° F (1 5).

Because most modern wood drying kilns use
natural gas combustion units, the exhaust gas
from a small powerplant can be substituted easily
for the natural gas burner. A 1-MW powerplant
will produce approximately 8,000 MWh of usable
drying heat annually (based on 24 hours per day,
330 days per year operation). This is sufficient to
dry as much as 11 million board feet of air dried
hardwood or 6.5 million board feet of green soft-
wood per yeatr.

As with grain drying, substantial savings can be
gained through cogeneration/wood drying. Be-
cause the basic design would not change in a
cogeneration retrofit, the capital and installation
costs of a cogenerating unit would not be sub-
stantially more than those of a new conventional
gas-fired kiln. It is estimated that 2 to 5 MCF of
natural gas would be saved for each 1,000 board
feet of lumber that is dried with cogeneration.
For the 1-MW powerplant drying 11 million
board feet, this would mean a savings of 22000
MCF/yr. If the cogenerated heat were sold at 50
percent of the value of $2.50/MCF natural gas,
$27,000 per year could be saved in fuel costs (1 5).
Additional savings would accrue from the elec-
tricity generation.

Fuel Savings

The three rural cogeneration applications de-
scribed above—producing ethanol and drying
grain or wood-rely on existing small power-
plants fueled with oil or natural gas. In each case,
fuel savings is assumed to result when the plant's
waste heat is recovered and substituted for a sec-

ond oil- or gas-fired facility. However, as dis-
cussed earlier in this chapter, the fuel saved may
not always be oil. For example, recovering the
waste heat from a diesel oil fueled engine and
substituting it for heat previously provided by a
natural gas combustion unit will save gas but in-
crease oil consumption. Similarly, if the waste
heat from a spark-ignition engine burning oil is
substituted for a boiler using coal or biomass, no
oil would be saved.

As a result of these fuel use considerations, rural
cogeneration opportunities that use fuels other
than oil (i.e., that do not rely on waste from an
existing powerplant) merit a good deal of atten-
tion. These opportunities are based on the direct
firing of cogenerators with fuels derived from
plentiful rural resources.

Wood wastes have long been the traditional
fuel in the forest products industry, which histor-
ically has been the largest industrial—and rural—
cogenerator. The cogeneration potential in the
forest products industry was discussed earlier in
this chapter. At this point it will be sufficient to
mention that, in the wood drying example cited
above, a steam turbine and boiler can be substi-
tuted for the powerplant and natural gas-fired
kiln. Although the capital costs of the boiler
system would be higher (about one boiler horse-
power is needed to dry 1,000 board feet of hard-
wood), and it would not produce as much elec-
tricity, this system can burn wood wastes or coal
and thus save oil or natural gas. Similarly, fuel
savings in ethanol distilleries will be greater if coal
or biomass is used as the primary fuel for the
cogenerator. Savings also can be achieved in
grain drying but the potential for contaminating
the grain would be greater unless heat exchangers
were used.

Alternatively, internal combustion engines or
gas turbines can be adapted to alternate fuels.
These technologies, if successful, would require
a smaller investment for equipment than steam
turbines, an important consideration for small dis-
persed cogenerators. In some cases, fuel flexibility
can be achieved through advanced engine de-
sign, advanced combustion systems such as fluid-
ized beds, or fuel conversion (synthetic gas or oil).
The technical and economic aspects of using fuels
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other than oil or natural gas in conjunction with
combustion turbines or internal combustion en-
gines are discussed in detail in chapter 4. Two
applications that are especially promising for rural
areas include gasification of crop residues and
anaerobic digestion of animal wastes. However,
small powerplants also can be modified to ac-
commodate alternate liquid fuels such as ethanol
and methanol, which can be made from relatively
plentiful rural biomass resources; these liquid fuel
options are discussed in more detail in OTA’s
report on Energy From Biological Processes.

Gasification of crop residues has been sug-
gested as a means of providing relatively cheap
nonpremium fuels for rural cogenerators. One
demonstration project being developed in lowa
uses downdraft gasifiers to produce low-Btu gas
from corn stover for use in retrofitted diesel en-
gines. Some of the probable end uses for the ther-
mal energy include grain drying, green houses,,
dairies, food processing, space heating, or dry-
ing the corn cob feedstock (22).

Downdraft gasifiers were selected for this proj-
ect because they can generate producer gas that
has relatively low amounts of tars and other hy-
drocarbons and is suitable for use in steam gen-
erators, directly fired dry kilns, or internal com-
bustion engines. Field tests with downdraft gasi-
fiers in California have produced diesel quality
producer gas successfully from corn cobs, walnut
shells, and other crop residues (32).

The demonstration project focuses on station-
ary diesel engines for several reasons. First, the
wide number of domestic diesel models in place
allows a range of retrofit considerations to be
evaluated. Second, a nhumber of tests are under-
way around the country using dual-fuel diesels
fired with 80 percent producer gas and 20 per-
cent diesel oil. European firms have offered effi-
cient commercial producer gas/diesel packages
capable of continuous operation on 90 percent
gas/10 percent diesel oil since World War 1.
Third, a large number of functional diesel power-
plants are standing idle because of high oil prices.
A recent survey showed that more than 70 lowa
communities have diesel generators with a total
capacity of over 300 MW that operate at an aver-
age capacity factor of less than 2 percent (22).

Finally, the projects will use corn cobs as the
feedstock because this is a relatively plentiful,
clean fuel with a low ash and sulphur content.
Moreover, they require no special handling (e.g.,
baling, chopping) and they are easy to gather and
store. * Other possible biomass gasification com-
binations for cogeneration include other types of
organic wastes (e.g., crop residues, wood waste)
and wood from excess commercial forest produc-
tion or intensively managed tree farms.

Cost estimates for this project are shown in
table 47. Two rural test sites designed to demon-

*For an in-depth analysis of the technical, economic, and en-
vironmental considerations related to the use of crop residues as
a fuel or feedstock, see Energy From Biological Processes
(OTA-E-124, July 1980).

Table 47.—Model Community Gasification/Diesei
Eiectric Generation Energy Cost Estimate

Operating data from the fuel rate calculations:

Energy output: Maximum, 1,000 kW; average, 750 kW

Gas input for electrical powec 10.18 MMBtulhr

Solid fuel input for electrical power: 1,810 Ib/hr

Fuel oil input for electrical power: 0.825 MMBtulhr at 7.5
percent of total energy input (5.9 gal/hr)

Costs-gasiWr plant:

Equipment:
Gasifier system .. ................ $259,610
Installation . . .................... 64,800
Capital costtotal . . ............... 324,410

Annualized at 5°/0 for 20 years . . . $33,670
Diesel retrofit @ $150/kW . ... ... .. 150,000
Annualized at 8.25% for 20 yrs. . . 15,564

Insurance at 2.5°/0 of plant cost . . . . __ 6,490
Total fixed costly r............ $55,724
@ 6,570,000 kWh/yr, fixed cost = $0.0085/kWh
Operational cost
6,570 hr/yr, operating at 75°/0 capacity:
Fuel handler, 1 person, 40 hr/wk, w/fringes . . . .. 31,200
Maintenance charge @ 5°/0 of plant cost . ... ... 16,200
Fuel costs:
Diesel oil @ $1.15/gal x 38,716 gal . ... .. .. 44,523
Corn cobs at 18.80/T x 5979 Tlyr . . .. ... .. 112,400
Total operational costs .. .................. $204,323
6.57 MMkWh/yr, operational costs/kWh = $0.0311
Total coSt . ... ov v $0.0396/kWh

Cost of hot producer gas from gasifier
Operating at 90°/0 capacity; with gas conversion efficiency

of 850/0
1,810 Ib cobs/hr x 8,760 hr x 0.90 = 7,135 Tlyr @
$18.80~=(fuel) . . ... $134,138

Labor, maintenance, amortization, Insurance. . 87,560
Total cost. .$221,698(7,135 T cobs x 15 MMBtu x 0.85
efficiency) = $2.441 MMBtu

SOURCE: J. J. O'Toole, et al., “Corn Cob Gasification and Diesel Electric Genera-
tion,” in Energy Technology VIII: New Fuels Era Richard F. Hill (cd.)
(Rockville, Md.: Government Institutes, Inc., 1981).
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strate the technical and economic feasibility of
downdraft gasifiers using corn cobs to produce
low-Btu gas for diesels have been identified. The
sites (in lowa) have different diesel models and
usage patterns as well as different biomass re-
source concentrations (one town has a local
source of excess corn cobs, one must set up a
collection and transportation system on neighbor-
ing farms). Thus, the sites will allow a sensitivity
analysis on a wide range of variables, including
energy prices, Btu value, moisture content, farm-
er participation rate, and cob processing costs.
Economic modeling for the project will yield data
on agricultural production for the site, the quan-
tity of cobs used, the system kWh costs, emis-
sions, and energy balance. If these and other tests
yield positive results, then gasification of crop
residues could become an important source of
energy for diesel cogeneration in rural communi-
ties—one that enables those communities to use
existing local resources and equipment at a cost
competitive with energy from central station
powerplants.

A second rural cogeneration option is the an-
aerobic digestion of animal wastes to produce
biogas (a mixture of 40 percent carbon dioxide
and 60 percent methane). The national energy
potential of wastes from confined animal opera-
tions is relatively low—about 0.2 to 0.3 Quad/yr—
but other important benefits are that anaerobic
digestion also serves as a waste treatment proc-
ess and the digester effluent can be used as a soil
conditioner, or dried and used as animal bedding,
or possibly treated and used as livestock feed.
Digesters for use in cattle, hog, dairy, and poultry
operations are now available commercially and
are being demonstrated at several sites in the
United States. * Wastes from rural-based indus-
tries (e.g., whey from cheese plants) also are be-
ing used as a feedstock for farm-based digesters.

In a typical digester system (see fig. 60), a set-
tling pond is used to store the manure prior to
digestion. The digester consists of a long tank into
which the manure is fed from one end. After sev-
eral weeks, the digested manure is released at
the other end and stored in an effluent lagoon.

*For a detailed analysis of anaerobic digestion of animal waste,
see Energy From Biologica/ Processes (OTA-E-1 24, July 1980).

SOURCE: Office of Technology Assessment.

Gas exits from the top of the digester tank, the
small hydrogen sulfide content is removed if nec-
essary, and the biogas is used to fuel an internal
combustion engine that drives an electric gener-
ator. The system supplies electricity for onsite use
(or for export off-sit@. The heat from the engine
can be used onsite for a variety of purposes, in-
cluding heating the animal shelter or a green-
house (that could also use the soil conditioning
effluent), or for crop drying, or even residential
space heating.

Finally, it should be noted that the above appli-
cations can be combined in farm energy com-
plexes that integrate methane and alcohol sys-
tems so that waste heat and byproducts are uti-
lized more fully. For example, the waste heat
from generating electricity with biogas can be
used in alcohol production, while spent beer
from the distilling process can be used as a di-
gester feedstock. Moreover, the waste heat from
a generator often is used to help maintain an
optimum digester temperature.

Summary

Significant energy and economic savings can
be achieved with cogeneration in rural areas.
Communities can improve the economics of op-
erating small powerplants by recovering waste
heat for use in distilling ethanol, drying grain or
wood; heating homes, greenhouses, or animal
shelters, and other applications; or by retrofitting
existing powerplants to accommodate alternate
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fuels. In addition, significant oil savings can be
achieved if the cogenerator uses alternate fuels
or replaces two separate oil-fired systems.

Although the rural cogeneration potential is not
so large as that in industry and urban applications,
the cost and fuel savings can be very important
for farms and rural communities. in rural econo-
mies, much of the gross income escapes the local
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Chapter 6
Impacts of Cogeneration

ENVIRONMENTAL EFFECTS OF COGENERATION

The major environmental issue that has arisen
from the promotion and deployment of cogen-
eration technologies concerns whether the
widespread use of cogeneration may lead either
to improved or degraded air quality. This issue
is especially critical in urban areas, where air
guality may not be in compliance with national
ambient standards or where the allowable margin
for additional emissions may be small. A corollary
issue, also critical for urban areas, concerns the
relative value of promoting cogeneration by eas-
ing environmental standards. Examples of sug-
gested regulatory changes designed to favor
cogeneration include basing emission standards
on energy output rather than (currently used) fuel
input, * and awarding emissions “offsets™**
created by the cogenerator’'s substitution of
cogenerated electric power for utility-generated
electric power. Clearly, the issues are intercon-
nected, because cogeneration’s effect on air
quality will provide a powerful argument for or
against any changes in environmental standards.

This analysis of the environmental effects of
cogeneration focuses on these air quality issues,
with a final section devoted to other potential im-
pacts (such as noise). First, cogeneration is char-
acterized according to a list of attributes that af-
fect air quality. These attributes are then dis-
cussed qualitatively and, to the extent possible,
quantitatively. Next, a series of cogeneration ap-
plications are evaluated to determine their “emis-
sions balances:” the net emissions increases or
decreases in the total system (the utility grid plus
local heat and electricity sources), and the net
changes at the cogenerator site. Then, an evalua-
tion of an existing air quality study of cogenera-
tion is presented, followed by discussions of emis-

*Because a cogenerator produces more usable energy per unit
of fuel consumed than a similarly sized electric generator using the
same technology, an output-based standard would allow the co-
generator to emit more pollutants per unit of fuel consumed and
thus incur lower pollution control costs.

**New sources attempting to locate in an area that has not at-
tained Federal ambient standards must obtain pollution “offsets”
(i.e., reduced emissions), from existing sources in the area so as
not to increase total emissions.

sion controls and the health effects of exposure
to the major pollutants emitted by cogenerators.
The air quality evaluation concludes with a dis-
cussion of the potential air quality concerns as-
sociated with advanced cogeneration technolo-
gies and an analysis of some suggested policy op-
tions for promoting cogeneration by easing en-
vironmental regulations. The chapter ends with
a discussion of other potential impacts of
cogeneration, including water discharges, solid
waste disposal, noise, and cooling tower drift.

Characteristics of Cogeneration
Systems and Their Effects on Air Quality

The deployment of cogeneration systems may
involve a number of changes in the physical char-
acteristics of electricity generation and (useful)
heat or steam production. These physical changes
may, in turn, alter the magnitude and dispersion
characteristics of emissions from these activities.
The result will be a change in air quality.

At a minimum, cogeneration will increase fuel
efficiency by replacing separate devices produc-
ing either electricity or thermal energy with a
single device providing both. Thus, less fuel
would have to be burned to produce the same
energy. Cogeneration may involve merely the ad-
dition of waste heat capturing equipment to ex-
isting electric generators, or the addition of tur-
bines to existing steam producers; in this case,
cogeneration technology is different from only
one of the separate technologies. However, many
cogeneration systems use technologies different
from both the separate electricity generator and
heat or steam producer. Cogeneration systems
generally are different in scale from separate
electricity and thermal energy systems; for virtual-
ly all applications except simple additions of
waste heat recovery equipment, they are smaller
in scale than the central electricity generating
systems they substitute for, and in many applica-
tions they are larger in scale than the thermal
energy systems. Cogeneration systems often use
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a different fuel from either or both systems they
replace, and often they have a different loca-
tion—usually closer to the electricity demand
source, at times slightly farther away from the
thermal demand sources.

Table 48 summarizes the separate impact on
air quality of each of these cogeneration charac-
teristics, assuming all other factors remain the
same. For example, a reduction in fuel burned
will lead to decreased emissions and improved
air quality if everything else remains the same.
Usually, however, lots of things have changed.
For example, the substitution of several small
cogenerators for a central power station may
imply:

- fewer controls, because most regulations in-

crease in stringency as size increases;

- lower stacks, which have greater impacts on

ground level air quality per unit of emission;

- dispersal of powerplant emissions sources—

i.e., more sources with lower emissions from
each separate source;

- different technology-e. g., diesels instead of

fossil boilers and gas-fired furnaces;

- use of a different fuel—e.g., diesel fuel used

instead of coal and natural gas.

The complex mixture of effects in this example
and in table 48 implies that cogeneration as a
general concept cannot be characterized easily
as environmentally beneficial or adverse. A more
detailed exploration of cogenerator characteris-
tics is necessary in order to identify those cir-
cumstances where the environmental value of co-
generation can be defined less ambiguously.

Increase in Fuel Efficiency

As noted above, all near-term cogeneration ap-
plications involve the use of a fuel burning tech-
nology that produces both electricity and ther-
mal energy, and that substitutes for a separate
electric generator and thermal system. Although
most applications involve a change in the scale
of electricity generation (from central station to
inplant generation) and many involve a basic
technology change as well (e.g., steam turbines
to diesels), combining the production of both
electric and thermal energy in one unit creates
a substantial energy savings by itself. For exam-
ple, using a diesel cogenerator in place of a diesel
electric generator and an oil-fired furnace can
reduce total fuel use by at least 25 percent if
three-quarters of the potentially usable heat can

Table 48.—Effect of Cogeneration Characteristics on Air Quality

Technological characteristic

Direct physical effect

Effect on air quality
(positive or negative)

1. Increased efficiency

2. Change in scale (usually
smaller for electric generation,
at times larger for heat/steam
production)

Reduction in fuel burned

Change in pollution control
requirements (stringency
increases with scale)

Change in stack height and
plume rise (increases with

Positive
Negative for electric
Positive for heat

a

Negative for electric
Positive for heat

3. Changes in fuel combustion
technology

4. Change of fuels

scale)

Changes in design, combustion
control

Changes in emissions
production, required controls,
types of pollutants, physical
exhaust parameters

Change in emissions
production, type of
pollutants

5. Change of location (most often Change in emissions density

for electric generation)

and distribution—electric
power more distributed, heat/
steam may become more
centralized

Mixed

Mixed

Mixed

Mixed

aThe air quallty effect of replacing the electric power component of the conventional system with the electric component

of the cogeneratlon ayetem is negative.
SOURCE: Offlce of Technology Assessment.
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be recovered* (11). Similar savings can be
achieved by using a gas turbine cogenerator in
place of a gas turbine electric generator and a
separate furnace. Substitution of a steam electric
cogenerator for a steam electric generator and
separate low-pressure steam boiler can reduce
fuel use by 15 percent (42).

Such substitutions may lead to substantial re-
ductions in total emissions because they eliminate
emissions from the heat source. For example, a
diesel cogenerator could reduce sulfur oxide
(S0,) emissions by about 0.1 Ib for every 100 kilo-
watthours (kWh) of electricity it generated, by
displacing oil heat using 0.2 percent sulfur dis-
tillate oil. Similarly, a gas turbine cogenerator
could reduce nitrogen oxide (NO,) emissions
from a displaced oil-fired industrial boiler by 0.3
Ib/loo kWh (see app. B for emissions informa-
tion). In some cases, however, fuel used—and
thus emissions generated—by the cogenerator to
produce thermal energy and electricity may be
greater than for electricity generation alone, and
theoretically total emissions could increase if the
separate thermal system that is displaced were
a particularly clean one. A coal or residual oil-
fired steam turbine that was used for both elec-
tricity and space or process heat, for example,
would add to total SO,emissions if it replaced
a similarly fueled electric generator and a separate
heat system that used gas or low sulfur distillate
oil.

Aside from any benefits attained by reducing
emissions at the fuel combustion source, the
cogenerator should be credited with environmen-
tal benefits from the remainder of the fuel cycle—
i.e., the benefits of extracting, refining, and
transporting less fuel. For example, reducing the
use of oil for heating is most likely to reduce the
impacts of importing and refining crude oil and
transporting the refined product from refinery to
market area. These impacts include spills of the
crude and refined product and a number of pollu-
tion problems generally associated with refineries.
These benefits must be balanced by any negative
effects related to increased fuel transportation re-
quirements for multiple cogeneration units.

® The reduction is 27 percent assuming a heat rate for the diesel
of 10,700 Btu/kWh, potentially recoverable heat of 4,300 Btu/kWh,
furnace efficiency of 80 percent.

Quantification of these costs and benefits is not
attempted in this report, but it is important not
to forget that they exist. In fact, as the more ac-
cessible fuel reserves become exhausted and ex-
traction becomes more difficult and potentially
more damaging, the magnitude of the potential
benefits will grow.

Different Technology and Fuel

Although the alternative to a cogeneration sys-
tem can be the identical electricity generating
technology (without heat recovery) with a sep-
arate thermal energy source (boiler or furnace),
often a cogeneration system replaces a complete-
ly different (usually large-scale centralized) elec-
tric generation technology. A common example
is a cogenerator with diesel or gas turbine tech-
nology being used in place of electricity supplied
by a central oil- or coal-fired steam or nuclear
steam generating plant. Also, the smaller cogen-
eration systems typically use cleaner fuels (dis-
tillate oil or natural gas) than central station fossil
plants (coal or residual oil). The technological and
fuel differences both create sharp differences in
emissions rates.

Table 49 displays typical levels of uncontrolled
emissions from the three major competing cogen-
eration technologies; the steam turbine also
represents the technology used in most central
station powerplants. Although the same fuel is
assumed, there are substantial differences in
NO,and carbon monoxide (CO) emissions, and
small differences in particulate and hydrocarbon
emissions. The magnitude of uncontrolled SO,
emissions is not technology-dependent because
essentially 100 percent of the sulfur in the fuel
is converted to SO, regardless of the technology.

Table 49.—Uncontrolled Emissions of Competing
Combustion Technologies Using the Same
Fuei, in Pounds/MMBtu Fuei input
(using 0.2% sulfur distillate oil

N O, Particuiates CO HC SO,

Low-speed diesei’. . 3.48 0.07 0.91 0.10 0.20
Gas turblne’. ... ... 0.90 0.02 0.04 0.20
Steam turbine’. . ... 0.16 0.01 0.04 0.01 0.20
aBased onsa ES-WEU tedave ngsmr large-bore dlesels, in Environmental pro-

tection Agency (39).
bBased on Environmental Protection Agency (40) and particulate emissions data

from a GE 7821B combustion turbine.
cBased on Environmental Protectlon Agency (38).

SOURCE: Office of Technology Assessment.
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A shift from central station electricity to diesel
or gas turbine generation generally will be accom-
panied by a substantial increase in NO-, emis-
sions. CO emissions also will increase significantly
with diesel generation. As discussed later, how-
ever, significant differences in efficiencies and
emission rates among diesels and gas turbines of
different sizes, configurations, and manufacturers
make it imperative that considerable caution be
used in applying “average” emission factors and
efficiencies to analyses of cogeneration impacts.

Aside from their relatively high levels of NO,
and CO emissions compared to alternative com-
bustion technologies, diesel cogenerators face the
additional problem of producing particulate emis-
sions that appear to have a possibility of causing
adverse health effects because of their chemical
makeup. The potential effects of these par-
ticulate are discussed below in the section on
health effects.

Diesel and gas turbine cogenerators must use
cleaner fuels (primarily distillate oil or natural gas)
than those burned in fossil-fueled powerplants
(generally coal or residual oil), yielding emission
benefits to the cogenerators. * Natural gas, for ex-
ample, contains virtually no sulfur, and distillate
oil may contain only 0.1 or 0.2 percent sulfur
compared with more typical 1 percent sulfur
residual oil and 1 to 5 percent sulfur coal; SO,
emissions are roughly proportional to these
percentages. Although scrubbers will be used on
newer utility powerplants, substantial differences
among technologies in expected SO, emissions
will remain.

Fuel choice is also important for particulate and
NO, emissions, even though widely required par-
ticulate controls may eliminate some of the dif-
ferences for particulate. The differences in un-
controlled industrial steam turbine NO, emis-
sions for coal, oil, and natural gas are displayed
below:

*However, if use of these fuels were supply limited, then their
use by cogenerators would have to be balanced by the withdrawal
of supply from an alternative combustion source. At the moment
there is no such limitation.

NO, emissions (Ib/MMBtu) (38):*

Coal (bituminous) . .. .. ....0.60
Oil (residual) . . ..........040
GasS ., . e 0.1 7

Because some large diesels (e.g., those in
marine applications) use residual oil, and others
are being developed that can use coal as well,
some of these “clean fuel benefits” may disap-
pear in the future as cogenerators begin to use
the same types of fuels as the powerplants they
displace.

Finally, fuel choice dictates the costs and ben-
efits associated with eliminating the environmen-
tal effects of exploring for, extracting, refining and
transporting the fuel used in the (displaced) con-
ventional system, and adding these effects for the
cogenerator fuel. Although many cogeneration
systems use natural gas and oil, which may have
fewer than or the same noncombustion environ-
mental costs per unit of energy as fuels used in
central station powerplants, cogeneration systems
based on steam turbines may use coal and dis-
place oil and natural gas. In these cases, cogen-
